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1. INTRODUCTION 

1.1 Definitions and Purpose 2 

This study presents BPA’s market price forecast for the WP-07 Final Supplemental Proposal, 

which is based on AURORA modeling.  AURORA calculates the variable cost of the marginal 

resource in a competitively priced energy market.  In competitive market pricing, the marginal 

cost of production is equivalent to the market-clearing price.  Market-clearing prices are 

important factors for informing BPA’s power rates.  AURORA is used as the primary tool for:  

(a) estimating the forward price for a portion of the DSI smelter payments; (b) estimating the 

uncertainty surrounding a portion of the DSI payments; (c) informing the secondary revenue 

forecast; and (d) providing a price input used for the risk analysis.  For information about the 

calculation of the secondary revenues, uncertainty around a portion of the DSI payments and the 

price input for the risk analysis, see FY 2009 Risk Analysis Study, WP-07-FS-BPA-12. 

 

1.2 AURORA Model Framework 14 

AURORA assumes a competitive pricing structure as the fundamental mechanism underlying the 

determination of wholesale electric energy prices during the term of this analysis.  Two 

fundamental inferences for energy pricing follow from the economic theory of market pricing.  

First, the price in any hour will approximate the variable cost of the marginal generating 

resource.  Second, the long-term average price will gravitate toward the full cost of a new 

resource. 

 

As noted above, the determination of hourly prices follows directly from economic market 

pricing theory.  Economic theory concludes that a firm will continue to produce additional goods 

or services as long as the revenue from the sale of those units covers the marginal cost.  A 
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competitive market will produce a quantity up to the amount consumers are willing to pay for 

marginal consumption that is equal to the marginal cost of production.  Therefore, the market-

clearing price is equal to the cost to produce the marginal unit for consumption.  For the 

electricity market, the hourly market-clearing price translates to the variable cost of the marginal 

electric generator. 

 

In the long term, when the amount of capital is not fixed, the average price will move toward the 

full cost of a new resource.  When prices are high enough to justify additional investment, the 

average investment cost will be lower than the average price.  Therefore, new resources will 

bring down the price.  When the long-term average price outlook is lower than the average cost 

of a new resource, new resources will not be built.  In this case, demand growth will move prices 

up the supply curve until new resource investment is profitable. 

 

Since long-term prices will gravitate toward the cost of new resources, the assumptions 

concerning the cost of a new resource will have an important impact on the long-term price 

forecast.  It is projected that the bulk of new electric power generation will be combined-cycle 

combustion turbines (CCCT), given the costs of current technologies.  Another important factor 

is the load forecast.  The load forecast will affect how quickly prices move up the supply curve 

and reach the point where investment in new resources is profitable. 

 

Economic theory also concludes that until prices reach the level where new resource investment 

is profitable, excess capacity will decline.  A decline in excess capacity will tend to exacerbate 

price increases in those periods when relatively less surplus capacity is available; i.e., the peak 

pricing months and heavy load hour periods. 
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2. METHODOLOGY 

2.1 Overview 2 

The principal tool used in this analysis is an electric energy market model called AURORA.  

AURORA is owned and licensed by EPIS, Incorporated (EPIS).  Production costing is a major 

component of AURORA’s functions.  Production cost models are widely used in the electric 

power industry for such things as forecasting electricity prices.  Production cost models follow a 

general structure, and AURORA is consistent with this structure. 

 

To describe AURORA’s methodology, it is helpful to distinguish between two main aspects of 

modeling the electric energy market:  the short-term determination of the hourly market-clearing 

price and the long-term optimization of the resource portfolio. 

 

2.2 Hourly Price Determination 13 

The hourly market-clearing price is based upon a fixed set of resources dispatched in least-cost 

order to meet demand.  The hourly price is set equal to the variable cost of the marginal resource.  

AURORA sets the market-clearing price using assumptions on demand levels (load) and supply 

costs.  The supply side is defined by the cost and operating characteristics of individual electric 

generating plants, including resource capacity, heat rate, location, and fuel price. 

 

AURORA recognizes the effect that transmission capacity and prices have on the ability to move 

generation output between areas.  BPA’s implementation of AURORA recognizes 13 areas 

within the Western Electricity Coordinating Council (WECC, formally called the WSCC), 

defined by rated transmission paths. 
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2.3 Long-Term Resource Optimization 1 

The long-term resource optimization feature within AURORA allows generating resources to be 

added or retired based on economic profitability.  Economic profitability is measured as the net 

present value of revenue minus the fixed and variable costs.  A potential new resource that is 

economically profitable will be added to the resource inventory.  An existing resource that is not 

economically profitable will be retired from the resource inventory. 

 

In reality, the market-clearing price (hence the profitability of a resource) and the resource 

inventory are interdependent.  The market-clearing price will affect the revenues any particular 

resource will receive, and consequently, which resources are added and retired.  In parallel, 

changes in the resource inventory will change the supply cost structure and will therefore affect 

the market-clearing price.  AURORA uses an iterative process to address this interdependency. 

 

AURORA’s iterative process uses a preliminary price forecast to evaluate existing resources and 

potential new resources in terms of economic profitability.  If an existing resource is not 

profitable, it becomes a candidate for retirement.  Alternatively, if a potential new resource is 

economically profitable, it is a candidate to be added to the resource inventory.  In the first step 

of the iterative process, a small set of new resources is drawn from those with the greatest 

profitability and added to the resource inventory.  Similarly, a small set of the most unprofitable 

existing resources is retired.  This modified resource inventory is used in the next step in the 

iterative process to derive a revised market-clearing price forecast.  The modified price will then 

drive a new iteration of resource changes.  AURORA will continue the iterative solution of the 

resources inventory and the market-clearing price until the difference in price between the last 

two iterations reaches a minimum and the iterative process converges to a stable solution. 
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2.4 Application of AURORA for Informing Rate Setting 1 

For estimating the forward price for a portion of the DSI smelter payments, AURORA was run 

in an hourly deterministic mode, holding the natural gas price and the load forecast constant, 

while assuming average hydroelectric conditions.  AURORA produced forecasts of hourly prices 

for October 1, 2008, through September 30, 2009, that were used to compute average annual 

prices.  The prices were used to estimate the forward prices for a portion of the DSI smelter 

payments and can be found in the documentation for the FY 2009 Market Price Forecast Study, 

WP-07-FS-BPA-11A.  For informing the secondary revenue forecast, AURORA was run in a 

probabilistic mode.  When running the probabilistic forecast for secondary revenues for the base 

rates, BPA ran 50 different games, reflecting hydro conditions for the 50 water years from 1929 

through 1978.  BPA kept the load conditions and natural gas prices constant.  The average prices 

of the 50 different games can be found in the FY 2009 Market Price Forecast Study 

Documentation, WP-07-FS-BPA-11A.  To determine the price input for the risk run analysis, 

BPA altered hydro conditions, load conditions, and natural gas prices.  BPA ran 3,000 different 

games for the risk run analysis.  Both the secondary revenue forecast and the risk run analysis 

produced monthly HLH and LLH prices for October 2008 through September 2009.  The 

FY 2009 Market Price Forecast Study Documentation, WP-07-FS-BPA-11A, presents the 

average prices of the 3,000 games.  The FY 2009 Supplemental Risk Analysis Study, 

WP-07-FS-BPA-12, includes additional information about the secondary revenue forecast and 

the risk run.   

 

As stated in Petty, et al., WP-07-E-BPA-11, the loads in Oregon, Washington, and Northern 

Idaho were decremented by approximately 2,500 aMW to reflect the fact that BPA does not 

participate in a market that has an exact hourly marginal clearing price.  Instead, BPA markets 

power in a bilateral market in which parties are not assured of receiving the highest hourly 

marginal clearing price.  This decrement was done only in the secondary revenue forecast and 

the risk run. 
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3. MARKET PRICE FORECAST ASSUMPTIONS 

3.1 Overview 2 

Three primary drivers are relevant to the price forecast:  the load forecast; the natural gas price 

forecast; and assumptions about hydroelectric generation conditions.  The load forecast 

determines where on the supply curve the marginal price will occur.  Natural gas prices will 

generally determine the variable cost of the resource on the margin that sets the marginal 

clearing price.  Hydroelectric generation conditions determine the amount of hydroelectric 

generation that can be used to meet loads and thus add to the location on the supply curve where 

the marginal price is reached.  The assumptions for the load forecast, natural gas prices, and 

hydro conditions are described in detail below.  A number of other relevant factors are also 

discussed.  The FY 2009 Market Price Forecast Study Documentation, WP-07-FS-BPA-11A, 

lists additional data and assumptions used to run AURORA for this study.  

 

3.2 Load Forecast 14 

The load forecast for AURORA consists of four parts:  the base-year load forecast; the annual 

average growth rate; monthly load-shape factors; and hourly load-shape factors.  The base-year 

load forecast determines the starting level for the loads.  The annual average growth rate 

increases the loads from year to year.  The monthly load-shape factors shape the annual loads 

into monthly loads.  The hourly load-shape factors then shape the monthly loads into hourly 

loads. 

 

3.2.1 Base-Year Load Forecast 22 

For the base-year load forecast used in AURORA, BPA relied on the WECC 10-Year 

Coordinated Plan Summary (2006-2015) load forecast.  The WECC forecasts loads for four 

regions:  the Northwest Power Pool Area; the California-Mexico Power Area; the Rocky 



 
WP-07-FS-BPA-11 

Page 7 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 

Mountain Power Area; and the Arizona-New Mexico-Southern Nevada Power Area.  Figure 1 

represents these regions. 

Figure 1:  2006 WECC Regions 

 

 

 

 

 

 

 

Where: I = Northwest Power Pool Area 

 II = Rocky Mountain Power Area 

 III = Arizona-New Mexico–Southern Nevada Power Area 

 IV = California-Mexico Power Area 

The four WECC regions were converted into 13 AURORA areas for BPA’s forecasts.  A 

description of the process follows.  Table 1 represents the 13 AURORA areas: 

Table 1:  AURORA Areas 

 AREA NUMBER AREA NAME SHORT AREA NAME 
 1 Oregon/Washington/Idaho North OWI 
 2 Northern California NoCA 
 3 Southern California SoCA 
 4 British Columbia BC 
 5 Idaho South IDSo 
 6 Montana MT 
 7 Wyoming WY 
 8 Colorado CO 
 9 New Mexico NM 
 10 Arizona/Nevada South AZNV 
 11 Utah UT 
 12 Nevada North NVNo 
 13 Alberta AB 
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The methodology used to convert the WECC regional loads can be seen in the following 

example.  With the Northwest Power Pool Area, the loads in the original EPIS AURORA 

database for OWI, BC, IDSo, MT, UT, NVNo, and AB were summed to produce an aggregate 

total load.  The loads for OWI, BC, IDSo, MT, UT, NVNo, and AB were each divided by the 

aggregate total load to develop individual percentages.  The individual percentages were then 

applied to the aggregate WECC regional load forecast for the Northwest Power Pool Area 2008 

load forecast for AURORA areas OWI, BC, IDSo, MT, UT, NVNo, and AB.  This procedure 

was then repeated for each of the other WECC regions to derive each of the AURORA area 2008 

base-load forecasts.  For this study, the PNW is synonymous with the OWI, IDSo, and MT areas. 

 

3.2.2 Annual Average Growth Rate 11 

BPA used the average annual growth rates from the WECC 10-Year Coordinated Plan Summary 

(2006-2015).  BPA used these WECC regional growth rates to reflect its prediction that loads 

will grow at different rates in the different WECC regions.  Table 2 shows the WECC annual 

growth rates used for the load forecast: 

 

Table 2:  Load Forecast Annual Average Growth Rate in Percents 
 Area: NWPA RMPA AZ/NM/SO NV CA-MX 
 2009 2.2 2.3 3.1 2.1 

 

BPA applied the annual average growth rate to the base load forecast to determine the load 

forecast over time. 

 

3.2.3 Monthly and Hourly Load-Shaping Factors 24 

BPA used the EPIS default AURORA database labeled North American DB2008-01 to derive 

the monthly load-shaping factors for converting the annual load forecast into a monthly load 

forecast.  AURORA multiplies the monthly shaping factor by the annual load forecast to derive 
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the monthly load forecast.  BPA used the default AURORA hourly load-shaping factors for 

converting the monthly load forecast into an hourly load forecast. 

 

3.3 Natural Gas Prices 4 

3.3.1 Methodology for Deriving AURORA Area Natural Gas Prices 5 

In order to forecast electricity market prices, BPA forecasts natural gas prices for gas delivered 

to electric generators in each AURORA area.  BPA first forecasts natural gas prices at Henry 

Hub, Louisiana.  Henry Hub is frequently referenced as a touchstone for North American gas 

prices and is the most liquid natural gas futures market. 

 

The next step is to forecast the basis, or price differential, between Henry Hub and three primary 

natural gas hubs in the west.  These hubs represent production basins that are the source for most 

of the natural gas delivered in the western United States.  The Western Canada Sedimentary 

Basin is represented by the Sumas, Washington Hub.  The collection of Rocky Mountain supply 

basins is represented by the Opal, Wyoming Hub.  The San Juan Basin is represented by the 

Ignacio, Colorado Hub.   

 

The final step is to estimate the price differential between the western trading hubs and the 

associated AURORA area.  The hub associated with each area is the hub that tends to be the 

source of marginal gas supply in that area and therefore the hub that has the highest price 

correlation to prices in the local area.  The Sumas Hub is associated with the Pacific Northwest 

and Northern California areas.  The Opal Hub is associated with Montana, Idaho South, 

Wyoming and Utah.  The San Juan Hub is associated with Nevada, Southern California, Arizona, 

and New Mexico. 
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In summary, the forecast begins with a price forecast for Henry Hub.  The price difference 

between Henry Hub and each western hub is then forecast.  The final step is a basis forecast 

between the western hub and its associated AURORA area.  The values of these price 

differentials are described in Section 3.3.4. 

 

3.3.2 Current Natural Gas Market Price Trends 6 

Natural gas prices are falling rapidly at the time of the analysis presented in this Study.  From 

late June to mid-August, the Sumas price fell over 35%.  The NYMEX futures market for 

FY 2009 similarly fell over 30% during this time.  The sharp decline in prices is shown in 

Figure 2, which overlays data for four fiscal years.  

 

Figure 2:  Historic Henry Hub Gas Prices 
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3.3.3 Natural Gas Market Fundamentals 1 

A number of factors contribute to the recent decline in natural gas prices.  U.S. economic growth 

has slowed, depressing natural gas demand.  In addition, falling oil prices have exerted 

downward pressure on gas prices, and natural gas production has surged. 

 

U.S. economic growth has slowed recently, which also has depressed natural gas demand.  The 

quarterly growth rate for the U.S. GDP (seasonally adjusted, real dollars) for the first three 

quarters of FY 2008 averaged only 0.9%.  For FY’s 2005, 2006, and 2007, the same rate ranged 

between 2.4% and 3.0%.  Natural gas demand is relatively sensitive to economic trends as the 

two gas demand sectors with the highest income elasticity (i.e., the effect of rising or falling 

incomes causing consumption to rise or fall) are the industrial and electric utility sectors, which 

make up over half of all natural gas consumption in the U.S. 

 

Falling oil prices have also put downward pressure on natural gas prices by affecting fuel-

switching potential and some global LNG prices, which are linked to oil prices.  From mid-July 

to mid-August, crude oil prices fell approximately 20%.  As crude oil prices have fallen, so have 

prices for fuel oils that can be substitutes for natural gas.  The decline in fuel oil prices has eased 

pressure on natural gas prices and has contributed to the price decline. 

 

Natural gas production has surged recently.  In May 2008, U.S. natural gas production was 

higher than it had been since 1980.  Much of this expanded growth in production has come from 

unconventional production such as shale gas.  The potential for unconventional production is 

large, and this recent growth in production is very possibly a longer-term trend.  The Energy 

Information Administration (EIA) noted this surge in production and described this as a recent 
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break with historical trends.  Figure 3 below summarizes the information from the June 2008 

EIA report, “Is U.S. Natural Gas Production Increasing?”2 

 

Figure 3:  Historic US Natural Gas Production 

 

 

 

 

 

 

 

 

 

 

 

Current trends for the fundamentals of a slow economy, weakening oil prices and growing 

natural gas production show little evidence of reversing before the end of FY 2009.  Based on the 

pattern of these market fundamentals, a realistic scenario exists for a continuing decline in 

natural gas prices from recent levels.  BPA’s forecast of the Henry Hub prices for FY 2009 is 

$7.50/MMBtu. 

 

A forecast of $7.50/MMBtu is at the low end of the range of recent forecasts noted in Natural 

Gas Week’s collection of natural gas price forecasts3.  This range was from $7.50/MMBtu to 

$12.25/MMBtu for FY09 Henry Hub prices.  However, this information was dated July 28, 2008 

 
2 http://tonto.eia.doe.gov/energy_in_brief/natural_gas_production.cfm 
3 Natural Gas Week’s Price Forecast Scoreboard. Natural Gas Week, July 28, 2008. 
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and forecasts published on this date have not reflected the price declines in August 2008. 

Therefore BPA’s forecast is within a range of reasonable forecasts, and it is consistent with 

current market information. 

 

3.3.4 The Forecasts of Basis Differentials 5 

The western hub basis forecast is shown in Table 3.  The values in Table 3 indicate the forecast 

difference between Henry Hub and the western hub.  A negative number indicates that the price 

at the western hub is less than the price at Henry Hub.  These forecasts are based on historic data, 

transportation cost of natural gas, and the outlook for pipeline expansions. 

Table 3:  Price Differentials Between Henry and the Western Hubs 
    FY 2009 Western Hub Basis ($/MMBtu) 
    Sumas  Opal  Ignacio 
    -0.51  -1.03  -0.69 

The next step in the natural gas price forecast is to link the western hubs to the AURORA areas.  

Table 4 shows these pricing differentials.  For AURORA’s analysis, all values are shown in real 

(inflation-adjusted) dollars for the year 2000.  Table 4 lists the three western hubs and their 

associated AURORA area below.  The value for each AURORA area is the basis differential 

between the western hub and the AURORA area. 

 

Table 4:  Price Differentials Between Hubs and AURORA Areas 

 AURORA Area to Western Hub Differential 
 Price Differential (2000$/MMBtu) 
 Sumas Opal San Juan 
 PNW 0.23 UT 0.35 CO 0.36 
 N.Cal 0.31 WY 0.40 S.CA 0.47 
   MT 0.33 AZ 0.41 
   ID 0.35 NM 0.33 
   N.NV 0.46 S.NV 0.46 
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The AURORA area gas price forecast is derived by taking the western hub price and adding the 

differentials given in the above table.  In addition, $0.25/MMBtu (real 2000$) is added for fixed 

transportation costs.   

 

3.4 Hydroelectric Generation 5 

For the market price forecasts, AURORA was supplied hydroelectric generation levels for the 

PNW area from the FY 2009 Load Resource Study, WP-07-FS-BPA-09.  For the California area, 

hydroelectric generation conditions were supplied from RiskMod.  For the PNW, 50 water years 

were used for the variation in hydroelectric conditions.  For the California area, 18 years of 

historical hydroelectric generation levels were used for determining hydroelectric generation 

variability.  For the remaining areas, AURORA default values were used. 

 

3.5 Generating Resource Update 13 

BPA added generating resources to be consistent with the most current data available.  BPA 

updated actual resources that BPA expected to be operating through the end of 2009.  For 2008 

and beyond, BPA also let AURORA determine which generic resources would be added or 

deleted within the AURORA database.  A complete listing of all the resources can be found in 

the FY 2009 Market Price Forecast Study Documentation, WP-07-FS-BPA-11A. 

 

3.6 Other Assumptions 20 

For the market price forecasts, BPA used AURORA version 5.6.33.  For the assumptions not 

mentioned above, BPA used the default data supplied with version 5.6.33. 
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