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State of the Markets Report

PREFACE

This is the Federal Energy Regulatory Commission’s third State of the Markets Report.
Produced by the Commission’s Office of Market Oversight and Investigations (OMOI),
the report covers electric, natural gas, and other related energy market activity during 2004.
In contrast to seasonal assessments, which focus on the near future, this report examines
performance in the recent past. The State of the Markets Report presents findings regarding
market conditions relevant to the Commission and identifies emerging trends that may soon
require the Commission’s attention.

The Commission created OMOI in April 2002 to focus its efforts on energy market oversight.
Any errors in this report are the responsibility of OMOI alone and not of the Commission as a whole.

I want to commend the efforts of OMOI staff for this project.
Major contributors to this team effort are listed in the Acknowledgments.

A fair energy market is everyone’s responsibility. Please do your part. If you encounter
inappropriate energy market behavior, contact our Enforcement Hotline toll-free by telephone at
1-888-889-8030 or via e-mail at Hotline@FERC.gov.

Thank you,

William F. Hederman

Director
Office of Market Oversight and Investigations

We encourage readers to provide feedback on this report by | OMOI (State of the Markets Report)
filling out the State of the Markets Report Evaluation Card | FERC

at the end of the report, sending comments in an e-mail to | 888 First Street, N.E.
SOM.2004@FERC.gov, or by contacting staff referencedinthe | Washington, D.C. 20426
acknowledgments by mail or phone. 202-502-8100

2 Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations



State of the Markets Report

TABLE OF CONTENTS

Executive Summary 5
Markets Under Stress: New England Reacts to Record Cold 13
Electric Market Investment and Merger Trends 25
Energy Market Information 35
Market Behavior Rules: Effectiveness Review 45
National Overview 49
California (CAISO) 69
Midwest (MISO) 77
New England (ISO-NE) 83
New York (NYISO) 91
Northwest 99
PJM 105
Southeast 115
Southwest 121
Southwest Power Pool (SPP) 127
Texas (ERCOT) 131
National Overview 137
Natural Gas Trading 151
Midwest 157
Northeast 165
South Central 175
Southeast 185
Western 193
Overview 203
Coal 205
Demand Response 211
Emission Allowances 215
Energy Debt and Equity 221
oil 225
Weather 229
Wind 231
Glossary * Acronyms 237
Analytic Note on Net Revenue Calculations 247
Acknowledgments « Contacts 249
Evaluation Form 253

State of the Markets Report ® June 2005 3



4 Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations



EXECUTIVE SUMMARY

n2004, U.S. natural gas and electric markets responded

to broad upward price pressure as connections among
energy markets became tighter. In New England in
January, for example, a short, severe cold snap pushed
the operational connections between natural gas and
electric markets to the limit. During the year, financial
energy markets expanded as many participants found it
easier to enter the financial markets than the associated
physical natural gas and electric markets. Global influ-
ences on U.S. energy markets manifested themselves in
the form of higher oil prices and (early in 2005) in an
early but developing North Atlantic spot market for
natural gas.

Pricing

World oil prices rose 34 percent in 2004. This created
upward pressure on many energy commodity prices glob-
ally and affected energy markets in the United States. For
example,

* Average U.S. natural gas prices rose 7 percent nationally
from 2003 to 2004, following a rise of 68 percent from
2002 to 2003. Regional patterns persisted. Natural gas
prices were relatively higher in the Northeast and lower
in the West.

* Spot coal prices rose 69 percent for eastern (central
Appalachian) coal, and 7 percent for western (Powder
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River Basin) coal. Spot coal prices can influence electric
power prices significantly, because marginal generators
can choose to sell the coal or burn it to sell power.
Because large quantities of coal are purchased under
long-term contracts with specified prices, overall aver-
age prices for coal rose only 6 percent.

* Sulphur dioxide (SO:) emissions allowance prices rose
by 153 percent in 2004. SO: allowances were a major
input for coal-fired plants without scrubbers, adding as
much as $17.40 per MWh to a plant’s cost.

Electricity prices followed the pattern set by fuel and emis-
sions prices.

+ In most regions where natural gas tended to be on the
margin (e.g., New England, New York, Texas, and for
on-peak hours at PJM West) prices increased by less than
5 percent. Florida and California both depended heavi-
ly on natural gas, and their price increases were 8 to 12
percent on peak—higher than for other gas-dependent
areas.

« In areas where western coal tended to be on the margin
(e.g., the Southwest and Great Plains), on-peak price
increases were less than 6 percent.

* Where eastern coal (and associated emissions
allowances) tended to be on the margin, prices rose
more. In the Southeast and the Midwest, on-peak
power prices rose by 11 to 19 percent. Off-peak prices in
these regions increased even more, as much as 33 per-
cent. Similarly, at PJM West, where coal was more often
on the margin during off-peak hours, the average off-
peak price increase was 25 percent.

RTO markets continued to administratively adjust prices,
especially in reaction to market power concerns in
constrained areas.

Weather and Its Effects on Markets

Weather put little stress on energy markets during most of
the year. The winter of 2003-2004 was 6 percent warmer
than the previous winter, and the summer of 2004 was the
ninth coolest on record. There were two major exceptions
to this pattern.

* A cold snap in New England in January 2004 under-
scored the importance of tight integration between the
gas and electric markets during periods of stress.
Although the two markets successfully responded to the
severe weather, both industries subsequently analyzed
the event to learn how they could coordinate better in

the future.

* Hurricane Ivan hit producing regions of the Gulf Coast
in September, reducing overall gas production in the
United States by almost 1 percent. This probably con-
tributed to a price increase in October.

Investment

As awhole, the U.S. electric industry had significant over-
capacity in generation in 2004. Appropriately, the markets
signaled no need for new capacity nationally. At the same
time, specific constrained regions did not have adequate
capacity. These areas included Boston, southwest
Connecticut, New York City, New Orleans, much of south-
ern California, and the San Francisco Bay Area. Most of
these areas also saw prices too low to signal new investment.

« In regions without location-specific pricing, price
signals cannot distinguish between areas that need
capacity and those that do not. Such regions include
those outside regional transmission organizations
(RTOs); areas within RTOs that do not yet have RTO-
managed spot markets (Southwest Power Pool—SPP—
and the Midwest Independent System Operator—
MISO—in 2004); and zones within RTOs with zonal
pricing (California and Texas).

+ In New England, the independent system operator
(ISO-NE) took many generators “out of market” and
required them to run for reliability reasons, reducing
price signals. The practice of pricing generators individ-
ually was so common that almost no difference existed
between the market prices that ISO-NE published for
energy in areas that were constrained versus those with-
out constraints.

+ New York City prices were high enough to make invest-
ment marginally attractive under best-case assumptions.
In practice, much of the new capacity coming on line in
the city was being built by a state agency.

6 Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations



Executive Summary

Electric Regions with Pricing Nodes On-Peak Prices ($/MWh)
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« Southern California prices would have provided about
two-thirds of the revenue needed to justify investment,
despite widespread concerns about the adequacy of
reserves going into the next summer (2005).

In transmission, investment increased for the fourth year
in a row; up 69 percent since 2001. At the same time, few
new high-voltage lines came on line—931 circuit miles
nationally—compared with an overall system of more than
150,000 circuit miles.

The natural gas industry has responded to price signals
effectively for decades. Expenditures on exploration and
production were up 45 percent from the average of 2001
and 2002. The industry continued adjusting its pipeline
and storage infrastructure in 2004. Total expenditures
were lower than in 2003, mostly because there were few
projects to increase long-haul pipeline capacity after com-
pletion of the Kern River expansion in 2003.
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Regional Issues

Electric power remained an essentially regional commodity,
with markets that reflected regional institutions. About
two-thirds of the country (as a share of gross domestic
product) had adopted RTO models for organizing markets.
In 2004, SPP formed an RTO, MISO advanced toward suc-
cessfully implementing full RTO markets in 2005, and
ISO-NE filed to become an RTO. Other RTOs continued
to develop their markets.

The West (except California) and the Southeast constituted
two broad regions without RTOs. In the West, bilateral
markets have existed for years, and price quotations were
available from liquid trading points in both the Northwest
(mid-Columbia and the California-Oregon Border) and
the Southwest (Palo Verde, Four Corners, and Mead). In
the Southeast, markets were largely opaque—only the
“Into Entergy” pricing point provided published prices

State of the Markets Report ® June 2005 7
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2004 Locational Natural Gas Prices
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with reasonably high levels of liquidity. Elsewhere, pub-
lished price indices relied on few trades or substituted ana-
lytic judgment for reports of real trades.

A continental market for natural gas has existed in North
America for at least 15 years. In addition, a global long-term
contract market for liquefied natural gas (LNG) has been
growing. Entering 2005, there appears to be an emerging
North Atlantic spot market for gas as well. During February
and March, Western Europe experienced a natural gas
price spike. When LNG cargoes stopped arriving at Lake
Charles, reports followed that some cargoes had been
diverted to Europe—just as had happened in reverse in
recent years.
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Financial Markets

The financial aspects of energy markets became more
important in 2004.

Nontraditional buyers (mostly private equity and lenders
to distressed assets) acquired almost 30 GW of generation
in 2004, close to 5 percent of total capacity in the United
States and more than five times as much capacity as in
2003.

Financial trading on the IntercontinentalExchange (ICE)
rose by a factor of 10 for electric power. Although ICE rep-
resented only a fraction of all financial trading, the increase

8 Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations



Executive Summary

appeared to signal a significant increase in overall financial
trading of energy. This uptick was consistent with anecdot-
al reports of increasing hedge fund activity in energy mar-
kets. The effect of this trading on physical energy prices
was not yet clear.

In natural gas markets, physical and financial market prices
converged for most of the year. The exception was a period
during the fall when physical prices dropped because stor-
age was full.

During 2004, financial market players significantly
improved the efficiency with which companies could
address credit risk. Clearing arrangements let companies
net out their positions and deal with a single platform
instead of having to establish separate credit requirements
for each customer.

Information

Energy markets depend on reliable information about
prices and basic demand and supply conditions. In 2004,
confidence in energy price indices improved, but the natu-
ral gas industry remained vulnerable to a lack of informa-
tion about current supply and demand.

In the aftermath of the western energy crisis of 2000-01,
confidence faltered in energy markets in general and price
indices in particular. To address the situation, in 2003 and
2004, the Commission encouraged industry to improve the
index reporting process. By 2004, reporting companies had
better procedures in place to ensure accurate reports to
index publishers. Index publishers in turn reported far
more details about the indices (such as the number of
transactions and total volumes reported for a given price).
The Commission laid out requirements for indices to be
included in jurisdictional contracts, and many market
participants expressed greater confidence in using them.
Nonetheless, a rising price environment challenged the
new confidence, and pricing mechanisms remained under
close scrutiny by policy makers in Congress and elsewhere.

Timely natural gas supply information remained scarce. In
its absence, the Energy Information Administration (EIA)
storage estimate is the best available indicator of the overall
balance of supply and demand—even though it represents
a tiny proportion of gas being produced or consumed at any
given time. Late in November, one company’s clerical
error led EIA to underestimate storage injections for the
previous week. During the rest of the trading day, gas
prices rose by 15 percent. Because the reporting day hap-
pened also to mark the close of the Nymex December
futures contract and bid week for monthly physical deliver-
ies in December, the overall effects on the market were
large.

Guide to This Report

The report has four further sections:

* Essays. Analysis of four topics relevant to the energy
markets in 2004.

* Electric Power Markets. An overview and 10 detailed
regional profiles of electric power markets around the
country. The overview includes a short guide to the con-
tent of the regional profiles.

¢ Natural Gas Markets. An overview, a profile of nation-
al financial trading for natural gas, and five detailed
regional profiles. The overview includes a short guide to
the content of the regional profiles.

¢ Other Related Markets and Market Factors. Profiles of
other markets related to natural gas and electric power
markets, including coal, emissions trading, oil, petrole-
um, uranium, and wind; plus a review of 2004 weather.

We offer the State of the Markets Report as a resource for
interested policy makers, energy customers, suppliers,
traders, and interested members of the general public. We
have written this report so that a reader can go directly to
subjects of interest, as necessary.

State of the Markets Report ® June 2005 9
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2004 Issurs IN ENERGY MARKETS

| .-.I, l"_'f 31

This State of the Markets Report contains 4 essays: Markets Under Stress: New England Reacts to

Record Cold, Electric Market Investment and Merger Trends, Energy Market Information, and

Market Behavior Rules: Effectiveness Review.

State of the Markets Report  June 2005 11



Other Related Markets and Market Factors

OVERVIEW

Each essay considers a key issue affecting natural gas and electric markets in 2004:

Markets Under Stress: New England Reacts to Record Cold. On January 15 and 16, 2004, New England
faced its coldest weather since 1943. Both natural gas and electric markets responded successfully to the cold weath-
er. However, the stresses of meeting demand for both natural gas and electric power during the cold snap showed the
need for greater coordination between the two industries in the future.

Electric Market Investment and Merger Trends Investment was a central issue for the electric industry in
2004. Investment in transmission rose in dollar terms, but remained much lower than investment in generation and
few high-voltage lines were added. Price signals to build generation were appropriately low in most of the country
(which has ample generating capacity). Private equity, hedge funds and lenders acquired almost five percent of the
nation’s generating capacity.

Energy Market Information. In modern markets, information is essential for market participants of all kinds.
During 2004, natural gas and electric industries improved the quality of published price indices by improving the
quality of the information reported to index publishers and by publishing more information about published prices.
The Commission improved reporting on its Electronic Quarterly Report of jurisdictional transactions. An error in EIA’s
natural gas storage reporting (due to a clerical error in one company’s submission) made clear the importance of accu-
rate, timely information. The error led to a 15 percent increase in price during one day in November and affected
many related, longer-term natural gas markets.

Market Behavior Rules: Effectiveness Review. This essay reviews the effectiveness of the Commission’s
market behavior rules during their first full year in operation.

12 Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations



MARKETS UNDER STRESS:

NEW ENGLAND REACTS TO RECORD COLD

O n January 15-16, Boston faced its coldest successive two-day period since
1943 in what would become New England’s eleventh coldest month on

record.’ The extreme weather put simultaneous stresses on both electric and

natural gas systems, stresses that were resolved by redistribution of

spot gas supply at record high prices between heating and power loads.

The interaction of market forces and electric grid
administration met the simultaneous needs for natural
gas distribution and electric generation despite signifi-
cant strains in market operations. The experience was a
valuable one for gaining insight into how energy
markets more generally perform under stress.

The normally tight supply/demand balance for

State of the Markets Report  June 2005

natural gas in New England became critical when
demand spiked and imports declined during the cold
wave. High demand in eastern Canada, in the grip
of the same cold weather, coupled with recent
production declines in the Canadian Maritimes
reduced natural gas deliveries below pipeline capacity.
The tight gas supply situation made gas-fired generation
problematic.
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Markets Under Stress: New England Reacts to Record Cold

New England has become increasingly dependent on natu-
ral gas-fired generation. Developers have installed more
than 10,000 MW of natural gas-fired generation capacity
since 1999. From January 14 to 16, New England electric
grid operator ISO-NE experienced a peak load of 22,800
MW—substantially below the total winter capacity of 32,640
MW. Much of New England’s natural gas-fired capacity
relies on the spot market for supply. When heating demand
increased with the extreme cold, spot natural gas availabili-
ty dropped and prices spiked. On January 14, 7,073 MW of
natural gas-fired generation (53 percent) was out of service,
largely because of a lack of fuel. These outages resulted, in
part, from electric price signals that failed to attract spot
natural gas to electric generation.

As a consequence, some generators with firm natural gas
contracts sold their supplies on the spot market rather than
produce power. Resulting high outage levels caused an
electric reserve deficiency, prompting ISO-NE to urge
conservation and issue a potential blackout warning.
System stability was restored when several natural gas units
returned to service at ISO direction. Warmer weather
ultimately ended the crisis.

For the most part, energy markets did an effective job of
handling the simultaneous, competing demands on natural
gas for heating and electric generation.” In particular:

* The natural gas spot market appropriately rationed sup-
ply to the highest-value users - to the heating load.

* Regional gas was legitimately in short supply due to
pipeline capacity limitations and import supply declines.

« Natural gas sales by electric generators during the cold
snap were allowed by ISO-NE rules and were economical-
ly rational because the power market cleared at a price
below the marginal cost of generating with natural gas.

* Electric prices cleared below marginal cost largely due to
ISO-NE day-ahead market operation and reliability unit
commitment practices, even though natural gas-fired
generation was critically needed.

« Depending on natural gas units that may not have firm
fuel supply commitments for reliability reserves when
pipeline operations are constrained may overstate realistic
available reserve margins.

Gas Price ($/MMBtu)

New England Gas Market Conditions

Although the cold wave spread over the eastern United
States and Canada, the most extreme cold weather was con-
centrated in New England and the eastern Canadian
provinces.

For January 14, Platts Gas Daily reported 79,000 MMBtu
traded for next-day natural gas delivery, less than half of the
167,000 MMBtu reported on January 9. Figure 1 shows the
daily prices and trading volumes for the Algonquin citygate
for January 2004.° Colder weather and reduced supplies
pushed next-day spot prices on January 14 to a record New
England price of $63.42/MMBtu. Trades ranged from as
low as $38 to as high as $75/MMBtu. Prices on the
IntercontinentalExchange (ICE) declined at all trading
points except New England and New York.

Fig 1: NE Gas Price Spike
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Source: Derived from Platts Gas Daily data from January 14-16, 2004.

Interstate Pipeline Operations

Natural gas pipelines serving New England include
Algonquin Gas Transmission, Texas Eastern (which ends in
New Jersey, but supplies most of the gas delivered in New
England through Algonquin), Iroquois Gas Transmission,
Tennessee Gas Pipeline, Portland Natural Gas
Transmission, and Maritimes and Northeast (see Figure 2).
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Markets Under Stress: New England Reacts to Record Cold

Fig 2: Pipelines Serving New England
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Transco, also shown on the map, primarily serves New York
City but can reflect price effects from New England.

On January 14, Algonquin, Texas Eastern, Tennessee, and
Transco made use of much of their capacity, reaching load
factors ranging from 92 to 99 percent. Average capacity use
for the region was 92 percent, due to less use of Iroquois (73
percent), Portland (89 percent), and Maritimes (75 percent).
Overall regional capacity use averaged 99 percent on January
15 and 96 percent on January 16.

Average regional use was lower on January 14 because of
capacity constraints on the eastern side of the TransCanada
system. Natural gas exports by a regional marketer fulfilling
a peak-service contract with a utility in eastern Canada were
also a factor. Physically, gas continued to flow from Canada
into the United States on Iroquois, but the marketer fulfilled
its Canadian contract by nominating a reverse flow and net
import volumes were reduced.

The pipelines and the LDCs serving New England had been
issuing flow restriction and operational flow order (OFO)
notices for several days before the price spike, indicating that
they had little operating flexibility. On January 7,
Tennessee, Texas Eastern, and Algonquin posted critical
notices, restricting interruptible services and “due shipper”
gas’ in market areas and requesting that shippers remain in

State of the Markets Report ® June 2005

balance - actually flow what they claimed they would.
Further, Tennessee disallowed “supply to market” nomina-
tion increases, limiting supply receipts to the market area.

By the morning of January 14, Tennessee and Algonquin
posted critical notice OFOs with penalties for shippers devi-
ating from nominations, in addition to the prior restric-
tions. Algonquin also issued a critical notice OFO requiring
shippers and delivery point operators to limit the daily dis-
crepancy between scheduled and actual deliveries to 2 per-
cent or less, with unauthorized quantities charged a
$15/dekatherm penalty. Tennessee Natural Gas Pipeline’s
balancing alert OFO for Zones 5 and 6 included a potential
penalty of $15/dekatherm, plus the applicable index price.
Iroquois, in anticipation of cold weather, requested on
January 13 that shippers take their exact scheduled quantity
(disallowing daily over-runs and hourly takes in excess of
120 percent of contracted capacity during this period).

As conditions moderated from January 16 to 18, the
pipelines lifted the balancing OFOs but typically maintained
critical-notice restrictions. With improved operating condi-
tions, Tennessee lifted its balancing alert OFO for Zones 5
and 6 effective January 16, 2004. On the same day, Iroquois
lifted hourly balancing and flow control conditions. On
January 17, the Portland Natural Gas Transmission System
lifted a critical notice requiring shippers to stay within 105
percent of their daily nominations and Algonquin lifted its
two-percent balancing OFO.

LDC Operations

During this period, LDCs in New England experienced
“design” winter weather conditions of -15-degree
Fahrenheit wind-chill adjusted average temperatures—heat-
ing conditions they are designed to serve. Aggregate New
England LDC natural gas delivery, or “sendout” by source, is
shown in Figure 3. On January 15, total LDC load exceeded
“design” sendout by 112,000 MMBtu/day, or 3 percent of

design capacity.

On January 13, LDCs used all available flowing pipeline sup-
plies and began to pull substantial volumes from local “peak
shaving” capacity—primarily liquefied natural gas (LNG).
The LDCs also bought spot market natural gas to supple-
ment their other supplies. The spot purchases helped LDCs

15



MMBtu/day

Markets Under Stress: New England Reacts to Record Cold

maintain an orderly drawdown of limited peak-shaving sup-
plies. One instance of loss of natural gas service occurred
January 16 in Hull, Massachusetts, when KeySpan lost pres-
sure at the far end of a lateral in the Hull area, causing sever-
al hundred customers to lose service. Demand, in that case,
exceeded the capacity of the lateral—a situation later reme-
died by installation of a new distribution line. Service was
restored within 12 hours.

Peak-shaving supplies were critical to serving LDC load
when heating demand exceeded pipeline capacity. From
January 14 to 16, natural gas from peak shaving facilities
served 23 percent of total load. Figure 4 shows aggregate
New England peak-shaving capacity, usage, and LDC spot
purchases during that period. Peak shaving is designed to
operate for a brief period, usually one to three days. Asa
rule, actual peak-shaving capacity varies, depending on fac-
tors such as prior use.

Like the interstate pipelines, LDCs in New England issued
OFO balancing notices to protect their systems and to main-
tain consistency with the upstream pipelines. Beginning
January 8, Southern Connecticut Gas Co. and Connecticut
Natural Gas posted critical day OFOs for January 9, limiting
balancing allowances to 2 percent for under-deliveries and
10 percent for over-deliveries. On January 9, Yankee Gas
issued an OFO limiting under-deliveries to 2 percent and
over-deliveries to 20 percent. Penalties were significant at

Fig 3: LDC Sendout Reached Design Capacity
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Fig 4: Spot Gas and Peak Shaving
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three times the prevailing spot price. On January 14,
NSTAR and Keyspan Energy initiated “critical days” for
under-deliveries, with penalties of up to five times the daily
spot price. The same day, the New England Gas Co. and
Bay State Gas also issued OFOs for 2 percent imbalance
tolerances.

Table 1: Spot Transactions

Largest Sellers Largest Buyers
Trader Volume Percent Trader Volume Percent
(MMBtu) (MMBtu)

A 241,900  10.7 A 354,500 15.6
B 191,999 8.4 F 232,700 10.2
C 168,600 7.4 G 174,300 7.7
D 158,400 7.0 E 170,600 7.5
E 155,200 6.8 H 143,400 6.3

Source: Derived from ICE data January 13-16, 2004.

Analysis of natural gas spot market trading

OMOI analyzed trading statistics obtained from ICE.” The
data showed no excessive concentration or unusual trading
patterns. Table 1 shows market shares for the five largest
buyers and sellers in the Northeast physical natural gas mar-
kets from January 13 to 16.

16
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Markets Under Stress: New England Reacts to Record Cold

Trader names are kept confidential, but the traders are
labeled by letter in descending order of sales and purchase
volumes. Based on the data in Table 1, the spot natural gas
market does not appear to have been dominated by a large
seller that might have been in a position to exercise market
power.

Analysis of individual trades shows that prices were driven
by buyers competing for a limited supply of spot market gas
during the period. On the ICE platform, prospective buyers
post bids to buy and prospective sellers post offers to sell.
When supply is unconstrained there is a degree of give-and-
take in price formation. A seller may retreat from a high
offer to sell and lower its offer to entice a buyer to buy, or
accept the buyer’s bid as posted. Buyers can effectively do
the same. During December 2003 trading, as a comparison
when the gas market was unconstrained, the patterns of
bids and offers show that sellers would take buyers” bids at
about the same rate as buyers would take sellers’ offers. A
greater number of bids and offers were left on the table. The
December pattern is shown in Figure 5. The left side of the
figure shows that from January 13 to 16 there was little give-
and-take over prices. On January 13, no bids to buy were
accepted and only a few offers to sell were rejected. On
January 14, prices averaged $63.50/MMBtu when all offers
to sell were taken and all bids to buy were rejected. By
January 15, buyers were more successful when prices
declined to $18.60/MMBtu at the highest. On January 16,
the trading pattern reverted to one more like December.

From January 13 to 16, natural gas prices appear to have
been driven by buyers with unfulfilled obligations compet-
ing for limited spot market supplies.

Retail marketers, as a business strategy, often chose to rely
on the spot market rather than reserve capacity for unusual
conditions. Some LDCs charged penalties of up to five times
the prior day’s spot market price when load exceeded the
supply tendered by the marketer. On January 14, the short
supply penalty would have been $105/MMBtu (or five times
the prevailing index price of $21.00/MMBtu) for Boston-
area markets. A marketer in short supply would rather pay
the prevailing $63.50/MMBtu price than incur a
$105/MMBtu penalty.
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offers

bids

During extreme weather, LDCs rely on peak shaving to
serve loads over and above natural gas stored or flowing.
Peak-shaving sources typically have a limited inventory that,
once exhausted, generally is gone for the season. LDCs hus-
band their peak shaving carefully, especially early in the
winter, to be prepared for contingencies that might arise
later in the season. For example, supplies are especially
short when late winter cold occurs after underground
storage inventories have been depleted.” Loss of service to
customers can be extremely expensive for an LDC. Such
events damage a company’s reputation and impose costs
required for relighting pilot lights house-by-house. Accessto
spot gas is, consequently, extremely valuable.

Fig 5: ICE Trading
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Power Market Operations

From January 14 to 16, ISO-NE struggled to keep the electric
grid operating in the face of record winter demand and
widespread generation outages. Although New England has
more than 32,700 MW of capacity, ISO-NE had difficulty
serving winter peak loads that averaged 22,400 MW during
the cold snap due to unexpectedly high outage levels for gas-
fired generation.

During the past six years, the natural gas portion of New
England’s generation capacity has increased dramatically,
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from 12 percent in 1998 to 41 percent in 2004. As shown in
Figure 6, gas-fired generation outages were more frequent
than with other fuels, and outages jumped sharply when
spot prices spiked. Several factors contributed, including
tight gas supplies, pipeline operational conditions, equip-
ment failures related to extreme cold weather and difficul-
ties in aligning fuel acquisition with power market prices
and commitment timelines.

Fig 6: Increased generation Outages
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ISO-NE struggled to get enough generation on line

On January 13, ISO-NE'’s day-ahead estimate indicated it
would have enough generation to meet expected electric
loads. ISO-NE had granted economic outages of 2,327 MW
and estimated that it would still have a surplus of 583 MW
for operations on January 14. After declaring economic-out-
age status, some generators then sold their firm natural gas
supply into the spot market, assuming that they would not
be called upon to run. Under ISO-NE rules, generators were
allowed to request an economic outage if they believed the
price of power would be lower than their marginal cost of
operation.

By January 14, ISO-NE increased its load forecast by 300
MW. Early that morning, an additional 822 MW of genera-
tion became unavailable, 507 MW of which was gas-fired.
ISO-NE was left with a projected reserve deficiency of 84
MW. ISO-NE was given little advance notice of the precari-
ous supply situation for most of the natural gas units. At
10:00 a.m. on January 14, ISO-NE ordered all of the genera-
tors that had declared economic outages to return to service
as soon as possible. It also cancelled prescheduled mainte-
nance and other work on critical transmission lines, genera-
tors, and communications links.*

Between 5:00 and 7:00 p.m. on January 14, ISO-NE imple-
mented OP4 Actions Number 1 and Number 6 because the

Table 2: 1SO-New England Unit Status and Fuel Type on January 14, 2004 at 6:00 pm

Generation Available (MW) Type Outage

Ran Didn’t Run Total No Fuel Mechanical Total
Gas only 4,271 6,061 10,332 2,964 3,097 6,061
Gas/Oil 2,020 1,012 3,032 36 976 1,012
Oil/Gas 2,850 165 3,015 56 109 165
Oil+Jet+Diesel 3,994 843 4,837 0 843 843
Hydro 3,007 262 3,269 125 137 262
Coal 2,409 430 2,839 430 430
Nuclear 4,399 12 4,411 12 12
Wood+ 762 143 905 143 143
Total 23,712 8,928 32,640 3,181 5,747 8,928

Source: Derived from ISO-NE data. * Generation that sold fuel estimate at 1515 MW based on generator gas sales of 290,396 MMBtu/day, 8ooo MBtu/MW-hr heat rate.
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large number of outages combined with higher-than-expect-
ed loads caused it to experience a 108 MW shortfall in
operating reserves.’” By 6:00 p.m., at the time of the peak,
outages had increased to 8,928 MW (see Table 2). Imports
during this period totaled 350 MW, nearly half the available
interchange capability. Only one of the eleven units on
economic outage actually made it back on line. The demand
saving from demand-response programs was about 200
MW. Despite the reserve deficiency, all load was served.

The situation seemed to improve on January 15, but condi-
tions deteriorated before they recovered late in the evening.
ISO-NE’s morning report listed outages of 7,972 MW and a
777 MW capacity surplus, a forecast that proved optimistic
for much of the day. Throughout the day generation avail-
ability was volatile—some units came back on line, while
others declared weather-related outages. During the after-
noon, some dual-fired generating units in New York began
converting from gas to oil. Coordination between ISO-NE
and the New York Independent System Operator (NYISO)
resulted in an increase in New York-to-New England trans-
fers from 800 MW to 1,400 MW. During the afternoon,
NYISO exported up to 1,100 MW to New England. At 6:00
p-m., actual outages exceeded the morning forecast, totaling
8,369 MW. In Southwest Connecticut, unexpected genera-
tor outages led to concerns about the area’s ability to cover
the loss of its second largest contingency.

At 7:30 p.m., ISO-NE issued a press release, stating that it
was “taking precautionary measures, up to and including
preparing for rotating blackouts, to maintain the integrity of
the bulk power system”" The press release also requested
that consumers conserve energy. Helpfully, four units, rep-
resenting another 938 MW that had initially declared eco-
nomic outages, returned to service and contributed an esti-
mated 278 MW. The net result was that ISO-NE finished

January 15 with a 717 MW surplus.

On the morning of January 16, ISO-NE predicted a 701 MW
surplus and 22,727 MW of load. The morning forecast
turned out to be overly pessimistic. As actual load was near-
ly 10 percent less than forecast” and six more units repre-
senting 1,661 MW that had declared economic outages
returned to service. At the time of that day’s peak, actual
outages totaled 6,328 MW compared to the 8,128 MW fore-
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cast that morning. The surplus at the time of the peak was
2,184 MW.

Reasons for the outages

A total of 7,073 MW of the natural gas-fired New England
generation fleet of was out of service at the time of the peak
on January 14, 2004. Fully 3,000 MW was out of service due
to lack of fuel. The rest was out for mechanical reasons,
much of that weather-related. Many generators reported
problems, for example, with frozen fuel and water lines, air
and river water intakes clogged with ice and cold-damaged
pump seals.

Most of the gas-fired generation capacity in New England
was not supported by firm pipeline capacity, but relied
instead on interruptible transportation, secondary firm, off-
peak supply from LDCs, and spot market natural gas. These
supplies were unavailable under high heating-demand con-
ditions. Only 40 percent of natural gas-fired generation was
supported by firm transportation capacity."”

Lack of physical gas supply due to transportation or supplier
interruptions was responsible for approximately one-half of
the fuel-related gas outages. All of the units that declared
economic outages were Installed Capacity (ICAP)
resources.”

Several units had dual-fuel capability but were unable to
run, with operators contending that air-quality permits
allowed them to use oil only when natural gas was physical-
ly unavailable. As a consequence, their dual-capability was
of no benefit when it was uneconomical to burn gas or when
gas was restricted to ratable volumes that were insufficient to
run the unit. Another generator stated that it was forced to
de-rate its unit because it had reached its daily NOx limits.
Finally, owners of several dual-fueled generators stated that,
though their units were listed as dual-fueled, their actual
ability to use an alternate fuel was (1) limited by the config-
uration of their units, (2) nonexistent because they ceased to
maintain costly reserves of fuel oil onsite or (3) the parts nec-
essary to operate on oil had not been installed.

Generators with firm gas supplies saw few clear economic
incentives to operate. Under the ISO-NE tariff, generators
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were entitled to elect not to run if it was uneconomical for
them to do so.* This economic calculus allowed them to
consider opportunities lost by committing the generation
resource to ISO-NE. Differences between natural gas and
electric timelines for activities in advance of gas or power
flow would have exposed a generator to significant econom-
ic risks, particularly during periods of high price volatility in
the natural gas spot market.

Timeline Risks

To assure the availability of natural gas when called upon to
run, a generator had to nominate pipeline capacity before it
was assured that its offer would be successful in the ISO-NE
market. Natural gas transportation nominations were
required by 12:30 p.m. to guarantee primary firm-point
reservation, well before the 4:00 p.m. day-ahead power mar-
ket schedule was issued. If the offer were not accepted, the
generator would have natural gas it might have difficulty
selling or arranging for delivery to an alternate point. If nat-
ural gas were undelivered, the generator could have faced a
severe imbalance penalty or had difficulty getting the gas
returned until “shipper due gas” restrictions were lifted.
Figure 7 compares the conflicting timelines for the gas and
electric markets.

Likewise, if a generator offered its units to ISO-NE without

securing gas because it did not expect the unit to be accepted,
the company would be at financial risk of having to purchase
gas in the intraday market at a price significantly higher
than its offer, or purchase replacement power at unpre-
dictable real-time LMP prices. If a generator believed it like-
ly that its offer would not be accepted or that it would have
difficulty obtaining gas if it were accepted, opting out of the
power market became the economically rational decision.

Negative Spark Spreads

Prices for power in ISO-NE’s day-ahead market produced a
negative “spark spread” through the cold snap. A spark
spread is negative when fuel costs for generation exceed the
market value of power. During the cold snap, the real-time
market showed a negative spark spread for all but a handful
of hours. The failure of electric energy prices to move high
enough to make gas-fired generation economical was a root
cause of the reserve shortfall during this period. Figure 8
shows spark spreads from January 14 through 16.

On January 13, the day-ahead market produced a load-
weighted average power price of $113/MWh for January 14
operations. The average natural gas price for the January 14
flow day was $21/MMBtu. An efficient, combined-cycle
generator with a 7,000 MMBtu/MWh heat rate would
require a power price of at least $147/MWh to cover fuel

Fig 7: Natural Gas and Electric Market Timeline
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costs. With market prices clearing below what was needed
to attract natural gas-fired generation, some operators con-
cluded there would be enough non-gas generation to serve
the expected load. In response, they requested economic
outages from ISO-NE on January 13 to sell their supply into
the natural gas spot market. In approving these requests,
ISO-NE believed (at that time) that there would be sufficient
non-gas power available to cover anticipated load.

Fig 8: Day-ahead and Real-time Spark Spreads
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Factors Behind Negative Spark Spreads

Power buyers submitted load-price bids in the day-ahead
market that cleared only a portion of the anticipated real-
time load. Through their load-price bids, buyers signaled
that they were unwilling to pay the marginal cost of gas-
fired power, or that they were unaware that gas prices
would rise as high as they did. As a result, the day-ahead
market cleared at a price below the marginal cost of natural
gas-fired generation. This meant that a substantial portion
of real-time load would have to be served with power bought
in the real-time market. Figure 9 shows the gap that devel-
oped between day-ahead and real-time load from January 14
through 16.

Much of the real-time load was served by reliability-dis-

patched units, reducing the level of load cleared in the real-
time market. During the night of January 13-14, ISO-NE
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Load (MWh)

experienced a greater-than-anticipated level of outages,
leaving ISO-NE with insufficient reserves. ISO-NE respond-
ed by recalling natural gas units on economic outage status.
Generators that made it back on line were paid their offer
price, but that price did not affect the market clearing price.
Payments to reliability-committed units were recovered

through “uplift” charges that did not directly affect the

energy market price.

Day-ahead bids for January 15 also failed to clear at prices
high enough to attract gas-fired power generation. The spot
gas price at that time averaged $63/MMBtu, indicating that
a power price of at least $441/MWh would be needed to
make gas-fired generation economical (at a 7,000 heat rate).
The load-weighted average day-ahead power price, howev-
er, was only $316/MWh. Even though natural gas prices
were available then and it was clear that gas-fired generation
would be needed, the market still did not clear at a price high
enough to attract natural gas-fired generation.

Fig 9: Day-ahead Loads Fall Short of Real-time Loads
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Gas Sales by Electric Generators Helped LDCs Maintain
Service

Power prices in the ISO-NE day-ahead and real-time

markets made it more economical for a generator to sell its
natural gas supply on the spot market than to produce power.
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The spot market served to reallocate natural gas supply from
electric generation to heating service in response to clear
price signals. Natural gas sales by generators helped increase
supply on the spot market, benefiting LDCs needing supple-
mental natural gas to protect their limited peak-shaving
inventory. Absent such sales, spot prices could well have
reached even higher levels. Figure 10 compares LDC spot
purchases to natural gas sales by electric generators. The
quantity of spot natural gas bought by LDCs was comperable
to the amount sold by electric generators.

Conclusions

The natural gas spot market functioned competitively in
rationing supply. Although spot natural gas prices reached
extraordinary levels, a Commission investigation found no
indication that these prices were the result of market manip-
ulation. The investigation also found no evidence that
pipeline capacity was withheld, no evidence that natural gas
supply was withheld, and no evidence of manipulative trad-
ing behavior. Prices appeared to be the result of a supply
shortage driven by extraordinary demand that left little
residual supply available for allocation through the price-
driven spot market. Buyers were willing to pay record prices
because the consequences of failure to obtain supply exceed-
ed the cost of paying these unusually high prices. The high
spot prices provided the driver for the beneficial movement
of gas from the power sector to the heating market, without
which continuity of gas service and the public health and
safety could have been imperiled.

The natural gas-electric interface timeline needs better
coordination, but infrastructure constraints will limit
benefits. Natural gas-fired generators must coordinate their
operations consistent with both natural gas and electric
business practice timelines. Under current timelines, gener-
ators must purchase and schedule pipeline transportation
before day-ahead power schedules are announced. The gas
operating day commences at 10:00 a.m., while the power
day commences at midnight. Thus, power operations strad-
dle two natural gas days, and vice-versa. Under less stressed
operating conditions, the natural gas misalignment can be
managed using pipeline imbalance tolerances. When natu-
ral gas prices spike and display day-to-day volatility, the
operating-day overlap and schedule mismatch can expose a
generator to significant costs and potential losses. Making

MMBtu/day

Fig 10: Spot Natural Gas Transactions
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the natural gas and electric day synonymous could reduce
the inter-day price mismatch exposure. It may be more dif-
ficult, however, to resolve the problem of synchronizing
natural gas commitments with power commitments,
because one part of the deal must be committed to before the
other can be entered into.

Further hourly flexibility for pipeline transportation servic-
es could help match power and gas scheduling. Hourly flex-
ibility on pipelines is more difficult to provide when a
pipeline is running close to capacity. When natural gas
capacity is constrained, pipelines have little flexibility to

handle the sudden withdrawals involved with real-time
power dispatch.

In response to operational problems revealed by this
incident, ISO-NE implemented a set of cold-weather proce-
dures intended to make electric generation more secure
when natural gas supplies are tight. Two key provisions
would address the timeline problems that arose last winter.
First, ISO-NE will cancel scheduled economic outages and
request that dual-fuel generation switch to alternative fuels.
Second, ISO-NE will move the offer deadline ahead for
day-ahead supply bids from midnight to 9:00 a.m. and
announce reliability run commitments by 10:00 a.m. This
change will allow those units chosen for reliability commit-
ments to make gas supply arrangements within the gas
market purchase and pipeline nomination period that
closes at 12:30 p.m.
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The event revealed the consequences of barely sufficient
infrastructure. The extreme weather put the New England
gas and electric systems under significant, simultaneous
stress. The systems succeeded in serving full electric and
firm natural gas load under record demand, but operated
very close to physical limits. Natural gas system constraints
were the primary driver of high prices, which in turn made
the availability of natural gas-fired generation problematic.
Increasing demands have been placed on the natural gas
transmission system in recent years, both in New England
and in eastern Canada. Demand growth in these areas has
exceeded the rate of new pipeline capacity additions.
Additional pipeline or LNG import capacity would increase
supply and reduce the frequency or severity of winter price-
spike episodes. Reduced dependence on pipeline transmis-
sion for winter peak service is another potential solution.
LDC peak shaving played a key role in maintaining service
during this period. Expansion of peak-shaving capacity
could prove to be more economical than new pipeline capac-
ity. Reduced dependence on natural gas-fired generation
during winter peak periods could also reduce exposure to
pipeline constraints. Increased oil backup capacity and
more flexibility in the use of oil during gas-system stress
episodes could play an important role. Expanded electric
transmission links to other regions would also reduce the
vulnerability of the electric system to gas system constraints.

The ISO should assess relying more on market mecha-
nisms and less on “out of market” reliability measures to
assure sufficient real-time supply. Negative spark spreads
for natural gas-fired power in the real-time market were
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largely a result of ISO-NE’s practice of scheduling the high-
est cost units as reliability resources. The energy produced
by these units reduced the amount of power clearing the
real-time market and consequently avoided the higher-cost
portions of the power supply curve. By meeting a substan-
tial percentage of the power requirement with reliability
units, the market did not clear at a price high enough to
attract natural gas through market signals. Rather than
meet a substantial portion of peak demand through reliabil-
ity run instructions, ISO-NE should evaluate allowing the
real-time market to produce the needed power at the mar-
ginal cost of incremental production.

Further, depending on natural gas units for reliability
reserves under constrained pipeline operations may not pro-
vide the needed level of reliability. To be useful for reliabili-
ty, a generator must be able to ramp up quickly to offset the
loss of other system generation or transmission capacity.
When the pipeline system is running at full capacity, it may
not be possible for a natural gas unit to pull the supplies
needed to ramp to full power output on a moment’s notice.
Thus, ISO-NE’s practice of counting stand-by natural gas
unit capacity as a reliability reserve may overstate realistical-
ly available reserves. From a reliability perspective, assign-
ing generation units with on-site fuel, oil for example,
would provide a higher level of assurance that reserves
would run when called upon in a contingency situation.
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Endnotes

' Energy Risk, March 2004, 74.

* Some observers take a different view. In a July 6, 2004
press release, Connecticut Attorney General Richard
Blumenthal stated that “the cold snap revealed that current
market rules are not only inadequate to protect the public
safety and the region's power grid, but instead may work to
undermine the reliability of New England's electric grid."
http://www.cslib.org/attygenl/press/2004/util/cold-
snap.htm

* The Algonquin citygate price reflects spot sales at LDC
citygates in Connecticut, Rhode Island, and
Massachusetts.

A “due shipper” restriction prevents a shipper from recov-
ering excess gas left on the pipeline during a prior period
to preserve line pack.

ICE is, by no means, the only trading platform for spot
natural gas on a daily basis. There is no one source for spot
pricing information (see the “Energy Market
Information” essay for more details). However, ICE does
maintain detailed, time-stamped transactions in its sys-
tem and, consequently, is helpful in understanding trends
in trading at the time. ICE prices were cross-referenced
with published indices for the dates referenced and found
to be similar.

* Note that two trading entities show up on both the list of
top five sellers and buyers. In effect, these traders were
speculating that day in physical next-day gas deliveries,
something akin to “day-trading” Given the low concen-
trations of all participants, this activity does not concern
OMOL.

Refer to our February 2003 spike study.
® ISO New England, Interim Report on Electricity Supply

Conditions in New England during the January 14-16, 2004
“Cold Snap”
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Action 1is the notification of generators by ISO-NE that a
capacity shortage exists, and Action 6 allows the depleting
of 30-minute reserves to begin.

See ISO-NE January 15, 2004 Media Advisory entitled
“ISO New England Requests Voluntary Electricity
Conservation—Appeal Extended Through Friday Night,
January 16, 2004” http://www.iso-ne.com/iso_news/
2004_Archive/Conservation_Request_Extended_01_15
_04.doc’

Schools were closed because of the cold and the ISO con-
tinued to advise customers to conserve energy.

FERC, New England Natural Gas Infrastructure staff report,
Docket No. PL04-1, December 2003.

The concept of ICAP was instituted by the power pools as
a first-line reliability measure to cover electric load in the
pool. To insure that there are adequate generation
resources to serve load, the ISO calculates the summer and
winter capacity requirements. After adjusting this figure
to reflect outages, the ISO allocates the requirements to
the participants based on their customers’ contributions
to the previous year’s coincident peak. Participants can
meet their I[CAP obligations either with generation they
own or control. They can also procure ICAP in monthly
auctions conducted by the ISO or in the secondary mar-
ket. ICAP resources are required to submit offers into the
day-ahead market for all capacity that is not self sched-
uled. They are also required to adhere to certain report-
ing, audit, and outage scheduling requirements.

See ISO-NE Market Rule 1.
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ELECTRIC MARKET

INVESTMENT AND MERGER TRENDS

I n 2004, generation remained the focus of wholesale electric infrastructure

investment, just as it has been since the 1990s. The level of investment in

generation continued to far outstrip transmission on both an absolute and

relative basis. This was so even though investment actually increased in

transmission and declined in generation from 2003 to 2004.

Despite the continued dominance of generation, a
renewed recognition of transmission’s contribution to
electric reliability and efficiency led to the announcement
of ambitious transmission investment plans by both
regulated and unregulated players. The relative paucity of
projects completed in 2004 did not reflect this shift in
interest, but rather the legacy of less interest in prior years,
long investment lead times, and other impedements to
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transmission investment and construction.

New 2004 generation construction generally reflected
investment decisions made in the past as well.
Consequently, fuel and sponsor trends remained: gas-
fired generation dominated additions across the country
and independent power producers (IPPs) sponsored the
largest portion of new capacity.
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Electric Market Investment and Merger Trends

Market fundamentals in 2004 did not generally signal a need
for new construction of generation, particularly of gas-fired
capacity. New generation announcements focused on coal-
fired and renewable projects. Regulated utilities, their
affiliates, and public power participants based a greater
proportion of their investment decisions not solely on
current plant economics but also considered hedges for
projected load growth.

Asset acquisitions increased. Many companies strove to sta-
bilize financial profiles through asset sales. Strategic players,
such as investor-owned utilities (IOUs) and their affiliates
(ie. affiliated power producers (APPs)) stepped up
purchases of generation. Some lenders took equity owner-

Transmission Investment

ship of facilities as sponsors defaulted on debt obligations.
Additional financial players with cash on hand (mostly
hedge funds and private equity firms, particularly those that
gained experience in the electric markets through secondary
debt investments) became more active in asset acquisitions
to meet investment targets.

In addition, corporate managers began to reassess company
mergers as a strategic option for earnings growth. Private
equity funds were frustrated in their attempts to purchase
regulated utilities, but utility managers began to advance
corporate merger initiatives after a period of retrenchment
and balance sheet repair.

About 931 miles of new transmission lines of 230 kV or
greater were built in 2004, an addition of roughly 0.6 percent
of installed capacity (by mile)." In contrast, more than 20
gigawatts (GW) of new generation capacity entered opera-
tion, adding 2.3 percent to the electric generating fleet.” The
low level of transmission investment continued a trend that
has existed at least since the beginning of the 1990s.
According to a study by Trimaran Capital Partners of FERC
Form No. 1 data for the years 1992-2003, the annual growth
in net investment in transmission plant by investor-owned
utilities has averaged 2 percent.’ This growth contrasts with
higher levels of load growth, generation, and distribution
investment in the period.* Trimaran’s study showed that
transmission’s 30 percent of total transmission and distribu-
tion plant in service in 1992 declined to 26 percent of plant
in service by 2003.°

Transmission additions varied significantly by reliability
region, with no miles added in the independent system
operators of New England (ISO-NE), New York (NYISO),
or the Midwest (MISO). Additions included 309 miles (1.3
percent) in the Pacific Northwest, 131 miles (1.7 percent) in
the Southwest Power Pool (SPP), and 149 miles (0.4 percent)
to the installed base in the Southeast (see Figure 1).

Transmission circuit miles are not a complete representa-
tion of all the investment in the transmission system.

% Increase in Regional Capacity

Fig 1: Transmission vs. Generation Additions
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Source: Derived from NERC, ERCOT, Platts, and EIA data. See source note 1.

Substations, conductors, and other devices can also increase
transmission capacity and plant in service.

Transmission plant addition figures from FERC Form 1 data
indicate a continued increase in transmission investment.
Those data show a continuation of steady investment
increases of 13.1 percent on a compound annual basis from
2000 through 2004° (see Figure 2). FERC Form 1 data for
2004 reflect preliminary filings.
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Edison Electric Institute (EEI) data, based on a survey of his-
torical and planned capital expenditures by EEI members,
also indicate an increase in annual transmission investment.
Specifically, EEI data show that transmission investment by
shareholder-owned utilities averaged twelve percent annual
growth from 1999 to 2003.” In addition, the survey forecasts
an unprecedented increase in transmission investment over
the next few years. Plans do not always equal completed
projects. The EEI survey results for projected expenditures
in 2004 did not match preliminary FERC Form 1 data for
actual expenditures, which totaled $4.3 billion. The EEI
survey’s forecasted expenditures were $4.5 billion, an indica-
tion that actual expenditures can fall short of estimated
budgets even in the near term.

In 2004, equity and debt markets rewarded stable, regulated
operations (and the cash flows they generate) with premium
valuations. Within this context, transmission investment
gained new appeal to investor-owned utilities, which
responded with increased plans to build. Successful execu-
tion of planned investment goals in the transmission sector
can be difficult for several reasons:

« Developers face challenges in obtaining rights of way, sit-
ing, and licensing of electric transmission lines (challenges
typically even greater than the ones they face in the per-
mitting process for gas pipelines and electric power
plants).

* Regulatory uncertainty poses dilemmas. The uncertainty
can be as specific as that related to rate treatment for a
planned, delayed, or ultimately frustrated line. Or it can
be as pervasive and general as the difficulty in distinguish-
ing reliability from efficiency projects. The resolution of
state and federal jurisdictional issues can, moreover, exac-
erbate cost recovery and cost allocation.

Revenue uncertainty can reduce incentives in both regu-
lated and merchant contexts. For merchant or contract
generators, projecting and capturing future revenue can be

difficult.

Anecdotal evidence pointed to difficulties in both areas with
and without formal regional planning organizations.
Northeast Utilities’ Connecticut Light and Power, for exam-
ple, continues to attempt to build new high-voltage lines
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into southwest Connecticut within the context of a regional
transmission organization (RTO). The construction of the
new lines has been delayed by local and state opposition and
by debate over how to allocate the costs involved within
New England. Attempts to enhance the links among south-
ern California, the Pacific Northwest, and the Southwest are
impeded by the absence of a formal regional planning
organization. Growing recognition of the need to enhance
the grid in the wake of the August 2003 Northeast blackout
as well as the resulting attention to reliability, have spurred
many investor-owned utilities to announce more ambitious
transmission investment plans and to push forward on state
and regional projects. RTOs and regional planning organiza-
tions also pursue their own programs.

In addition to the plans announced by Northeast Utilities,
several other significant projects were in the offing in 2004.

* NStar announced plans to spend $200 million to con-
struct a new 345kV transmission line from Stoughton,
Mass., a southern suburb of Boston, to south Boston to
ensure continued reliability of service and improve power
import capacity in northeast Massachusetts (NEMA).
The line is projected to be placed in service in summer
2006.

* The Southern Company invested $1.3 billion in transmis-
sion lines and substations from 2001 through 2003,
expanding the Atlanta Loop and making other improve-
ments to its system. In 2004, Southern constructed
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approximately 170 miles of new transmission lines and
upgraded an additional 764 miles of line. It also projects
an expenditure of nearly $3.1 billion on transmission and
distribution from 2005-2007, with slightly less than half
the amount to be spent on transmission.

« Southern California Edison announced plans to spend
$1.6 billion through 2009 on transmission (as opposed to
a current transmission rate base of $1.1 billion) with $680
million to be spent on building a 230-mile, 500 kV line to
Arizona.

At the end of 2003, stand-alone transmission companies in
the Midwest owned 3 percent of the transmission assets that
investor-owned utilities owned nationally. These companies
continued to pursue investment levels that far exceeded
what they had pursued when they were part of integrated
utilities and far exceeded the 3 percent investment planned
by investor-owned utilities.

Investment in Electric Generating Assets

* American Transmission Company of Wisconsin invested
more than $500 million in its system from the time of its
formation in 2001 through 2004; the company planned to
spend an additional $315 million in 2005, as compared
with an initial transmission book value of slightly more
than $500 million.

« International Transmission Company (formerly Detroit
Edison’s transmission system) spent $81 million in 2004
and planned to spend an additional $100 million in 2005,
compared with a net book value of approximately $775
million on transfer in 2002.

« Michigan Electric Transmission Company (which was
formed through the acquisition of Consumer’s Energy
transmission system) spent and planned to spend roughly
$250 million by the end of 2009 as compared with a net
book value of $230 million on transfer of the company in
2002.

In 2004, almost 25 GW of generating capacity was added
across the country, down 50 percent from 2003 (see Figure 3.)

More generation was built by independent power producers
(IPPs) than any other market segment. IPPs sponsored 7.7
GW of the generation that reached commercial operation in
2004 (see Figure 4).

APPs and IOUs were more active in their construction
programs than they had been in the recent boom period.
APPs built just over 6 GW, or 27 percent of total new gener-
ation. Investor-owned utilities built 18 percent of the new
capacity in 2004. Municipals and cooperatives placed into
service 11percent of the new capacity. Lenders completed 2
GW of generation projects that were turned over by trou-
bled sponsors, adding 9 percent of the new generation.

As shown in Figure 5, gas-fired generation dominated addi-
tions. Almost 550 MW of coal-fired generators came on line
in PJM. Approximately 250 MW of renewable capacity was
added, primarily in the Midwest.

Fig 3: 2002-2004 Generation Capacity Additions
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Most additions were built in the Southeast, PJM, and the
Southwest, markets already experiencing regional overbuild
conditions. When measured as a percentage added to
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installed summer capacity by the new construction, PJM
added almost 10 percent and the Southwest added 5.4
percent.

These new additions increased excess capacity, adding
downward pressure on both energy and capacity prices in
the market, and reducing net revenues for gas-fired capacity
in most regions during the assessment period.

New generator operations lag original investment decisions
by about two years for gas-fired capacity and by up to ten
years for coal-fired capacity. Hence, investment decisions
made during the period of high energy prices before 2003
drove asset additions in 2004. In many areas of the country,
generation additions increased reserve margins and reduced
net revenues, suggesting that investment decisions were
made using more optimistic projections of market condi-
tions than were realized.

Fig 4: Capacity Additions by Sponsor Type
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Reserve margins and load data suggest that there were, in
most cases, adequate or excess resources and reserves to meet
regional demand during the assessment period. NERC 2004
summer reserve margins, which ran from a low of 12 per-
cent in New York to a high of 77 percent in the Southeastern
Electric Reliability Council (SERC), are shown on Figure 6.°
They are compared with net revenues, calculated by FERC
for state of the art gas-fired combined cycle turbine (CC)
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units (see Electric Almanac Overview and Regional Profiles
for regional details). Asillustrated, there was a general trend
of inverse relations between reserve margins and net rev-
enues—what we might expect as a general pattern.

Fig 5: 2004 Regional Capacity Additions by Fuel
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In addition to high regional reserve margins, gas price
increases resulted in reduced dispatch and compressed spark
spreads for variable operations of gas-fired capacity.

Generation announcements reflected a shift in focus; new
generation investment decisions tended to address fuel
diversity and environmental concerns, with coal-fired
generation and renewable energy resources.

In 2004, natural gas prices reached three times that of coal,
with gas generally driving electric market prices. Coal-fired
facilities generally experienced higher capacity factors and
attractive profits. With the existing coal fleet approaching
operating maximums and growing concern over fuel
diversity, environment policy effects, and associated price
risks, companies began to review the economic feasibility
of building advanced technology coal-fired facilities.
Though estimates vary, recent studies suggest that as much
as 80 GW of new coal-fired capacity has been announced
in what appears to be a rush to secure permits and
start the seven-to-ten year development process. More
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conservatively, Cambridge Energy Research Associates
(CERA) estimated in its winter 2004-2005 North American
Electric Power Watch that 28.4 GW of coal-fired generation
was under active development or under construction.’

In addition, “green” energy options, in particular wind proj-
ects, were spurred in late 2004 as the production tax credit
(PTC) was renewed and an increasing number of states
passed renewable portfolio standards (see Wind section). By
November 2004, a month after PTC renewal, over 1,400
MW of wind power projects had been announced or put
back on track, with 1,000-2,000 MW announced as
advanced stage, likely, or in development.” GE Wind
Energy had already received contracts for 750 MW of tur-
bines for 2004-05, and another 750 MW of
commitments, valued together at $1.3 billion in new wind
development. "

Merger and Acquisition Activity

Fig 6: Reserve Margins vs. Net Revenues
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Asset Acquisitions

Most electric acquisitions in 2004 took place at the asset
level. Continuing the 2003 trend, many companies strove to
stabilize financial profiles through asset sales. The majority
of the facilities that changed ownership were sold by utilities
and their unregulated affiliates, seeking to exit noncore busi-
ness lines, particularly those with merchant exposure. Both
generation with creditworthy power purchase agreements
and with merchant exposure were sold. A portion of the
troubled merchant plants that were unable to meet their
debt service saw completed formal transfer of equity to
lenders. Although a number of the sales were of single
assets, two large portfolios were also purchased by new own-
ers: the Texas Genco and American Electric Power (AEP)
Texas Central portfolios.” In aggregate, almost 36 GW of
generation, or nearly 6 percent of installed capacity, changed
hands in 2004, more than four times the 8 GW acquired in
2003.

Generation changed ownership in all regions of the country
in 2004. Nearly 90 percent of the transfers, however,

occurred in four regions: Electric Reliability Council of
Texas (ERCOT) (with 39 percent of transfers), SERC (21 per-
cent), Western Electricity Coordinating Council (WECC)
(15 percent), and New York/New England (12 percent).
These regions had high proportions of merchant assets. In
SERC, many assets stranded by the lack of regulatory
restructuring (and consequently available markets) were
selling at discounted prices. In contrast, the assets in the
remaining regions were poised to supply ISO/RTO markets,
alternative retail suppliers, or utilities that had divested
assets and now needed contracted supplies for load. They
could be sold to improve debt repayment abilities.

IOUs bought 1.7 GW of generation in 2004, more than dou-
ble the 0.7 GW purchased in 2003 (see figure 7). With the
backdrop of certain state regulatory and credit rating agency
policies, which effectively discourage power purchase agree-
ments (PPAs), utilities in many cases decided against signing
PPAs with merchant generators. Instead they purchased
facilities from affiliates and non-affiliates alike to secure
retail supply for their service territories. In some cases these
transfers were proposed despite intervenor claims that some
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assets were actually transferred at above market values or
that contract options were more economic. An example of
generation purchased by a utility from affiliates was Georgia
Powers’ acquisition of McIntosh from Southern Power.” A
purchase from a troubled merchant company was NRG'’s
sale of McClain to OG&E. * Municipals also actively partic-
ipated in asset purchase from troubled sponsors to secure
supply for their internal load.

APPs purchased 1.9 GW in 2004, almost a four fold increase
from the 0.5 GW purchased in 2003. PSEG Global acquired
the remaining 50 percent interest in their joint venture with
Panda. Constellation expanded its nuclear portfolio.
Sempra purchased a contracted Texas asset as well as half of
the portfolio divested by AEP in Texas, including the Coleto
Creek coal-fired plant.

In addition, 6.0 GW of capacity were returned to lenders in
2004 as sponsors walked away from projects that defaulted
on their debt obligations. Many of the facilities that lenders
took equity ownership of in 2004 faced operational or finan-
cial problems in earlier years. The official transfer process
took some time. The transfers required restructuring to
address operations and management of the assets. Lenders,
with limited ability or desire to run daily operations, hired
asset managers, energy managers, and O&M service firms in
an attempt to minimize current cash losses and maximize
valuations of these assets for future sale.

An active secondary market for project loans developed in
2004, with original lenders selling debt to other banks and
hedge funds.” In some cases, debt that banks had traded at a
deep discount was resold to hedge funds and other investors
at or near par value based on perceived interest in plant
equity by buyers, or the ability to seek regulatory solutions
to distressed projects.”

Equity investors, including private equity investors, income
securities, and hedge funds were by far the largest pur-
chasers, acquiring more than 23 GW, a significant increase
from the 0.8 MW purchased in 2003. In keeping with their
own organizational diversity, financial purchasers had dif-
ferent investment strategies. Much of the contracted gener-
ation was purchased for its bond-like yield characteristics.
The balance was purchased with the expectation that value
would be realized through contract restructuring and mone-
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tization. Some financial players bought merchant genera-
tion with the hope that they would be able to quickly sell or
contract it to load-serving entities with prospective need for
additional supply. Assuming that demand growth would
eventually eliminate reserve margin overhangs, others
bought merchant position at deep discounts with plans to
hold plants until values reverted to replacement cost. In the
interim these financial players, much like original lenders,
outsourced energy and asset management to an emerging
group of service providers as well as provided interim capital
for working capital carrying costs such as insurance, mainte-
nance, and property taxes.

Fig 7: 2003-2005 Generating Plant Sales and Transfers
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Corporate Mergers & Acquisitions

At the corporate level, utilities and financial institutions
exhibited growing interest in mergers and acquisitions,
prompting many analysts to herald 2004 as the inauguration
of a new round of consolidation in the power sector.

One utility-to-utility acquisition was closed and three were
announced, with the largest proposed in December:

« Announced in December 2003, Ameren closed its acquisi-
tion of Illinois Power Co. in September 2004.

« In January 2004, Black Hills Corp announced the acquisi-
tion of Cheyenne Light, Fuel & Power from Xcel Energy.
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* InJuly 2004, PNM Resources, the parent of Public Service  local resistance in 2004:
Company of New Mexico, announced the intention to
acquire TNP Enterprises, the parent of Texas New Mexico ~ + Kohlberg, Kravis & Roberts’ attempt to acquire

Power Company from a group of private equity investors. Unisource, the parent company of Tucson Electric Power,
through Saguaro Utility Group was unsuccessful. The
* In December 2004, Exelon announced its intent to merge Arizona Corporation Commission rejected the aquisition

with PSEG, a plan that would create the nation’s largest offer in December 2004.
utility company by generation ownership, market capital-

ization, revenues, and net income. « Texas Pacific Group’s attempt to purchase Portland

General from Enron’s bankruptcy estate (through acquisi-

However, two high-profile private equity attempts to tion vehicle Oregon Electric), met with local opposition
acquire franchise-regulated electric utility operations, both and a municipal counteroffer.

announced in November 2003, failed in response to stiff
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Endnotes

5

Transmission data based on OMOI analysis of NERC's Electricity
Supply & Demand Data Base as of April 19, 2005. ERCOT trans-
mission data were retrieved from "Existing and Potential Electric
System Constraints And Needs Within The ERCOT Region" report,
October 1, 2004.

Generation data based on OMOI analysis of EIA's Electric Power
Monthly data and Platts.

Transcript of Technical Conference on Transmission
Independence and Investment, Docket No. ADo5-5-000 (April 22,
2005), Tr. 31. (Jon Larson, Trimaran Capital Partners).

Transcript of Technical Conference. Tr. 16-17 (Brendan Kirby, Oak
Ridge National Laboratories)

Transcript of Technical Conference. Tr. 32. (Jon Larson, Trimaran
Capital Partners.

FERC Form 1 data include accounts 352, 353-359.1. *FERC Form
1 data for 2004 is a preliminary data set based on 198 of 221
companies. The missing 23 companies accounted for 6.7 percent
of the Year Balance dollars in 2003. It was assumed that their
share of the total would remain constant in 2004. Transmission
addition levels for the 198 respondents, representing 93.3 per-
cent of the whole ($3.99 billion) multiplied by (100/93.3) pro-
vides a preliminary 2004 transmission addition level of $ 4.28 bil-
lion.

EEI Survey of Transmission Investment — Historical and Planned
Capital Expenditures (1999—2008) at 5 (Edison Electric Institute,
May 2005) (EEI Survey). The EEI Survey data are composed of
responses from 60 |I0Us for 2003 expenditures and for forecast-
ed budgeting. The survey included a breakdown of transmission
line construction costs and transmission substation costs, and
accounted for all Transmission Plant in Service reported on FERC
Form 1.

NERC 2004 Summer Assessment/forecast for August with
Uncommitted Resources; net revenues reflect estimated profits
from energy and capacity markets as detailed in Electric Almanac
Overview and Regional Profiles in Appendix.

US Power Sector: Shifting Capital Spending Patterns, CERA Client
Services, January 17, 2005, 5.

See Assessing the State of Wind Energy in Wholesale Electricity

State of the Markets Report ® June 2005

Markets, Docket No. ADo4-13-000, November 2004.
http://www.westgov.org/wieb/meetings/windfall2oo4/brief-
ing/FERCpaper.pdf

GE News Release October 18, 2004-
http://home.businesswire.com/portal/site/ge/index.jsp?ndmVie
wld=news_view&newsld=20041018005721&newsLang=en&nd
mConfigld=1001109&vnsld=681

&

In July, AEP closed on the sale of most of its Texas Central
Portfolio (10 power plants with a generating capacity of approxi-
mately 4 GW) to a joint venture of Sempra Energy Partners and
Carlyle/Riverstone Global Energy and Power Fund. In December,
most of the TX Genco assets (11 power plants with a generating
capacity of over 13 GW) were sold by CenterPoint to GC Power
Acquisition LLC, an entity owned in equal parts by affiliates of
The Blackstone Group, Hellman & Friedman LLC, Kohlberg Kravis
Roberts & Co. L.P,, and Texas Pacific Group.

&

Initially, Southern Power, an unregulated affiliate of Southern
Company, applied for FERC approval of power purchase agree-
ments (PPAs) with regulated affiliates Georgia Power and
Savannah Electric for output from MclIntosh. In hearings before
the Commission, interveners opposed approval of the PPAs on
the basis that they did not meet market-based rate standards for
affiliates. The Georgia PSC later directed Georgia Power and
Savannah Electric to acquire the facility to secure local supply.
Following asset acquisition, ongoing FERC proceedings were ter-
minated. See Southern Power Company, 108 FERC 61,134
(2004); Southern Power Company, 104 FERC 61, 041 (2003).

* |n 2003, OGE applied for FERC approval of the purchase of 77
percent interest in the McClain facility owned by NRG Energy.
The Commission set it for hearing in which interveners opposed
approval on the basis that OGE's initial mitigation proposal was
insufficient to thwart potential for market power. Ultimately, the
acquisition and revised mitigation plan were approved by FERC in
2004. See Oklahoma Gas and Electric Company and NRG
McClain LLC, 108 FERC 61,004 (2004); reh’g denied, 111 FERC
61,075 (2005).

s An asset that is trading “at par” is selling for its face value.
When the asset sells at face value, the bank has recovered the
amount of principal owed at maturity of the original loan.

* Merchant Power: Short Circuit Could Lead to Mega Returns,
Imperial Capital, LLC., January 31, 2005.
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Source notes

1. Transmission data based on FERC/OMOI analysis of NERC ES&D
Data Base, 2004 Updates from NERC as of April 19, 2005, ERCOT
data, and FERC Research. Generation data based on OMOI
analysis of EIA's Electric Power Monthly data and Platts
PowerDat. Mileage is the number of circuit miles greater than
230 kV added to a transmission system.

2. Based on EEl's planned total industry expenditures estimated
from 95 percent response rate to EEI's Electric Transmission
Capital Budget & Forecast Survey as of May 20, 2005.
FERC/OMOI applied a 2.45 percent annual inflation rate to EEI
results in real dollars; 2.45 percent was chosen based on the
Handy Whitman Index of Public Utility Construction Costs
2002—2003. 2004 FERC Form 1 reflects preliminary data.
Note: EEI Data represent shareholder-owned electric utilities.

4. Analysis of reserve margins from NERC 2004 Summer
Assessment/forecast for August with Uncommitted Resources;
net revenues reflect estimated profits from energy and capacity
markets as detailed in Electric Almanac Overview and Regional
Profiles in Appendix.

5. Data were gathered from the EIA Electric Power Monthly - Table
ES4: Plants Sold and Transferred in 2003 and 2004, and Platt’s
PowerDat, as of March 15, 2005. Note: The following buyer
types were merged into one category: IPP consists of IPP, IPP-
Cogen, and a retail supplier. Private equity consists of private
equity, financial arm of an industrial company, hedge fund,
and royalty income trust. Utility consists of utility and holding
company.

Disclaimer: This report contains analyses, presentations, and conclu-
3. Analysis of EIA's Electric Power Monthly Table ES3 and Platts sions that may be based on or derived from the data sources cited, but
PowerDat data as of March 1, 2005. Note: Energy sources are do not necessarily reflect the positions or recommendations of the data

merged in the following way. Renewable consists of black liquor,
landfill gas, wood, water, and wind. QOil consists of distillate fuel
and residual fuel. NG consists of natural gas. Coal consists of
waste coal. Data do not account for retirements.

providers.
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ENERGY MARKET

INFORMATION

M arket efficiency depends on timely, reliable, and pertinent

information. In the aftermath of recent crises, the

Commission and market participants have become increasingly

sensitive to these characteristics of effective markets.

In 2004, the Commission acted to improve energy market
information by:

+ Working with the industry to improve the quality and
credibility of price indices for natural gas and electric
power;

« Focusing attention on gas storage data by settling
cases with two companies that inappropriately shared
storage information and with a third company that

State of the Markets Report  June 2005

may also have done so, by holding a technical
conference on reporting, and by investigating an
anomalous inventory report that significantly moved
the market in November 2004; and

Improving the quality of the Electric Quarterly
Report (EQR), in which jurisdictional companies
provide a comprehensive report of their physical
electric sales.
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Introduction

Information is the lifeblood of healthy commodity markets,
including energy markets. Market efficiency depends on the
quality and transparency of information. Without pertinent
and reliable information, individual participants will make
uninformed decisions, and efficiency will decline.

If market participants find information difficult to obtain,
transaction costs grow and efficiency drops. Information
may also be costly to obtain or to use. Every market partici-
pant decides (tacitly, if not explicitly) how much to expend,
in effort and money, for market information. Well-func-
tioning energy markets must meet the information needs of
a variety of different market participants, including traders,
price takers, and regulators.

Traders. The category includes market makers with large
trading desks, speculators, and many others. These players
need access to pricing that they can trust for many different
energy products. Prices can vary by, for example, duration
(hourly, day-ahead, monthly, longer term), timing (now or
later), location (which implies valuing transmission), and
optionality. Traders can obtain such information from
transparent information sources, such as exchanges and
regional transmission organizations (RTOs), or because of
their active participation in the market itself, from less trans-
parent sources like voice brokers and direct negotiation.

Traders also use a wide variety of other information about
factors that may significantly affect price (such as weather,
outages, and load growth). They compete to obtain the best
information about the most important factors, and some set
up their own intelligence operations to do so. Market
demands drive traders to develop the most pertinent and
cost-effective information systems. As a result, the interplay
of many active traders can, in theory and probably in prac-
tice, create reasonably efficient pricing.

Price Takers. This category includes companies that cannot
or will not invest their time or money to obtain detailed
market information, generally because they are too small or
because their core business interests lie elsewhere. Examples
include smaller independent producers and distributors,
public power and gas organizations, and many customers,
large and small. Price takers depend on reliable, commodi-

tized pricing that does not require much research or
expense. In practice, they rely on transparent information
available from RTOs, exchanges, and published price
indices. They also depend on standardized forward instru-
ments like futures contracts for risk management, though
they may actually buy such products through a broker or
marketer. In a competitive market, they depend on active
traders to generate efficient prices and, crucially, on some
reliable mechanism to report those prices to them.
Transparency and standardization are the key ways to make
information usable for price takers.

Regulators. Relevant regulators include FERC, the
Commodity Futures Trading Commission (CFTC), and
state public utility commissions. They need enough infor-
mation to identify serious market abuses and flaws in the
way energy markets work. In recently deregulated markets
like some electric power, the ability to detect—and then to
correct—market flaws is particularly important.
Accordingly, it is vital that regulators have enough informa-
tion to monitor market activity.

What information is available to regulators (and when)
depends largely on the structure of the market. Locational
marginal, day-ahead, and real-time pricing, along with
capacity and ancillary services within RTO markets, are
almost entirely transparent and make much information
available in real time. Such transparency rests on standard-
ized operations and large, centralized mechanisms to collect
and disseminate the information. By contrast, most natural
gas markets and bilateral electric markets provide far less
detailed information, depending instead on trade publica-
tions to provide price indices. These markets are less trans-
parent than RTOs but often serve a variety of industry needs
well. In time, such markets may develop more standardized
platforms, rather like the IntercontinentalExchange (ICE)
and Nymez, to provide comprehensive and reliable infor-
mation akin to what is now available from RTO markets.
Finally, some electric power markets are almost entirely
opaque both to regulators and to price takers. In these mar-
kets (such as electricity in much of the Southeast), so little
information is available that price indices either do not
develop or have little value in price discovery.

In practice, the Commission has attempted to identify and
make use of all information available to it. For electric
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power, it has also developed the Electronic Quarterly
Report, a more comprehensive public reporting system than
anything available outside an RTO. The EQR reports juris-
dictional wholesale power sales, allowing for transparency
of physical, bilateral electric markets, although with a delay
of several months.

Improving Price Indices

Many energy market participants rely on price indices pub-
lished in the trade press for basic price information. Price
indices are especially important to natural gas and parts of
the electric industry that have fairly strong bilateral markets
but no RTOs. Published indices are convenient for price tak-
ers, as long as they consider them reliable.

Price indices developed as a journalistic service—not as an
integrated part of a market structure. In practice, they were
not always reliable. Prices were sometimes based on few or
no trades and were subject to misreporting and other abuses.
These indices often did not convey enough information for
market participants to judge the validity of reported prices.

After the misreporting and wash-trading scandals revealed
in 2002 and the subsequent false-reporting cases by the
CFTC, market sources reported less information to the
index compilers, making the indices even less thorough and
reliable.' Customers expressed a growing lack of confidence
in the indices.

Commission Response. The Commission worked to
improve indices since early 2003. In July 2003, it issued a pol-
icy statement,’ defining both the reporting standards and
desirable characteristics of indices. The Commission spon-
sored two technical conferences and two index workshops
to discuss problems and encourage practical industry solu-
tions. Many in industry worked to find and implement such
solutions.

Later in 2003, the Commission issued market behavior rules
that require adherence to certain basic standards by those
that report transaction data used in Commission-approved
tariffs.*On May 5, 2004, the Commission released a compre-
hensive staff report’ gauging improvement. A follow-up
technical conference, in June 2004, featured 26 panelists
who assessed progress to date and offered recommendations
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for further action. Another 29 parties supplied written com-
ments. The Commission also issued an order on the future
monitoring of indices.’

Amount of Data Reported. Some index compilers have
noted an increase in the volume of fixed-price transactions
reported. Platts, for instance, found that volumes and trans-
actions submitted for its monthly gas survey from February
through June 2004 increased by 35 percent or more, from
2003 levels. Volumes and transactions increased another 34
and 31 percent, respectively, in the first quarter of 2005 com-
pared with a year earlier. In its daily gas survey, Platts report-
ed that the number of natural gas transactions reported in
May 2004 was double that of November 2002 and that the
number reported in March 2005 was 34 percent higher than
ayear earlier. In March 2005, the number of daily electricity
transactions reported had risen by 74 percent from a year
earlier.’

Process Improvements. The May 2004 staff report docu-
mented improvements in the data reporting process by com-
paring responses from the first industry survey in
September 2003 with the second survey in March 2004 (see
Figure 1). The survey showed improvement for each of the
key price-reporting standards in the 2003 policy statement:

* The percentage of companies that report to index

Fig 1: Process Improvements
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compilers through a department that is independent
from the trading unit doubled to nearly two-thirds.

« The percentage of companies conducting annual inde-
pendent audits of their price reporting practices increased
from 5 percent to 58 percent.

* The percentage of companies with a public code of con-
duct for reporting transactions to index compilers rose
from 36 percent to 65 percent.

Amount and Quality of Information Provided. Index
compilers began providing more information about activity
at pricing locations in response to industry interest. For
example, the 10xGroup, an affiliate of ICE, provides a serv-
ice that includes the high, low, weighted average, and
change in price, along with the volume, number of trades,
and number of trading companies at each location for its
daily natural gas and electricity indices.

In 2003, Platts and Natural Gas Intelligence Press Inc. began
to designate trading locations in their monthly gas indices as
Tier 1, Tier 2, and Tier 3 to provide an indication of the level
of activity at each location. A Tier 1 location has volume in
excess of 100,000 MMBtu, Tier 2 between 25,000 and
100,000 MMBtu, and Tier 3 fewer than 25,000 MMBtu. In
August 2004, both publishers increased the information pro-
vided by including the number of trades and volumes traded
in daily indices and for Tier 1 and Tier 2 monthly indices.
They also discontinued some illiquid price indices.

Other index publishers also responded. Energy Intelligence
Group began to provide volumes and the number of transac-
tions as a result of the policy statement. Dow Jones began to
include the highs and lows with its day-ahead electricity
indices. Argus Media announced plans to add the number of
transactions to its hourly electricity indices.

Finally, index publishers began to show which price reports
rely on data from actual transactions and which are esti-
mates. Platts now notes with an asterisk and a footnote any
price that is an estimate rather than a weighted average of
reported trades. Other index publishers, including Energy
Intelligence Group, Powerdex, Argus Media, and Dow
Jones, also identify prices that are editorial estimates rather
than an average of actual transactions.’

While noting these improvements, however, the staff report
also expressed concern about the number of fixed-price
transactions in the month-ahead market and the degree of
industry reliance on index-based contracts rather than fixed-
price contracts. The widespread use of monthly indices for
natural gas contracts may be especially problematic. Many
monthly indices rely on a few deals covering small volumes.

Increase in Confidence. A survey conducted in March 2004
indicated that confidence in price indices averaged 6.9 on a
scale of 1 to 10. By industry group, the average ranged from
7.5 for gas utilities to 6.7 for marketers (see Figure 2).

Fig 2: Customer Satisfaction with Price Indices
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Moreover, conference participants noted that confidence
rose even higher after the release of the staff report that
detailed the findings of the March 2004 survey. For example,
the Process Gas Consumers Group stated that its “faith in the
price indices has been strengthened by the events of the past
two years.” EnCana Marketing (USA), Inc., said that it had a
“high degree of confidence in the prices that are being
reported and published” The American Gas Association
pointed out that “confidence in price reporting had
increased markedly” And the Electric Power Supply
Association said “both market liquidity and reporting has
increased and ... the markets’ confidence in indices has also
increased.” ®

Given the perceived improvement in the quality of gas and
electric indices, the Commission indicated it would contin-
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ue to monitor the process but did not think mandatory
reporting was necessary. On November 19, 2004, the
Commission issued the “Order Regarding Future
Monitoring of Voluntary Price Formation, Use of Price
Indices in Jurisdictional Tariffs, and Closing Certain Tariff
Dockets.” The order:

« Directed staff to continue monitoring price formation,
including adherence to the standards in the policy
statement;

» Reviewed the submissions of 10 index compilers and con-
cluded that they substantially met the standards;’

« Adopted criteria that would allow a price index location to
be used in a jurisdictional tariff; and

« Applied the newly adopted criteria prospectively only.

Natural Gas Storage

The Energy Information Administration (EIA) releases its
Weekly Natural Gas Storage Report every Thursday at 10:30
a.m. Eastern Time. Storage inventories show changes in the
balance of supply and demand. The report is particularly
important because other, more directly relevant, statistics
(such as production levels) are not immediately available.
EIA’s report is the only government-issued, regularly pub-
lished information that gives market participants a view of
current supply-demand dynamics in the natural gas industry.

The report affects the pricing of many transactions. Price
volatility for Nymex natural gas contracts increases immedi-
ately following the weekly release of the report, as traders
adjust their positions to reflect the new information. The
release of the EIA report can significantly affect other
natural gas commodity prices, transportation, and market
and trading behavior.

Given the importance of gas storage reports to markets
and the Commission’s charge to ensure that prices are just
and reasonable, FERC staff members actively monitor
storage reporting and its effect on gas markets. The
Commission undertook several oversight and enforcement
activities in 2004 to ensure accuracy and transparency of
storage information.

State of the Markets Report ® June 2005

Eliminating Sharing of Commercially Sensitive Data. In
2004, the Commission approved settlements with three
companies that communicated nonpublic, daily storage
injection, and withdrawal information to customers and
other market participants and, in one case, an affiliate, over
an extended period of time."” The behavior violated the
Commission’s standards of conduct and rules prohibiting
undue preference. The information had commercial value,
helping recipients understand and anticipate gas price
movements. The information was also potentially helpful to
pipeline transportation users, because it provided insights
into pipeline operational dynamics and, on occasion, the
likelihood of curtailments. The settlements included civil
penalties, refunds to customers, and remedial actions to
prevent future improper exchanges of storage-related
information.

Technical Conference on Storage Reporting. Following
the settlements, the Commission invited the public to file
comments regarding enhanced storage reporting in advance
of an upcoming technical conference."” The conference, on
September 28, 2004, explored whether the Commission
should require interstate pipeline companies and other
owners and operators of storage facilities to post each day’s
inventory levels electronically to increase transparency and
deter communication of nonpublic, storage-related
information.

Those who filed comments, as well as those who participat-
ed in the September 28, 2004, conference, agreed that stor-
age information is relevant to the market’s performance.
Discussion explored the potential value of publishing stor-
age information daily to assist in decision-making and possi-
bly reduce costs associated with volatility, thereby potential-
ly increasing wholesale market efficiency.

Views differed on whether or how to proceed. Some argued
that more frequent postings on pipeline websites would
mean that only larger firms could pay for services to collect
the information. Others contended that initial confusion
and problems with administration and accuracy of postings
would overwhelm any market benefit that a more frequent
data stream would offer. Still others questioned the merits
of daily posting for a market they assessed as operating
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Fig 3: Interstate Storage Posting Practices
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satisfactorily. Some expressed concern with the disaggregat-
ed and potentially incomplete nature of any proposed
reporting requirements.” Finally, many argued that current
levels of posting by interstate operators already provided
adequate transparency.”

Investigating an Erroneous Storage Report. Weekly stor-
age inventory reports that stray outside the range of expecta-
tions can have dramatic price consequences. On Wednesday,
November 24, 2004, the day before Thanksgiving, the EIA
released a weekly storage report at noon showing a 49 Bcf
withdrawal of natural gas from storage for the week ending
November 19. The price of natural gas futures contracts
immediately shot up, reacting to the sharp contradiction of
published reports that had forecast an announced with-
drawal of 13 to 25 Bcf. The December Nymex gas futures
contract prices closed on November 24 at $7.98 per MMBtu,
up $1.18 on the day. This development was of particular
concern because it occurred during the expiration of the
December contract and therefore set the price for gas deliv-
ered that month.

The withdrawal was so unexpected that, in addition to the
price volatility, traders and analysts began to speculate about
a possible error in EIA’s reporting. Reflecting a widespread
belief that the report was wrong, the market began to fall.
From Monday, November 29, to Wednesday, December 1,
2004, the January contract dropped more than 50 cents.

Price ($ /MMBtu)

EIA policy, meanwhile, stipulated that any revision would
not come until the following Thursday, the day of EIA's next
regularly scheduled release. Also in keeping with EIA policy,
the revision would be unaccompanied by explanatory
detail.

Accordingly, on December 2, EIA issued a report that includ-
ed a revised number for the amount of natural gas with-
drawn from storage for the week ending November 19. The
revised number was 17 Bcf—32 fewer Bcf than reported orig-
nally. Nymex January futures prices dropped by $0.60 to
$6.81.

On November 28, the Commission began to investigate the
event and subsequently helped identify the cause of the
error. The Commission estimated that the error and the
associated price increase may have cost market participants
from $200 million to $1 billion. The exact financial effect
was difficult, if not impossible, to determine because of the
many factors that influence gas pricing.

Through their investigations, the Commission and the
CFTC sought to determine what happened and whether
individuals who knew of the mistake had used their knowl-
edge to take advantage of the market responses. The initial
approach was to identify large withdrawals and Nymex
positions, and then to contact storage holders and operators
to ascertain their reasons for making withdrawals.

Fig 4: Natural Gas Futures - November 24, 2004
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Based on its investigation, the Commission was able to
assure market participants that it found no indication that
Dominion traders knew of the mistaken report or that
Dominion based any trading strategies on the incident. The
results indicated good standards of conduct training and
compliance at Dominion. An analysis of broader market
activity, especially on Nymex in coordination with the
CFTC, found no evidence of any trading strategy that
involved the erroneous report.

As a preventive measure, Dominion instituted reporting
process improvements that require a designated Dominion
manager to call to confirm the accuracy of all data that ETIA
receives in storage reports from Dominion management
employees.

Electric Quarterly Report—
Enhancing Market Oversight

The Commission requires public utilities and power mar-
keters to file an Electric Quarterly Report 60 days after the
end of each quarter." An EQR must summarize the contrac-
tual terms and conditions in all jurisdictional sales service
agreements (including market-based power sales, cost-based
power sales, and transmission service) and set out detailed
transaction information for power sales (and merchant
transmission negotiated rate transactions) during the most
recent calendar quarter. Data for each sale are to include the
identity of the seller and purchaser; the product sold (e.g.,
energy, capacity); the exact date and time of each sale; key
terms of each sale (e.g., whether it was short- or long-term,
peak or off-peak, hourly or weekly); and the quantity, rate,
and amount charged. Filing EQRs quarterly is required to
maintain market-based rates. The EQR makes part of the
overall physical electric market fully transparent after the
fact. In doing so, the report enhances regulatory oversight.

The EQR is not fully comprehensive. It excludes:

+ Generation to serve native load;

« Sales by federal authorities such as Tennessee Valley
Authority (TVA) and Bonneville Power Authority (BPA);

« Sales by other public entities;
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* Sales within the Electric Reliability Council of Texas
(ERCOT); and

» Sales by qualifying facilities (QFs) under QF contracts.

FERC has worked to improve the EQR by introducing and
improving filing software, directing filers to review their
submissions for errors, conducting EQR workshops, stream-
lining entries, and standardizing control areas.

Most recently, staff implemented several validation checks.
In an ongoing effort to improve data quality, staff updated
“flags” to detect such incorrect entries as disaggregated
transaction data, mistakes in reporting affiliate status, suspi-
ciously high or low prices, trading companies not reporting
book outs, and data inconsistent with other filings (e.g.,
Form 1, 10-K). Such measures have improved quality
although, in some cases, the new stringency has led to
increases in late filings (see Figure 5).

Checks for outlying data have reduced identified errors in
reported data (see Figure 6).

FERC continues to improve EQR data collection and to
make requirements clearer for respondents. As of the end of
2004, 991 respondents at 1,165 companies reported approxi-
mately 5.5 million lines of transaction data each quarter.
The EQR data provide important insights into the bilateral
physical power market, which otherwise remains largely
opaque. Omissions remain a concern, as sales by nonjuris-
dictional entities (detailed earlier) are not included in the

data.

Conclusion and Future Issues

Cost-effective provision of timely, reliable, and pertinent
information is crucial to the health of all markets. Different
market participants require different kinds of information.
The Commission supports the development of market
information systems that meet diverse needs. It has shown
its willingness to help develop practical approaches to
improving information quality and access to all participant

types.

The Commission also continues to develop its own informa-
tion resources to monitor energy markets better.

41



Recored Count (millions)

Information resource development includes maintaining
access to many publicly available information sources, devel-
oping data collections (such as the EQR), and obtaining
more detailed information when needed in particular situa-
tions or individual cases.

Energy markets face further information challenges.
Among the most important of these are:

The jurisdictional split between physical and financial
trading. The CFTC regulates financial trading, whereas the
Commission regulates (most) physical trading. Because
market players can structure most transactions to be either
physical or financial, it can be difficult for either the
Commission or the CFTC to get a picture of the intercon-
nected market.

The jurisdictional splits within the physical side of the
power industry. The Commission does not regulate munic-
ipalities, cooperatives, and other public electric entities. As a
result, it is very difficult to get fully comprehensive informa-
tion about the overall physical market.

Fig 5: 2002-2004 EQR Filings
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The different market platforms within the electric
industry. Much of the electric industry uses RTO market
structures that are similar. Other parts of the industry have
fairly strong bilateral markets, as does natural gas. These
structures tend to produce information that is less
transparent than that of an RTO, but still allows a fairly wide
range of markets to develop. Other regions (e.g. the
Southeast) tend to have very little information available and
therefore see only rudimentary markets. The challenge,
therefore, is twofold: how to integrate the information
aspects of different functioning market platforms (such as
natural gas and electric RTOs) and how to develop the infor-
mation infrastructure for regions that barely have function-
ing markets today.
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Endnotes

Events since the bankruptcy of Enron in late 2001 have reduced
confidence in price indices. In 2002, the Commission’s Western
Markets Task Force investigated the role that natural gas indices
played in the high prices charged for electricity in California in
2000-01. The Final Report on Price Manipulation in Western
Markets, issued March 2003 in Docket No. PAo2-2-000, deter-
mined that employees of several companies reported false infor-
mation to publishers of price indices in an effort to skew indices
in favor of their trading activities positions (short or long) taken
in both the physical and financial markets. Subsequently, the
CFTC and certain U.S. attorneys also initiated investigations into
false price reporting that resulted in significant civil penalties on
a number of energy companies and indictments of some individ-
uals.

Policy Statement in Natural Gas and Electric Price Indices, 104
FERC 61, 121 (2003).

Report on Natural Gas and Electricity Price Indices, Docket Nos.
PLO3-3-004 et al. May 5, 2004.

Order Amending Market-Based Rate Tariffs and Authorizations,
105 FERC 61,218 (2003), reh’g denied 107 FERC 61,175 (2004),
and Order No. 644, Amendment to Blanket Sales Certificates,
FERC Stats. & Regs. 31,153 (2003), reh’g denied 107 FERC
61,174 (2004).

Order Regarding Future Monitoring of Voluntary Price Formation,
Use of Price Indices in Jurisdictional Tariffs, and Closing Certain
Tariff Dockets (2004) 109 FERC 61, 184.

Platts comments (June 14, 2004) at 1-3 and discussion with staff
on April 6, 2005. Platts also noted that its gas survey now has

more than 60 contributors and that all but one of the top 12 trad-
ing companies are reporting their natural gas transactions. /d. at

34,
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Platts Technical Conference Comments (June 14, 2004).
Ibid.

Argus Media Inc., Bloomberg LP, Btu/Data Transmission
Network, Dow Jones and Co., Energy Intelligence Group, Natural
Gas Intelligence Press Inc., IntercontinentalExchange Inc. (10x),
lo Energy LLC, Platts, and Powerdex Inc.

The Commission issued an order in Docket INog4-2-000 approv-
ing three stipulation and consent agreements. The agreements
state that the signatories—two interstate, natural gas pipeline
companies and one local distribution company—communicated
their respective, nonpublic storage inventory information to cus-
tomers or industry participants.

Enhanced Reporting of Natural Gas Storage Inventory
Information, Docket No. ADo4-10-000.

Technical Conference (September 28, 2004).

Analysis of informational postings. Daily scheduled does not
always include no-notice storage activity.

Revised Public Utility Filing Requirements, Order No. 2001, 67 FR
31043, FERC Stats. And Regs. 31,127.

Disclaimer: This report contains analyses, presentations, and conclu-
sions that may be based on or derived from the data sources cited, but
do not necessarily reflect the positions or recommendations of the data
providers.
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MARKET BEHAVIOR RULES:

EFFECTIVENESS REVIEW

I n November 2003, the Commission issued Market Behavior Rules to fill a

void in the regulation of market-based trading activity.' In its order, the

Commission also required that the effectiveness and consequences of the

behavior rules be evaluated annually in the State of the Markets Report.

To date, indications from the wholesale energy markets
are that the behavior rules are effective and achieving
their purpose. The attention being paid by companies
to the behavior rules, evidence of widespread training of
market participants, and the relative absence of

complaints indicate that the behavior rules have had an

State of the Markets Report  June 2005

overall beneficial effect on wholesale energy markets.
Market participants have expressed concerns, however,
about the clarity of the rule related to market manipula-
tion. A few parties described how concern regarding
this rule is hindering innovation and reasonable but

aggressive postures by company traders.
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The Market Behavior Rules

The behavior rules resulted from the Commission’s investi-
gation of trading activity in western markets during 2000-
2001, which uncovered a number of trading schemes
intended to take advantage of the then-existing electricity
market in California. The Commission also discovered
abuses in reporting of natural gas prices to price index pub-
lishers for purposes of manipulating price indices.

The behavior rules were adopted to establish clear guidelines
applicable to the conduct of market-based rate sellers in
wholesale power markets and to pipelines and companies
engaged in natural gas transactions under blanket certificate
authority in natural gas markets. The rules also provide a
balanced approach to remedies for anticompetitive behavior
or market abuses.

The behavior rules for market-based trading of electricity
address six topics:

Rule 1, Unit Operation: Requires sellers to operate and
schedule generating facilities, undertake maintenance,
declare outages, and commit or otherwise bid supply in a
manner that complies with the rules and regulations of the
applicable power market.

Rule 2, Market Manipulation: Prohibits actions and trans-
actions without a legitimate business purpose that are
intended to, or foreseeably could, manipulate market prices,
conditions, or rules. Specifically prohibits certain types of
conduct, such as wash trades, transactions based on false
information, transactions to create and relieve artificial con-
gestion, and collusive transactions.

Rule 3, Communications: Maintains that sellers must pro-
vide accurate and factual information and not submit false
or misleading information, or omit material information,
in any communication with the Commission, market mon-
itors, regional transmission organizations (RTOs), inde-
pendent system operators (ISOs), or similar entities, under a

due diligence standard.

Rule 4, Reporting: Provides that if sellers report transac-
tions to price index publishers, they must provide accurate
and factual information in accordance with the standards of

the July 2003 Policy Statement on Natural Gas and Electric Price
Indices.”

Rule 5, Record Retention: Requires sellers to retain for
three years all data and information necessary for the recon-
struction of the prices they charge and the prices they report
for use in published price indices.

Rule 6, Related Tariffs: Prohibits sellers from violating or
colluding with another party in actions that violate seller’s
tariff code of conduct or applicable standards of conduct.

The behavior rules applicable to market-based rate sellers of
electricity became effective December 17, 2003, and were
automatically deemed incorporated into the tariff of every
seller with market-based rate authority. All such sellers were
directed to file the behavior rules in prescribed form in their
tariff, with the effective date of December 17, 2003.°

For natural gas wholesale transactions subject to the
Commission’s jurisdiction, the applicable rules (parts of
Rule 2; Rule 4 and Rule 5) have been incorporated in 18 CFR
§§ 284.288 and 284.403, making them applicable to inter-
state pipelines and to all holders of blanket certificate
authority to engage in sales of natural gas for resale subject to
the Commission’s jurisdiction. The behavior rules applica-
ble to natural gas wholesale transactions became effective
December 23, 2003.

To provide balance between enforcement of rule violations
and certainty for past energy transactions, complaints alleg-
ing violations of the behavior rules must be filed with the
Commission within 90 days of the calendar quarter in which
the violation is alleged to have occurred, or within 90 days of
the time the complainant knew or should have known of
the behavior. Similarly, if the Commission becomes aware
of potential violations of the behavior rules, it must take
action, such as initiating an investigation, within 90 days of
learning of the alleged conduct. The principal remedy for a
violation of the behavior rules, in addition to any other
applicable remedies, is disgorgement of unjust profits from
the violation. Given the evolving energy markets, the
Commission also required that the effectiveness and conse-
quences of the behavior rules be evaluated in the annual
State of the Markets Report.
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Reaction to Behavior Rules

Many parties presented views and concerns to the
Commission on the proposed rules, and the Commission
made several modifications to the proposed rules in
response to these comments. Since issuance of the final
rules, however, direct comments to the Commission have
been limited to requests for rehearing, all of which were
denied. *

The Commission adopted rules that attempt to combine
adequate notice of prohibited conduct while retaining
enough flexibility to address facts and circumstances not cur-
rently envisioned. It was the Commission’s expectation that
future cases will present concrete circumstances in which
the behavior rules are applied, permitting the Commission
to highlight specific prohibited conduct on a case-by-case
basis.” At the present time, however, no cases have yet
reached the Commission for decision. In addition, no for-
mal complaints have been filed with the Commission alleg-
ing violations of the behavior rules.

A common theme expressed by industry participants is that
Behavior Rule 2, dealing with market manipulation, is
vague. As noted earlier, Behavior Rule 2 bars actions or
transactions without a “legitimate business purpose” that
are intended to or foreseeably could manipulate market
prices, conditions, or rules. The Commission provided spe-
cific examples of actions that violate Behavior Rule 2 (such
as wash trades or creation of artificial congestion) and
explained that if a transaction were undertaken to provide
service to a buyer with rates, terms, and conditions disci-
plined by competitive forces, the transaction would have a
legitimate business purpose.’ This has given a degree of guid-
ance to the industry, although some participants may find
uncertainty in specific circumstances and others may adopt
a cautious (or overly cautious) approach to new trading
strategies until more information about the scope and
meaning of the behavior rules is available.

We have received reports that market participants have
begun incorporating the behavior rules into their training
programs and are providing guidance for trading personnel
and managers of market activity. This is an essential step to
translating the principles of the Behavior Rules into specific
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guidance for the personnel involved in day-to-day market
activities.

Notification Concerning Price Reporting

Behavior Rule 4 required that sellers notify the Commission
whether they report prices to publishers of price indices in
accordance with the standards of the Price Index Policy
Statement and to report any subsequent change in reporting
status. The Commission received notices on behalf of 756
companies. While most notices stated the companies were
not reporting energy trade data to price index publishers in
accordance with the Policy Statement standards, many of
the companies that notified the Commission they are
reporting are among the most active traders. Moreover, sub-
sequent filings of update notices indicate that more compa-
nies are now reporting transaction data. Consistent with
this, the volumes of transactions reported by price index
publishers indicates a continuing increase in the number of
transactions being reported, thus providing additional price
information to interested market participants (see essay on
“Improving Energy Market Information”).

Effectiveness of Behavior Rules

On May 6, 2005, the Commission hosted a technical confer-
ence and workshop on both the standards of conduct and
the behavior rules. Speakers representing segments of
industry addressed the behavior rules and noted that, while
some confusion remains about the scope of Behavior Rule 2,
companies are providing training to employees and under-
stand the importance of common ground rules for market
activity. Feedback from conference participants indicates
that most companies have provided training in the behavior
rules and that many companies have made changes in their
market operations as a result of the adoption of the behavior
rules. When asked whether the behavior rules have had a
positive or negative impact on wholesale energy markets, a
majority of those responding said that the behavior rules
have had a “somewhat beneficial” effect.

The attention being paid by companies to the behavior
rules, evidence of widespread training of market partici-
pants, and the absence of complaints indicates that the
behavior rules have had an overall beneficial effect on
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The Market Behavior Rules

The behavior rules resulted from the Commission’s investi-
gation of trading activity in western markets during 2000-
2001, which uncovered a number of trading schemes
intended to take advantage of the then-existing electricity
market in California. The Commission also discovered
abuses in reporting of natural gas prices to price index pub-
lishers for purposes of manipulating price indices.

The behavior rules were adopted to establish clear guidelines
applicable to the conduct of market-based rate sellers in
wholesale power markets and to pipelines and companies
engaged in natural gas transactions under blanket certificate
authority in natural gas markets. The rules also provide a
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The behavior rules for market-based trading of electricity
address six topics:
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4. The behavior rule orders now are on appeal. Cinergy Serivces

Inc., et al. v. FERC, Nos. 04-1168, et al. (D.C. Circuit, filed May 28,
2004).

5. Behavior Rule Order 172.
6. Behavior Rule Rehearing 43.

Disclaimer: This State of the Market report contains analyses, presen-
tations, and conclusions that may be based on or derived from the data
sources cited, but do not necessarily reflect the positions or recommen-
dations of the data providers.
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ELECTRIC POWER MARKETS IN 2004

This State of the Markets Report contains an overview of electricity markets and individual
profiles of 10 major electric regions: New England, New York, PJM, the Midwest (MISO

and MAPP), the Southeast, SPP, ERCOT, the Southwest, the Northwest, and California.
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Electric Power Markets National Overview

NATIONAL OVERVIEW
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California

New England

Southeast

Nationally, four keys to understanding U.S. power markets in 2004 were:

Electric markets remained essentially regional. Market institutions continued to differ greatly among
regions, as did resource mixes and ways of addressing transmission congestion. During 2004, the most notable change
was the further development of Regional Transmission Organizations (RTOs) in several regions. In regions without
RTOs, independent generators continued to complain about lack of equal access to the grid.

Average electric power prices rose in almost all regions. New York, New England, and Texas (regions with
RTOs that depend largely on natural gas) had relatively small increases. Regions that depend heavily on eastern coal
saw the highest price increases. This pattern reflected the relative price increases of the fuels used in each region.

The country as a whole had overbuilt generating capacity, but was underinvesting in load pockets.
Regions without RTOs provided few price signals to give an incentive to invest in load pockets. In RTO regions, price
signals within load pockets were often insufficient to provide an incentive to build, either because of administrative
procedures that would mitigate prices or because of a lack of location specific pricing. Even in New York City, which
had a stronger price signal than other load pockets, state agencies were building much of the new capacity that will
eventually come on line. Transmission investment had increased in recent years, but large-scale upgrades remained
hard to site and build.

Financial institutions emerged as major players in the electric industry. In 2004 alone, hedge funds
and lenders acquired 4.7 percent of generating capacity in the United States. Financial trading overall increased
significantly in energy.
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Regional Diversity

The most important structural feature of the electric power
market in the United States is its regional diversity—in
resource mix, consumption patterns, and market institu-
tions. The resource mix for power generation differs from
region to region (see figure 1). The most significant differ-
ences are the importance of hydropower in the Northwest
and the relative mix of natural gas generation compared
with coal or nuclear steam generation in other regions.

Overall consumption for the country totaled 3,711,667
GWh in 2003 and increased to 3,827,325 GWh in 2004.!

Market institutions also differ among regions. In
the East, California, and Texas, regional transmis-
sion organizations (RTOs) operate the transmission

markets outside California and supplement the California
Independent System Operator’s (CAISO) balancing market
within California.

Southeastern bilateral markets have few liquid trading
points, except for a moderately liquid index for power mov-
ing into Entergy. Southeastern markets have little or no
transparency, and serious concerns remain about access to
transmission for independent generators.

Table 1 summarizes the market services available in each
region in 2004.

Fig 1: 2003 Capacity by Fuel and Prime Mover

grid and the basic spot market for power. During 100% -
2004, the Midwest and the Southwest Power Pool _  90% 1 ® Renewables)
(SPP) moved toward adopting RTO markets, with < sg:f’ ] BGAS andjor OlL
the Midwest considerably more advanced than SPP. & " | EIGAS andior OIL
By the end of 2004, regions accounting for 68 per- é 509% A BGAS and/or OIL
cent of all economicactivity in the United Stateshad &~ 40% - BCOAL ST
chosen the RTO option.’ e 30% -

% 20% 4 ENUCLEAR
In the West, long-distance electric transmission and 182;“ I BHYDRO
trading are es'senFlal for the entire region. Fairly PSSP PRSP
deep and liquid bilateral spot markets exist at 10 to & 55 T T
12 locations inside and outside California. These & @ @ ©

trading locations provide price discovery for the

Source: Derived from data from Platts data. See Source Note 1.

Table 1: Wholesale Electric Markets in 2004

Real-time Day-ahead Virtual Ancillary Financial Capacity  Associated
market market Bidding services transmission (UCAP) financial
markets rights markets markets
(RTO/ISO) Bilateral (RTO/ISO) Bilateral (RTO/ISO) (RTO/ISO) (RTO/ISO)  (RTO/ISO)

New England | | | | | [ | | [ B |
New York [ | [ | [ | | | [ | [ | | [ |
PIM | | | | | [ | | | K [ |
Midwest [ [ [
Southeast u [ [ |
SPP 06 | |
ERCOT | | | [ | [ |
Northwest u | [ |
Southwest [ | [ | B
California | | | [ | [ ] [ ]
* Systemwide ? Locational 3 Systemwide with the exception of the Northern Illinois control area.
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RTO Spot Markets

Al RTOs in current operation:

* Dispatch the generators in their
systems and operate at least one
short- term market that prices energy,
congestion, and losses—Eastern RTOs
all offer day-ahead and real-time mar-
kets and California and Texas offer
real- time market alone;

Use some form of locational pricing,
though the level of granularity differs
from locational marginal pricing
(LMP) in the northeastern RTOs to
Texas’ and California’s zonal system;
and

Have independent market monitors.
In 2004, the Midwest Independent
System Operator (MISO) and the
Southwest Power Pool (SPP) also had
market monitors in place in prepara-
tion for starting their markets in 2005
and 2006, respectively.

Table 2 shows the different variety of
services available within each RTO.

Overall, RTO markets offer efficient
systems of economic dispatch, price
transparency for market transactions,
and methods for addressing possible
abuses of market power. Each RTO
market continues to find it necessary to
administratively adjust outcomes with
mitigation authority. In many cases,
other markets have grown up around
the RTO markets. PJM West, for
example, is among the most heavily
traded bilateral markets and Nymex
offers a futures contract for PJM.
Similarly, ERCOT and both NP-15 and
SP-15 in California are among the most
heavily traded bilateral markets in the
country. In contrast, visible bilateral
trading in New York City has essential-
ly disappeared over the past 2 years.

Table 2: RTO Market Characteristics in 2004

B Existing O Projected for ‘o5 or ‘06 ¢ Cost-Based ® Other
Services Provided ISO-NE NYISO PJM MISO SPP ERCOT CAISO

Bilateral transactions
Active online physical trading (1)
Active online financial trading (1)

Real-time energy market

Locational energy price

Hourly energy price

Congestion price

w

Losses price

el BB EEN

Day-ahead energy market

Locational energy price

Hourly energy price

Congestion price

Losses price

Ancillary services market

Regulation service market

Operating reserves market

o
~

Reactive power market
Black start market

L AR AR AR dR 2
(o (N(Nm

|| o|ele|e R R]|EE] | m| -
m

Financial transmission rights

Capacity market

L IRJL IRAR A0 00 0L

Regional transmission scheduling

=
1S
=
=)

Regional economic dispatch

Regional transmission planning

Regional interconnection process

Independent market monitor

Bl NN NN ENeo
BB NN EENe o
BB RN ENeoeon

Sl(m|m|m|s] =
E(mmm
E(mmm

Mitigation

* An active market is defined as one that currently provides a historical price series.

* Losses allocated to market participants based on a pro-rata share of total transmission losses.
Allocated to sellers using generation meter multipliers, which reflect scaled marginal losses.
Regulation is cost-based outside of MAAC.

Non-spinning reserves are derived from market-based offers.

Units needed for VAR taken out-of-merit.

Fixed monthly Mvar payment plus opportunity cost.

RFP procurement process.

CAISO has cost-based contracts for RMR.

* No day-ahead energy markets; economic dispatch used in real-time balancing markets.

6 e N e w s w
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RTO Spot Markets

Other Spot Markets

In 2004, the areas covered by RTOs expanded. Figure 2
shows the current configuration:

« Several large service territories joined PJM, which now
includes many areas in Virginia, West Virginia, Ohio,
and Illinois as well as its historical region in the mid-
Atlantic. The area now in PJM covers about 18 percent
of total electricity consumption in the United States.

«  MISO continued developing its day-ahead and real-time
markets for deployment in 2005.

* The Commission approved RTO status for SPP. It will
begin with a balancing market (planned for early 2006). It
has already set up a Regional State Committee (RSC) to
facilitate regional transmission planning and oversight.

* The Commission approved the Independent System
Operator for New England (ISO-NE) for RTO status,
effective in 2005.

In the desert Southwest and the Pacific Northwest, large
volumes of energy have long traded in bilateral markets.
The two most liquid points are Mid-Columbia (Mid-C) in
the Northwest and Palo Verde in the Southwest. Other
pricing points with significant quantities of visible bilater-
al trading include the California-Oregon Border (COB)
and Mead.

In some ways, bilateral power markets in the West resem-
ble natural gas markets more than they do RTO markets.
They do not provide the same level of services or informa-
tion as RTOs. Nonetheless, many of them appear to be
reasonably liquid and transparent. One indication of the
health of bilateral markets in the West has been the length
of contracts one can obtain on the open market. Some
services advertise deals going out as long as 12 years—3
years is more common in the East—indicating a degree of
confidence in bilateral western markets.

Fig 2: RTO Configurations in 2004

[ caiso K

O spp

B ERCOT
A miso
O ppm
B NyIso
[ 1SONE
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Bilateral markets in the Southeast tend to be much less lig-
uid and more opaque than in other regions. The number of
bilateral trades reported at the Into Entergy trading point is
higher than at any other southeast point. Traders report few
trades for other points in the Southeast and almost none for

Florida.

Approaches to Congestion

Transmission congestion is a central feature of the electric
power industry. It arises when there is not enough transmis-
sion available to deliver less costly power into an area that
then must run more costly generators instead. The electric
industry in the United States addresses transmission
congestion mainly in four ways.

* Locational Marginal Pricing (LMP). In New England,
New York, and PJM, the RTOs use LMP to set a value for
power at each node in the grid. Security-constrained eco-
nomic dispatch ensures efficient use of transmission and
determines which generators must change their opera-
tions to account for transmission congestion. This process
yields LMPs where price differences among nodes indi-
cate the costs of congestion. Beginning in 2005, MISO
will join the eastern RTOs in using LMP to address
congestion.

* Zonal Prices. ERCOT’s and California’s zonal prices rep-
resent a hybrid approach. Zonal pricing uses separate
aggregate prices for each zone aggregate. Such a system
shows market participants the incidence and value of con-
gestion among but not within zones, reducing trans-
parency.

+ Transmission Loading Relief (TLRs). TLRs are orders to
customers to limit their transactions and thereby reduce
loads on particular transmission lines. Operators use
TLRs to limit the use of transmission lines in some regions
where LMP does not ration capacity. TLRs relieve

congestion, but they are administrative, not market
mechanisms. As a result, TLRs indicate where congestion
occurs but give little indication of how much cost the
congestion causes. In 2004 (and until MISO’s markets
began operation in 2005), TLRs were the primary method
to address congestion in the Midwest. Entergy, SPP, and
TVA also make wide use of TLRs.

* Redispatch. In some regions, system operators redis-
patch their systems to accommodate congestion without
giving any clear signal as to how much congestion has
occurred or how much it is worth. The Southern
Company uses this approach, as does much of the West.

Capacity Markets

RTOs have complemented their energy markets with
installed capacity markets. RTOs use capacity markets to
ensure that load-serving entities pay for the cost of having
enough capacity available to meet reserve margin require-
ments. RTOs intend that capacity markets will provide an
additional stream of revenue to generators that can make it
financially possible to invest in new generating plants when
needed.

As estimated by the PJM, the New York Independent
System Operator (NYISO), and ISO-NE market monitors,
net revenues from installed capacity (see Table 3) varied by
region in 2004. Except in New York City, the
revenues in capacity markets were generally low, particularly
in New England.

Table 3: Net Revenues from Installed Capacity

Region S/kW-yr
NYISO NYC $135.25
NYISO Rest of State $16.65
PIM $5.38 for CT/ $5.24 for CC
ISO-NE $0.36

Source: PJM Interconnection, NYISO, and ISO-NE market monitoring units.
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Average Spot Price Levels

Most market participants use spot markets for a small frac-
tion of their purchases and sales. (The volatility of electricity
markets makes heavy reliance on the spot market problem-
atic for many players.) Nonetheless, healthy spot markets
are critically important for the functioning of all wholesale
power markets. Spot markets establish the value of power at
each time period as short as 5-minute intervals. Spot mar-
kets provide price signals that:

« Enhance short-term decisions—power traded at the margin
ensures that the most efficient mix of generators provides
power to those who most value it, without
necessarily changing the total bills for most customers; and

« Influence the value of longer term contracts and expecta-
tions for future spot prices.

All competitive electric markets ultimately rest on well-
functioning spot markets, either bilateral or as part of RTOs.
However, spot markets in some regions, in 2004, remained
opaque with no RTO markets and few or no bilateral trades
reported to index publishers. These regions include immi-
nent RTO regions SPP and the MAPP and MAIN regions of
MISO, as well as the non RTO Southeast. As a result of the
underlying nature of the markets in these regions, any pric-
ing information is at best indicative of the regional prices,
although the published indices are the best pricing informa-
tion available publicly. Price transparency in MISO and SPP
should improve with the implementation of RTO markets.

Pricing

Electric prices for on-peak periods increased for most major
pricing points around the country between 2003 and 2004.
The levels of price increases varied by region as shown on
Figure 3. On-peak prices for pricing points in Texas, New
York, New England, PJM, the desert Southwest and the
Great Plains, rose by 6 percent or less. Pricing points in other
regions—the Southeast, the industrial Midwest, and much
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of the West Coast—increased more than 10 percent. Some
areas (Southern, VACAR, Cinergy, and ECAR North)
showed increases of more than 15 percent.

In the Eastern Interconnection and Texas, the lowest on-
peak price increases came in areas where natural gas is
typically the marginal fuel. In the West, California, and
Northwest, prices moved together, maintaining $4 to $5
gaps between Mid-Columbia and the California-Oregon
border and again between COB and northern California.

Off-peak prices generally increased more on a percentage
basis in 2004 than on-peak. Much of this increase was due to
coal price increases.

Two key factors often drive electric power prices—weather
and input fuel prices. In 2004, weather extremes were rare
and input prices increased.

Weather

Average winter temperatures in 2003-2004 were about nor-
mal for the nation—cooler on the East Coast, warmer in the
Midwest. The summer was the ninth coolest on record
nationally. Spring and fall were both warmer than usual.
Overall mild weather, particularly in the summer, lowered
demand and probably moderated price increases. This pat-
tern also made severe price events less likely.

The year’s two major price events both occurred in the
Northeast in the winter. The first was a severe weather
episode that affected New England and put the combined
markets for natural gas and electric power under unusual
stress (see Figure 4). This episode produced the largest differ-
ences between day-ahead and real-time prices during the
year for any RTO market because market participants failed
to anticipate either the severity of the weather on the first
day or the rapidity with which normal conditions would
return on the next day.
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Fig 3: Electric Regions with Pricing Nodes On-Peak Prices ($/MWh)
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During the New England cold snap, market participants Fig 4: New England Daily Average On-Peak Prices
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In the West, hydro conditions were somewhat worse
than normal. Mild summer temperatures helped avert
major price events.

Source: Derived from ISO-NE data. See source note 3.
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Effects of Input Prices:
Natural Gas, Coal, and Emission Allowances

A major factor contributing to the pattern of electricity price
increases was the relative price of fuel and other inputs. Led
by oil, natural gas prices continued to rise in 2004, by about
8 percent over 2003. Gas prices rose slightly less in the
Northeast (in percentage terms) than elsewhere (see Table
4). In the Northeast and Texas, average on-peak power
prices rose less than natural gas prices did (minus 1.5 percent
in New York City to 5.4 percent in PJM West). In California
and Florida, on-peak power prices rose somewhat more
than natural gas prices (7.7 percent to 11.7 percent).

Coal prices present a more complex story than natural gas
prices. Nationally, the EIA reports that average coal prices
increased by about 6 percent.” However, the national aver-
age coal price includes a large percentage of coal that moves
under long-term contracts with fixed price terms. In look-
ing at spot market prices for electric power, the more impor-
tant coal price is the spot coal price because a generator could
sell the coal on the spot market instead of generating power.
Increases in spot coal prices varied by region. Some key
eastern coal prices rose by 69 percent. For western coal from
the Powder River Basin, the spot price increased 6 percent.
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Finally, prices for emission allowances (effectively another
key input for many coal-fired generators) rose significantly
through the year. This pattern of coal and emission
allowance prices is consistent with the observed small elec-
tric price increases in areas where plants typically use west-
ern coal in the marginal generating unit. Greater price
increases are to be expected where eastern coal and associat-
ed emissions allowances are more often on the margin.

Table 4: Change in Input Price 2003-2004

Input 2003 Price 2004 Price Change
Natural Gas ($ per MMBtu)
Henry Hub $5.44 $5.85 8%
Southern California $5.08 $5.51 8%
New York $6.45 $6.81 6%
Coal (§ perton)
Central Appalachian (Rastern) $32.19 $54.39 69%
Powder River Basin (Western) $6.16 $6.56 6%
SOz Allowances ($ per ton) $175.53 $436.31 149%
oil
WTT (Crude - $ per barrel) $31.06 $41.51 34%
Residual Fuel, New York ($ per barrel) $27.47 $27.95 2%
Distillate Fuel, New York ($ per gallon) $0.85 $1.12 32%

Source: Derived from Platts, Bloomberg, and Cantor Fitzgerald data. The SO,
Allowances are based off of monthly averages.
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Table 5: Peak Spot Prices for Major Pricing Points (5/MWh) Table 5 shows average 2004 power prices
both on-peak and off-peak for pricing
On-Peak Spot Prices Off-Peak Spot Prices points around the COllIltI'Y. Consistent
2003 2004 %Change 2003 2004 %Change | yith fundamental market drivers, both
on-and off-peak price increases were
Northeast greatest for regions and times that were
Mass Hub $59.05  $61.47  4.1% $41.80  $42.94  2.7% most likely to depend on eastern coal for
NY Zone G $6173  $61.74  00% $4212  $42.86  1.8% the marginal generating unit—Virginia,
NY Zone J §77.82  $76.63  -1.5% $48.70  $48.28  -0.9% §°uthern’ and the Ta:,terln l\fldw?t' Pncle
increases were relatively low for coal-
NY Zone A $51.36 $52.49 2.2% $35.78 $36.82 2.9% , , Y
. ; burning regions further west—the Great
PJM West $48.49 $51.10 5.4% $24.14 $30.15  24.9% Plains and the Southwest.
Southeast
VACAR $41.60 $48.27 16.0% $19.44 $25.23  29.8% The off—peak effects of eastern coal prices
Southern $41.55  $48.67  17.1% $19.51  $26.01  33.3% were more pronounced than the on-peak
TVA $38.90  $4423  13.7% $18.73  $22.14  182% effects. Coal is more often on the margin
Florida $5221  $5831  11.7% §225 $2900 3049 | inoffpeak periods. (Spot electric prices
tend to track the running costs of the on-
Entergy $41.47 $45.76 10.3% $18.39 $23.04  25.3% , o , .
Mid line unit with the highest operating costs.
o The operating costs are mostly from fuel
Cinergy $37.57  $4331  153% $15.91 $19.88  24.9% and emissions allowances.) Many pricing
ECAR North $38.41 $45.58 18.7% $16.54 $21.00  26.9% points in the Southeast and Midwest
MAIN North $43.14 $47.94  11.1% $16.47  $2028  232% showed off-peak price increases of 20
NI Hub $37.01  $42.03  132% §1544  $1757 13.8% | percent or more. PJM West showed a
MAIN South §3843  $42.85  115% §16.06  $1841  14.6% striking dlffereflce'bet""een on and off-
peak power price increases—5.4 percent
MAPP North $45.18 $47.06 4.2% $17.22 $19.12  11.0% ,
) ) on peak and 24.9 percent off peak. This
MAPP South $43.29 $45.90 6.0% $16.93 $19.00 12.3% diChOtOl’Ily reflected the tendency of M
South Central to have natural gas on the margin during
SPP North $41.66  $45.19 8.5% $18.48 $20.55 11.2% pea_k periods and coal in off—pea_k periods‘
ERCOT $46.49  $47.32 1.8% $3051  $3145  3.1% Entergy showed a similar pattern.
Southwest
Four Corners $48.55 $50.51 4.0% $32.28 $35.45 9.8%
Palo Verde $49.10 $50.09 2.0% $32.84 $35.44  7.9%
Mead $50.65 $51.91 2.5% $33.75 $37.43  10.9%
Northwest
Mid- Columbia $40.73 $44.54 9.3% $34.04 $39.27  15.3%
COB $44.49 $49.09 10.3% $35.23 $40.58  15.2%
California
NP15 $49.13 $54.46 10.9% $35.76 $41.35  15.6%
SP15 $51.25 $55.20 7.7% $35.15 $39.26 11.7%

Source: Derived from Platts and Dow Jones data. See Source Note 4.
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Overcapacity and Underinvestment

During 2004, the generation sector of the Fig 5: Annual U.S. Capacity Additions 1960-2009
industry faced different circumstances:
70
* In aggregate across the country, the B Other
industry had a significant degree of over- 60 =
capacity as a result of the building boom DCoal e
for combined cycle natural gas plants. 50 ONatural Gas - Other -
O Natural Gas - Gas Turbine H
s O Natural Gas - Combined Cycle
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the fourth year in a row. Still, large-scale
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transmission additions remained rare.

Source: Derived from Platts PowerDat data (February 2005).

Generation Overcapacity * They make less money than expected when they do run.
They tend to compete against other combined cycle plants
The United States built more generating capacity between most of the time, not against less efficient, older gas-fired
2000 and 2004 than in any earlier 5-year period (see Figure plants. This competition reduces spark spreads (the differ-
5). Almost all of this capacity is combined cycle gas plants— ence between what natural gas costs and what the power
far more fuel-efficient than earlier gas plants. Independent it generates sells for) so that each plant typically makes less
generating companies built most of this capacity—tradition- money than expected when it does run.
al utilities built less than a quarter of it. Most regions now
have a surplus of generation (see Table 6). Taken together, these factors help explain why many inde-

pendent generating companies face financial difficulties and
The surplus of generation has reduced the profitability for =~ why many individual assets are financially distressed.

many combined cycle plants because:
Table 6: 2004 Reserve Margins

* They do not run as expected. Investment stud- Summer Reserve Summer Reserve
ies typically were excessively optimistic in the Margin % Margin %
predicted hours of dispatch. In reality, new | \o En gland 30% Spp DO%*
plants have fewer opportunities to earn money. ) ] .
Many combined cycle plants now run as inter- New Yor 25% ERCOT 26%
mediate, not baseload plants. As a result, system | PIM 36% Northwest 23%
operators call on them to cycle on and off more | midwest 16% Southwest 29%
than originally expected, which adds to mainte- Southeast S2%* California 2%
nance costs. In some cases, too, the plants can- - : — : .

. s * Reserve margins include uncommitted capacity not included in the regional market profiles.
not get transmission service. They also exclude all derates, which may overstate the available reserves in some regions.

Source: Derived from NERC 2004 ES&D and RTO/ISO data.
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Underinvestment

Although the nation as a whole has access to more electric
power generation than it needs, some local areas suffer from
underinvestment. Price signals in those areas have not pro-
vided incentives for needed investments.

Table 7 shows the results of a net revenue test for each
region, with New York City broken out separately. The net
revenue tests shown here differ from those that a regional
entity might prepare in that we use price and cost estimates
from the same sources for all regions.

Table 7: Net Revenue

Region Point CC Net Revenue CT Net Revenue
(as % of (as % of
Target Revenue) Target Revenue)
New England  Mass Hub 59% NA
New York NYC () 285% 246%
Hud Val (G) 83% 27%
PIM West Hub 34% 9%
Midwest Cinergy 13% 0%
Southeast Southern 32% 0%
SPP SPP 32% 1%
ERCOT ERCOT 30% 0%
Northwest CcoB 48% 1%
Southwest Palo Verde 48% 2%
California SP-15 68% 3%
NP-15 58% 1%

Source: See regional overviews and “Analytic Note on Net Revenue Calculations”.

A net revenue test:

« Totals the market-related revenue streams a generator
could have received in 2004 (The estimates reported here
include spot market revenues for all hours when financial-
ly feasible to operate and capacity payments from RTO
capacity markets, when relevant, but not ancillary service

payments.);

* Subtracts variable costs (fuel and variable operation and
maintenance); and

« Compares the result to the target revenue needed to pay
for the fixed costs of a new plant. Estimating the revenues
needed to pay for fixed costs requires many assumptions,
and different analysts arrive at significantly different
estimates. (The estimates reported here use EIA cost
estimates, which tend to be lower than most.)

Making net revenue estimates consistently across the coun-
try inevitably leads to compromises that do not precisely
reflect individual regions. The results in the table would
change if the estimates used different assumptions for fixed
costs or if other revenue streams such as ancillary services
were used. In most cases, such changes do not affect the
overall results. The two major exceptions are:

+ In New England, most of the revenue for a combustion
turbine (CT) would come from the forward reserve
market that ISO-NE introduced in 2004—part of the
revenue stream for ancillary services. ISO-NE estimates
that a CT could recover between 66 percent and 88
percent of the revenues needed for investment.*

EIA’s estimates of fixed costs are misleading for New York
City. EIA's estimates are regional averages and fail to take
account of the unusually high costs of building power
plants in the most populated city in the country. The table
overstates the net revenue percentage for New York City
significantly. NYISO’s independent market advisor esti-
mates that the cost recovery for a New York City com-
bined cycle (CC) plant was marginal in 2004 and probably
would not have provided quite sufficient revenues.” He
further estimated that a New York City CT would have
recovered just over half the needed costs.

These results reflect the overall surplus of generation in the
country. Net revenues should be low in such circumstances,
reflecting the lack of need for investment. However, the
lack of market incentives is evident in most load pockets,
and there is little incentive to build new plants in places that
need them as well.
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Non RTO Regions. Utilities in regions that do not have
RTO markets usually fail to provide market signals for
investment inside load pockets. For example, New Orleans
is a load pocket, as are several cities within SPP. In the
absence of locational price signals in either Entergy or SPP,
price signals neither show the need for investment in a par-
ticular area nor promise to give the investor a return for
investing in the right place nor raise the cost of consump-
tion. Investment in load pockets or in transmission lines to
avert congestion rely on traditional utility planning
approaches rather than market signals.

Fig 6: Out-of-Market Bids
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In the West, rapidly growing Las Vegas has become a load
pocket. The relatively robust bilateral power market in the
West does not appear to provide enough locational detail to
justify investing in Las Vegas in particular.

RTOs. Proponents of LMP often tout its ability to provide a
locational price signal for investment that would otherwise
be lacking. However, pricing in load pockets must deal with
two key issues at the same time—load pockets are subject
both to scarcity and market power, either of which can raise
prices. It has proven difficult in practice to allow the full
exercise of scarcity pricing while preventing any abuse of
market power. For this reason, RTOs use a variety of mech-
anisms to mitigate prices within load pockets that can some-
times blunt incentives for investment.

State of the Markets Report  June 2005

New England has two significant load pockets: Boston and
southwest Connecticut. Though both areas are short of gen-
eration, their average revenues were essentially the same as
for the rest of New England (except Maine, where genera-
tion is abundant). In southwest Connecticut, there is no
separate price zone for the load pocket.

In both New England load pockets, ISO-NE frequently dis-
patched units that bid more than the prevailing market
price—“out-of-market” bids. Figure 6 illustrates this concept
where market prices remain lower and “uplift” side pay-
ments are collected outside the market and paid to certain
generators. Similarly, units called on for VAR and local sup-
port can receive a higher than market price. ISO-NE then
charges the additional payments to customers. In 2004, the
total amount of these out-of-market payments was $334
million.

Many buyers see uplift payments as a way to force them to
pay prices that are above “market” value, that is, above the
published market-clearing price. However, from an invest-
ment perspective, such out-of-market payments remove
from the energy market the primary incentive to invest in
new generation or transmission. A net revenue analysis for
New England suggests that a new generator would have
received 59 percent of the revenues needed to justify having
invested in a combined cycle gas plant. That reflects the
market realities of New England outside the load pockets.
But given the lack of price differentiation between the load
pockets and other areas, it is also the price signal for the load
pockets.

In response to these problems in ISO-NE proposed a loca-
tional capacity market. This would provide revenues to
plants in load pockets and could give an incentive for local-
ized new investment. ISO-NE and some local authorities
are also working hard to build a new transmission line into
southwest Connecticut. The fact remains that in 2004, there
were virtually no energy market signals to show the need for
such investment.

New York City is the one major load pocket in which a net

revenue analysis indicates that revenues from a combined
cycle plant might have justified the investment in 2004. In
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fact, some market players are building new capacity in New
York City. However, even there the investment response
has not come easily. Between 2001 and 2005, NYPA, a state
agency, has built or is building the majority of the in-city
generation. A merchant transmission proposal to deliver
power from upstate into the city (the Conjunction project)
failed during the year.

Southern California could become a load pocket under
certain conditions. Recent concerns about possible short-
ages if summer is hot there in 2005. During 2004, the net
revenue test showed a southern California generator
receiving 68 percent of the revenues needed to justify
investment in a new combined cycle plant, higher than
any other region except New York. The price differential
between the desert Southwest and southern California
also increased. These are both market signals consistent
with a growing need for new capacity, but they do not
appear to be strong enough to justify building a new plant.
Given potential problems in southern California in the
summer of 2005, the question is whether electric power
price signals for new investment will provide enough lead
time to build new plants or transmission before shortages
occur.

Transmission Investment

Electric transmission owners have increased their invest-
ments in transmission every year since 2000 (see Table 8).
Net plant additions in transmission, as reported in the
2004 FERC Form 1, were $3.828 billion—4.7 percent of the
total transmission plant in service. Transmission invest-
ment grew 69 percent between 2000 and 2004.

These reported investments include all plant and equipment
associated with transmission, not just transmission lines.
Large transmission lines remain difficult to site and to build.
In 2004, a total of 931 circuit miles of new transmission lines
above 230 kilovolts came into service in the United States, a
0.6 percent increase to the transmission system already in
service (more than 150,000 circuit miles over 230 kilovolts).*

Table 8: Transmission Investment by Companies (SBillions)

Year  Gross Transmission Transmission Net Transmission

Additions Retirements Additions
2000 $2.6 $0.4 $2.3
2001 $3.4 $1.1 $2.3
2002 $3.3 $0.4 $2.9
2003 $4.0 $0.4 $3.5
2004 $4.3 $0.4 $3.8

Source: Derived from FERC Form 1 data including accounts 352, 353-359.1. See source note 5.

Growing Role of Financial Institutions and Private Equity

During 2004, financial institutions and private equity enti-
ties became more important players in electric power mar-
kets in three ways. They:

* Acquired individual assets, at both the corporate and the
plant level,

* Helped facilitate rapidly expanding trading in key power
markets, and

* Helped improve systems for doing business in the power
industry by, for example, addressing credit risk and clearing.

Asset Acquisition

Financial institutions acquired significant holdings in the
electric power industry in 2004. At the corporate level,
Goldman Sachs acquired Cogentrix, Credit Suisse First

Boston (CSFB) acquired United American Energy (UAE)
and AIG-Highstar Capital acquired 50 percent of
Duke/UAE American Ref-Fuel. Most of the electric power
holdings aquired by financial institutions and private equity
in 2004, however, were at the facility level.

During 2004, almost 36 GW of generation assets changed
hands, a four-fold increase from 2003. Table 9 provides
details by buyer type. Effectively 5.8 percent of total capacity
in the industry changed hands.

Who acquired the assets? Investors within the electric indus-
try doubled their acquisitions in 2004, but financial players
increased their acquisitions nearly six-fold, despite the fact
that investment banks virtually stopped buying power assets.
The new acquirers were private equity and hedge funds (23.2
GW) and lenders to assets that defaulted or were in danger of
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default (6.0 GW). Private equity itself accounted for 65
percent of all the capacity that changed hands in 2004, 3.7
percent of all generation capacity in the United States. The
rise of private equity and hedge funds represents a change
from 2003, when investment banks accounted for most of
the asset acquisition at the plant level.

Increased Trading of Financial Products

During 2004, financial trading on the
IntercontinentalExchange (ICE) increased by a factor of 10.
Figure 7 shows nationally the volume of power traded
financially for a given month, looking at contracts for a
month or longer. For example, the December volume
includes all trades made for the month of December or for a
strip of months which included December during all earlier
periods prior to the month.

Trading in ICE financial swaps’ designed for market partici-
pants to trade future power quantities financially increased
in many regions around the country. This change was most
pronounced in PJM, where its products accounted for over 50

Table 9: Asset Acquisition by Company Type (GW)

2003 2004
Electric Industry Buyers
Utilities 0.7 1.6
Affiliated Power Producers 0.5 2.1
Public Sector (Munis and Coops) 1.1 0.4
Independent Power Producers 0.7 2.2
Total Electric Industry Buyers 2.9 6.3
Financial Buyers (Acquirers)
Private Equity and Hedge Funds 0.8 23.2
Lenders o 6.0
Investment Banks 4.4 0.2
Total Financial Buyers 5.2 29.4
Total Acquired 8.1 35.7

Source: Derived from EIA data, confirmed with Platts PowerDat software.

GWh per month in forward contracting. Most regions also
saw large percentage increases in the volume of ICE trading
during the year. The increase became especially pronounced
starting in September for most regions. Western New York
(Zone A) was an exception, having been fairly high through-
out the year.

Fig 7: Financial Trading on ICE
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Source: Derived from ICE on-peak financial swaps volumes. ICE products evaluated include monthly, dual monthly, quarterly, and calendar year contracts traded for 2004.
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The increase in ICE swaps volumes follows ICE’s introduc-
tion of a clearing service® in late 2003 for several hubs (PJM,
NYISO, Cinergy, SP-15, Palo Verde) and again in the sum-
mer of 2004 for others (ISO-NE, NP-15, Mid-C).
Participants may have moved some pre-existing business to
ICE to take advantage of the clearing service. The number
of financial transactions on ICE may have increased for
other reasons as well. ICE trends provide the best indication
available for changes in trading volumes in electricity, as
information on over-the-counter trading is lacking.

Financial trading in the electric industry appears to be one
part of a web of energy markets that link physical and finan-
cial markets for both fuel and power. The best indications
available are that financial trading in electric power is a more
important part of that web of energy markets than it was a
year ago. Financial instruments are more attractive in many
circumstances—the delivery obligation in physical deals can
be both cumbersome and costly. The increase in trading also
suggests an increasing ability for market participants to arbi-
trage between physical and financial markets for reasons of
cost, convenience or regulatory regime.

Improvements in Credit and Clearing

Industry events during 2000 and 2001—from the
California “meltdown” to the PG&E and Enron bankrupt-
cies to financial distress among most energy merchants—
heightened awareness of credit issues. Credit concerns, in
turn, lowered market liquidity.

Market liquidity is, among other things, a function of the
availability of capital and (inversely) the credit capital
required to transact business. From 2000 through 2003, mar-
ket liquidity declined and credit capital requirements
increased as market participants made the costs of credit
more explicit for their counterparties. They became more
diligent at assessing credit quality, set tighter credit limits
and collateral requirements, and revised credit requirements
more frequently. At the same time, energy merchants had
less capital available for energy transactions.

In 2004, liquidity improved as surviving energy merchants
continued recovering, producers and some utility affiliates
became more active, and financial players joined long-
established investment banks Goldman Sachs and Morgan
Stanley in building energy trading capabilities. Overall,
these changes increased capital available to market partici-
pants. Increased capital improved the industry’s ability to
address credit issues, increased the ability of companies to
buy and sell energy, and increased market liquidity.

At the same time, market participants sought to reduce cred-
it exposure by netting, clearing, and more efficient settle-
ment. Clearing platforms including Nymex ClearPort,” ICE
with the London Clearinghouse (LCH),” and EnergyClear"
developed. More recently, more specialized approaches have
grown up to address more specific issues. For example,
North American Energy Credit and Clearing (NECC)"”
entered physical clearing and Virtual Markets Assistance
Corp. (VMAC)” netted insurance coverage. These activi-
ties are helping to reduce required credit capital.

FERC has addressed credit issues. It organized a joint credit
and clearing conference with Commodities Futures Trading
Commission (CFTC) in early 2003” and issued a notice of
proposed rulemaking for pipeline creditworthiness* and
received comments later in 2003. FERC issued an electric
credit policy statement” in late 2004 for transmission
providers and RTO/ISOs. The policy statement requires
greater transparency for all and calls for RTO/ISOs to accel-
erate settlements and develop other means to reduce mutu-
alized credit risk among their market participants. These
efforts also facilitate the reduction of required credit capital.

Together, increased capital availability and reduced
required credit capital improved market liquidity in 2004.
The linkage of credit and market liquidity is important to
the Commission because liquid markets are a strong indi-
cator of the competition that the Commission relies on to
provide just and reasonable rates.
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Conclusion and Remaining Questions

Electric power markets faced less stress in 2004 due to gener-
ally benign weather. They responded successfully in the few
cases of difficult weather conditions—in New England in
January and more broadly in the Northeast in December.

RTOs developed significantly during the year:
» MISO prepared for starting its markets in 2005.

* SPP became an RTO and prepared for a balancing market
in 2006.

« ISO-NE received approval for RTO status.

Overall, areas accounting for over two-thirds of the national
economy have opted for RTOs. At the same time, the
Southeast and the West outside California showed little sign
of moving toward RTOs in the near future.

Longer-term markets continued to show signs of being
prone to boom-bust cycles. During 2004, generating compa-
nies finished the last major group of combined cycle natural
gas plants started during the last boom. Most of the country
was in the bust part of the cycle with a glut of generating
capacity and financial distress for many companies. At the
same time, most load pockets with supply shortages did not
see market price signals that would justify new investment.

The major questions facing electric power markets in the
future include:

+ How well will short-term markets perform when faced
with more severe, more widespread, or more prolonged
weather incidents? Both winters and summers have
been mild for the last 2 years, so the markets have not
faced a major test recently.

State of the Markets Report  June 2005

« How will RTO markets adapt to regions that have a
history of many separate control areas, such as MISO?

+ Can markets signal the need to build capacity (genera-
tion, transmission, or price responsive demand) long
enough in advance to prevent shortages that lead to price
explosions or blackouts? The capacity markets of the
Northeast are one major effort to address this issue. Other
possible approaches include letting energy prices rise to
clear the market and traditional utility planning. Much of
the country has no obvious market mechanism to signal
the need for new building in advance of shortages. The suc-
cess of capacity markets in addressing the issue is not yet
proven.

* Can electric markets institutions foster the develop-
ment of more price responsive demand? With little
price response from demand, markets are more subject to
price spikes (in response to short-term shortages), to over-
building (to avoid price spikes), and to greater cost (since a
large fraction of total investment is designed to meet peak
demand). Developing more price-responsive demand
raises a host of institutional issues including the difficul-
ties of reconciling the jurisdiction of states over retail mar-
kets and federal jurisdiction over the purchasing as well as
selling side of wholesale markets.

+ Howwill the industry integrate market institutions and
reliability requirements? Well-designed markets should
reinforce reliability, and reliability should support
markets.
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Guide to the Regional Profiles

The individual regional profiles cover 10 regions: New
England, New York, PJM, the Midwest (MISO & MAPP),
the Southeast, SPP, ERCOT, the Southwest, the Northwest,
and California.

Each profile stands alone as a summary of the region’s elec-
tric markets in 2004. The profiles are designed to be as stan-
dard as possible but differ somewhat because of differences
in the information available from each region. RTO regions,
for example, have much more information available than
others. The profiles generally include the following sections:

Summary. The opening section of each profile includes:

* A brief description of the region and important factors
that affect its electric market.

* A map with average on-peak prices for 2004 for available
pricing points.

* A summary price table that includes annual on-peak
prices for the region for 2003, 2004 and a 5-year average. It
also provides price estimates from different sources,
where available, so the reader can compare, for example,
the RTO’s price with those provided by the trade press
(such as Platts) or an electronic exchange (such as ICE).

« Overall statistics for supply and demand, including esti-
mates of reserve margins.

Major Focal Points for 2004. This section summarizes the
most important developments that affected the regional
market during 2004.

Spot Market Prices and Volumes. This section includes a
graph of key daily regional prices during the year. In many
cases it will include more than one price series so that the
reader can compare different data sources or different pric-
ing points. It is especially useful for identifying price spikes
and seeing the overall range and volatility of prices through
the year. Where relevant, this section includes a second
pricing chart. In some cases, the second chart shows a sec-
ond pricing point in more detail (as in southern and north-
ern California). In others, it shows the difference between

day ahead and spot prices during the year. The text describes
key events that affected prices—for example heavy loads that
drove prices higher.

Financial Prices and Volumes. This section contains two
graphs:

« A plot of the forward price curve at several times during
2004. This graph shows how market expectations of
future prices changed during the year.

« A graph of the quantity of power for the region that trad-
ed under forward contracts on ICE during the year. This
indicates the change in the amount of financial trading
and shows striking increases in some regions.

Capacity Auctions. This section applies to those regions
that have RTO capacity markets (New England, New York,
and PJM). It includes a brief description of the market, a
graph of prices through 2004, and a graph of quantities
traded in the auctions.

Resource Mix. This section shows the mix of generation in
the region (by fuel and generator type)—both by capacity
installed and by amount of power generated in 2003.

Market Concentration. This section shows the top 10 gen-
erating companies in each region (by capacity and total
power generated) in 2003.

Net Revenues. This section provides an estimate of how
much revenue a marginal plant could have generated from
energy and capacity markets during 2004 and compares the
result with an estimate of how much revenue it would take
to justify constructing the plant. It supplies estimates for
both a combustion turbine (for peaking) and a combined
cycle plant (for base and intermediate load). These esti-
mates reflect the signal to investors as to whether it would be
(or would have been) worthwhile to make investments in
the region. Market signals should lead to higher net revenue
estimates in regions that are short of power and lower esti-
mates where there is a surplus.

Regional Exports and Imports. This section shows a daily
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graph of overall net imports for 2004. It also shows average
and maximum flows over major interfaces with other
regions.

Generation and Transmission Additions and Retirements.

This section shows changes to the physical infrastructure
over the last 3 years.

Endnotes

Short Articles. Each regional profile includes at least one
brief discussion that highlights an important event or devel-
opment during the year in greater detail than is possible in
the standard sections.

* Data collected from 2004 NERC ES&D database.

* FERC/OMOI analysis of Bureau of Economic Analysis, Regional
Economic Accounts (Revised as of 12-15-04), and EIA 2003 Forms
906 and 861 data.

3 US Coal Supply and Demand: 2004 Review by Fred Freme; US Energy
Information Administration, April 2005.

+ 1SO New England State of the Market Report 2004. May 4, 2005, 28-9.

5 2004 State of the Market Report—New York Electricity Markets. May
4, 2005, 6, presentation discussion.

¢ Transmission data derived from NERC ES&D Data Base 2004,
updates from NERC as of 4/19/05, ERCOT data, and FERC research.

7 A fixed for floating financial swap exchanges dollar obligations and
liability based on a firm established price, which is liquidated against
a price that is based upon an index, but physical commitment is
never established.

8 Clearing is the mechanism used to erase the risk of principal-to-prin-
cipal transactions (trading) through a transfer to an anonymous pool.
Clearing typically involves futures commission merchants, regulated
exchanges, membership liability, insurance products, margin, and
settlements to ensure the financial security of the transactions to all
the markets participants.

> New York Mercantile Exchange (Nymex) began clearing over-the-
counter energy transactions in 2002 and formed the Clearport plat-
form for clearing and execution for a growing list of gas and power
products. Nymex Clearport volumes were 6,040,165 contracts in
2003 and 14,455,848 in 2004.

*© |ntercontinentalExchange (ICE) is an online trading platform
(electronic broker), which began clearing through the London
Clearing House (LCH) in 2002. Cleared volumes were 4,529,781 con-
tracts in 2003 and 17,965,076 contracts in 2004.
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* EnergyClear was a membership clearing model where each partici-
pant had to be a member and contribute to a pool of guaranty funds
to protect against the default of a member. This model is different
from that of Nymex ClearPort and ICE/LCH where the protection is
mutualized among the Clearing Members (or Futures Commission
Merchants—FCM) and each participant must clear through an FCM.
EnergyClear started with five members and shut down in early 2004
after growing beyond the initial membership over the 2-year start up
effort.

2 North-American Energy Clearing Corporation (NECC) is gearing up to
start clearing of physical transactions on ICE in the summer of 2005,
beginning with power products from the ERCOT market and Henry
Hub gas.

3 VMAC (previously Virtual Markets Assurance Corporation) utilizes an
insurance model to provide multi-lateral netting—the primary focus
of clearing to reduce credit risk. VMAC anticipates start up during
the summer of 2005.

“ Commaodity Futures Modernization Act (CFMA), enacted December
14, 2004, reauthorizes the Commodity Futures Trading Commission
(CFTQ) and contains provisions for the regulation of designated clear-
ing organizations (DCOs) for over-the-counter products by complying
with a set of core principles.

» Joint FERC and CFTC conference on “Credit Issues in the Energy mar-
kets; Clearing and Other Solutions,” held February 5, 2003.

* Docket No. RMo4-4-000, “Creditworthiness Standards for Interstate
Natural Gas Pipelines” Notice of Proposed Rulemaking (NOPR)
issued February 12, 2004. FERC received comments. A decision is
pending.

7 Docket No. PLos-3-000, “Policy Statement on Credit-Related Issues
for Electric OATT Transmission Providers, Independent System
Operators and Regional Transmission Organizations” issued
November 19, 2004.
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Source notes

. Demonstrated capacity data are from Platts PowerDat, RDI
Modeled production Costs data set for calendar year 2003,
reflecting self-reporting from all utility and non-utility electric
power generating facilities with nameplate capacity of 50 MW
or more.

. On-peak days for western nodes (NP-15, SP-15, Mid-Columbia,
COB, Mead, Palo Verde, and Four Corners) are defined as
Monday through Saturday excluding NERC holidays. On-peak
days for all other nodes are defined as Monday through Friday
excluding NERC holidays. Some regional prices will differ from
the almanac prices as other data sources were utilized at the
regional level.

. FERC/OMOI analysis of 2004 ISO day-ahead on-peak LMPs from
http://www.iso-ne.com/smd/operations_reports/hourly.php.
Platts Megawatt Daily 2004 on-peak index prices are for the
Massachusetts Hub. ICE 2004 on-peak index prices are for the
Nepool Mass Hub. On-peak hours are 7am to 11pm. On-peak
days are Monday through Friday excluding NERC holidays.

4. The price increases reported here are for individual pricing
points in Platts, with the exception of Mead on-and off-peak

Dow Jones firm on-peak prices and NYISO off-peak ISO prices
(off-peak hours are all weekend and NERC holiday hours as well
as weekday hours 11pm to 7am). In particular, the PJM West
pricing point reflects activity at only that point, not for the
whole of PJM. Looking just at this point avoids the problem
that PJM grew during the year, so that average prices for the
whole of PJM represent different areas at different times during
the year.

5. FERC Form 1 data for 2004 is a preliminary data set based on
198 of 221 companies. The missing 23 companies accounted
for 6.7 percent of the Year Balance dollars in 2003. It was
assumed that their share of the total would remain constant in
2004. Transmiss-ion addition levels for the 198 respondents,
representing 93.3 percent of the whole ($3.99 billion) multi-
plied by (100/93.3) provides a preliminary 2004 transmission
addition level of $ 4.277 billion.

Disclaimer: This report contains analyses, presentations, and
conclusions that may be based on or derived from the data
sources cited, but do not necessarily reflect the positions or
recommendations of the data providers.
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California (CAISO) Electric Market Profile

he California electric market comprises primarily the

California-Mexico Power Area (CAMX) subregion, as desig-
nated by the North American Electric Reliability Council
(NERC). Within CAMX an open-access, wholesale market is
managed by the California Independent System Operator
(CAISO), representing approximately 80% of demand within the
California electricity market. The portion of the CAMX power
area within Mexico consists of a small section along with transfer
capability limited to 800 MW total into California. CAISO man-
ages more than 25,000 miles of transmission owned by Pacific Gas
& Electric Company (PG&E), Southern California Edison
Company, San Diego Gas & Electric Company, and participating
municipalities.' The remaining 20% of California’s load is man-
aged by municipal utilities and irrigation districts such as the Los
Angeles Department of Water and Power, the Sacramento
Municipal Utility District, and the Imperial Irrigation District.

CAISO manages markets for imbalance energy, ancillary services,
and transmission usage. Wholesale energy and ancillary service
costs, including CAISO’s imbalance energy, totaled approximate-
ly $11.8 billion for 2004, compared with $10.8 billion for 2003.
Imbalance energy (the difference between scheduled energy and
actual load) represents less than 5% of energy consumed in
CAISO.” Ancillary services (A/S) allow for generation to be held
in reserve to provide a margin of supply above the demand
requirement. CAISO provides access to, and allocates the capacity
of, California’s transmission to market participants.

NP-15 Zone Prices

2004 Average Zonal Prices for On-peak Hours ($ per Mwh)

OR

Zones

O NP-15
B zp-26
[ sp-15

$39.25

Source: Derived from CAISO data. See source note 1.

During the year CAISO experienced 4% demand growth with less
than comparable growth in generation.

2003 2004 5-Year

ISO (Incremental only) $37.08 $39.61 $61.35
Platts $49.13 $54.46 $75.12 2003 2004 Exp. 2005
Dow Jones $49.08 $54.47 NA Summer Generating Capacity MW 56,766 55,726 54,421
Summer Peak Demand MW 42,689 45,597 46,668
Summer Reserves MW 14,077 10,129 7,753
2003 2004 5-Year Summer Reserve Margin 33% 22% 17%
ISO (Incremental only) $39.89 $u4.72 $57.60 Annual Net Generation Gwh 180,740 184,168 NA
Platts $51.25 $55.20 $72.04 Annual Load GWh 231,241 239,769 NA
Dow Jones $51.17 $55.17 NA Annual Net Exports/Imports Gwh (51,110) (56,581) NA

Source: Derived from CAISO, Dow Jones and Platts data. See source note 2.

Source: Derived from CAISO data. See source note 3.

Focal Points for 2004

¢ High-level goals for resource
procurement were issued in
January when the California
Public Utility Commission
(CPUQ) set in motion policy for
long-term procurement rules for
load-serving entities.
Stakeholders sought more defi-
nition, and the CPUC opened a
new omnibus proceeding on
electric utility resource plan-
ning. Workshops on implemen-
tation are forthcoming in 2005.2

¢ Insufficient new generation is
coming on line either to meet
demand growth or to compen-
sate for generation retirements,
the California Energy
Commission (CEC) reported.
The CEC expected California to
have adequate supplies
through 2009, but has since
qualified that expectation, stat-
ing that, under hot weather
conditions or with significant
retirements of aging power

plants, the state’s reserve mar-
gins could become “dangerous-
ly thin, primarily in southern
California.”

e Anew power plant received
conditional approval of a power
purchase agreement between
Southern California Edison
(SCE) and a subsidiary it creat-
ed to complete and operate the
partially constructed power
plant, Mountainview, located in

Redlands, Calif. The CPUC
granted conditional approval of
the project to address genera-
tion supply needed for southern
California. State agencies and
SCE had expressed concern
that as early as 2006 there
could be insufficient new gener-
ation to meet demand growth,
if new plants were not built.’
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Daily Average of Southern California On-Peak Prices
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Source: Derived from CAISO, Dow Jones, Platts and IntercontinentalExchange (ICE)
data. See source note 4.

Day-ahead, peak bilateral prices from  Platts,
IntercontinentalExchange (ICE), and Dow Jones are illustrat-
ed, as well as CAISO real-time prices. Prices in 2004 were affect-
ed by the following: implementation of Phase 1B; nuclear unit
outages; a major transmission line failure near Palo Verde that
tripped over 4,000 MW of generation throughout the West and
pushed imbalance energy prices in SP-15 to more than $116;
and derating of the Pacific DC Intertie (PDCI) for repairs and
upgrades through the summer and fall.

Implementation of a new Real-Time Market Application on
October 1 contributed to an increase in real-time price volatili-
ty and price spikes. The real-time price volatility declined later
in the year as CAISO adjusted software parameters and genera-
tion and transmission resources returned to service.

Ancillary Services saw significant price spikes for spin, non-
spin, and regulation services throughout the year. Offers to sell
A/S were often less than the capacity requirement for reserves.
Typically, less supply is available during “shoulder periods”

Daily Average of Northern California On-Peak Prices
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Source: Derived from CAISO, Dow Jones, Platts and ICE data. See source note 4.

(seasonal off-peak periods) when generators and transmission
lines are taken out of service for repairs. In 2004, capacity was
further reduced after the loss of a Diablo Canyon nuclear unit,
a San Onofre nuclear unit, and some capacity on the Pacific DC
Intertie. The lack of generation resources led to unusual price
spikes for reserves, such as A/S for lower quality resources
exceeding prices for the higher quality resources. The daily
weighted average nonspin price exceeded $100 for at least one
day during each of the months from August to December.

In 2004, the daily peak load hours averaged 30,275 MW. Day-
ahead forecasted loads for the California ISO generally tracked
real-time volumes, but the two diverged by as much as 12% on
a few occasions. In NP-15 bilateral trading, Platts-reported vol-
umes averaged 1,470 MW and peaked on November 26 and 27
at 2,975 MW; ICE volumes averaged 16,852 MW and peaked on
July 9 and 10 at 50,400 MW. In SP-15 bilateral trading, ICE vol-
umes averaged 26,072 MW and peaked on October 29 and 30 at
88,800 MW; Platts-reported volumes averaged 2,459 MW and
peaked on September 1 and 2 at 5,800 MW.
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SP15 Swaps Prices from Trade Date
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For California, financial markets consist of both physical for-
wards and financial swaps. Market participants use many plat-
forms for their financial transactions. Data are available only for
ICE and the New York Mercantile Exchange (Nymex). ICE began
clearing SP-15 in December 2003 and NP-15 in August 2004.
Nymex ClearPort began trading NP-15 and SP-15 financial swaps
in June for July and future montbhs.

Trading of ICE NP-15 and SP-15 monthly physical products for
2004 was highest in the third and fourth quarters. Trading for the
fourth quarter was twice first-quarter volumes for NP-15 and 20%
higher for SP-15. SP-15 volume was higher than N'P-15 trading on
both ICE and Nymex ClearPort for both physical and financial
products.

FINANCIAL MARKETS: PRICES AND VOLUMES

SP-15 Forward and Swaps Volume
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Financial trading of SP-15 on ICE overtook physical trading in the
second quarter and by December was more than double physical
volume. On ICE, financial trading increased 21-fold for SP-15
over the course of trading for 2004; N'P-15 trading increased more
than 61-fold, although the overall volumes for NP-15 were 10% of
SP-15. From August, trading of NP-15 on Nymex ClearPort out-
weighed trading on ICE.

The increase in trading of NP-15 and SP-15 financial products is
consistent with general trends in electricity trading as more non-
traditional electricity trading entities (hedge funds and banks)
have become active in these financial markets, and as industry
credit has improved. Some of the increased trading on ICE might
be due to its starting to offer clearing of trades, as noted above.

CAISO Continued to Experience Congestion Challenges

Congestion costs occur when transmission facilities are con-
strained and cannot carry more power. At those times the sys-
tem must use higher cost generators located close to load,
rather than lower cost generators elsewhere. CAISO estimates
that congestion costs in 2004 were $482 million, up from $177
million in 2003. Intra-zonal congestion was $426 million.

In California, suppliers may schedule power transfers without
regard to transmission constraints—for example, the con-
straint at the Miguel substation regarding energy transmission
into San Diego—but the scheduled power may be physically
undeliverable. This practice increases congestion costs. The
long-term “seller’s choice” contracts entered into by the state
in 2001 account for much of this. Congestion was also

increased by the seven-week San Onofre refueling outage
(approximately $9 million in congestion costs) and intermit-
tent outages of the Sylmar substation during the summer
(approximately $22 million).

CAISO uses Reliability Must Run (RMR) contracts for certain
generating units in load pockets to meet local reliability needs
(e.g., voltage support and contingency reserves) and to miti-
gate local market power (see Offer Mitigation box, p. 74). RMR
units may also be dispatched in real time in response to intra-
zonal congestion. When the RMR units were dispatched for
this purpose, CAISO calculated the net real-time costs (variable
costs in excess of reliability costs) for intra-zonal congestion as
$49 million in 2004, up from $27 million in 2003.¢
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Capacity and Generation by Fuel and Prime Mover
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2003 RESOURCE MIX

2003 MARKET CONCENTRATION

In 2003, hydroelectricity, wind, nuclear energy, and coal consti-
tuted 43% of total California capacity and provided 59% of net
generation. The region depends heavily on gas-fired capacity
providing 45% of the capacity in 2003 and contributing 30% of
annual net generation.

The top 10 owners provided 59% of capacity and 55% of genera-
tion in California in 2003. Seven of the top 10 generation owners
in CAISO were independent power producers or utility affiliates,
who built or acquired generating assets outside of their tradition-
al service territories. The major investor-owned utilities in
California have divested substantial portions of their generating
assets or transferred them to unregulated affiliates.

The residual supplier index (RSI) is one measure of the extent to
which a single generation supplier is pivotal in the real-time ener-
gy market on an hourly basis. CAISO’s Department of Market
Analysis (DMA) calculated that the RSI for 2004 decreased from
2003 levels, but was still significantly above the 1.0 RSI Index level
for all hours in the year. The RSI dropped below the 1.1 level for
22 hours in the year. This indicates competitive conditions in the
ISO control area and less potential for market power.”

Capacity for thermal units, and in particular natural gas-fired
units, changed the most in 2004. More than 97% of the new gen-
eration that came on line in 2004 was fueled by natural gas. The
CAISO initiated the return of the two Reliant Etiwanda thermal
units in mid-2004, accounting for 640 MW of the 750 MW of gen-
eration additions. These units were brought back into service
under RMR contracts that preclude them from setting market
prices.
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CAISO was a net importer of energy, importing an annual aver-
age of 6,587 MW. The highest daily net imports were on
December 9, averaging 9,041 MW, whereas the lowest daily net
imports were on February 29, averaging 3,448 MW. The highest
hourly net imports were for hour 15 on September 7 for 11,024
MW; the lowest hourly net imports were for hour 2 on March 1
for 2,197 MW.

Regionally, CAISO receives most of its power from the
Northwest and Arizona, and on average is a net exporter of ener-
gy to the Sacramento Municipal Utility District. Zonally, both
NP-15 and SP-15 were net importers from external control areas,
although, on January 1, NP-15 was a net exporter. On net, SP-15
imported more than three and a half times the amount that NP-
15 did.

Hourly Net Interchange

REGIONAL EXPORTS AND IMPORTS
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External Interface Max Max Avg

Exports- MW  Imports-MW  NetExports

(Imports) MW

Arizona 1,830 6 6
Imperial Valley 325 Zgg (3(7333 Average Hourly Zonal Exports
LADWP 1,176 1626 (135) Zone Max Max Avg
Mexico 270 515 (125) Exports - MW  Imports- MW Net Exports
Nevada/Utah 335 1196 (569) (Imports) MW
Northwest 1900 5867 (2457) NP-15 2292 4595 (1383)
SMUD 1973 430 795 SP-15 3069 10280 (5203)

Source: Derived from CAISO data. See source note 7.

Source: Derived from CAISO data. See source note 7.

CAISO Experiences Seven New Record Peak Load Days

During 2004, CAISO set seven new records for energy
usage, reaching 45,597 MW on September 8. The previous
record of 43,609 MW was set in July 1999. Demand peaked
at levels not projected to be reached until 2006. This was a
tight year for operating reserves for the CAISO. In May,
California reached record temperatures, running about 10
degrees above the forecasts for southern California. A
record temperature on March 29, combined with 770 MW
of generation tripping, resulted in the ISO declaring a
Stage 1 Emergency. CAISO projected supply margins on
the thin side for the remainder of the summer in SP-15
and initiated the return to service of two mothballed
Etiwanda power plants located within the Los Angeles
Basin load pocket for a total capacity addition of 640 MW.

The two plants were designated as Reliability Must Run
(RMR) units, which allowed the ISO to use them to meet
local reliability needs. The timing was fortunate. The sec-
ond unit came on-line the day before the CAISO experi-
enced its record peak for SP-15 of 25,743 MW on
September 10. During this record peak load day, the ISO
grid operator depleted its entire operating reserves in SP-
15 and reach transfer capability limits on its transmission
into that area. The CAISO avoided blackouts, but
expressed concern about the deliverability of reserves to
SP-15. The rest of the West experienced high heat during
some of the same periods and had power still available to
export to California with the exception of varying
amounts of transmission congestion.’
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Generation Additions. In the CAISO region, 10 generation
units came on line. The largest were two previously mothballed
320 MW units at Reliant’s Etiwanda plant, located in SP-15 to
serve load in the Los Angeles Basin. The Etiwanda units were
brought back into service under RMR contracts that preclude
them from setting market prices. Capacity additions in 2004
were lower than in the two previous years. Total capacity in
2004 increased by 748 MW of which the net additions of new
plants was approximately 110 MW, generation retirements
totaled 180 MW, and the Etiwanda reinstatement accounted for
640 MW.’

Transmission Additions. Three significant transmission proj-
ects were completed in CAISO: the Path 15 upgrade, the Miguel
substation upgrade, and the Pacific DC Intertie at Sylmar sub-
station.

The Path-15 upgrade is a new 84-mile, 500 kV transmission
line, providing an additional 1,500 MW of transfer capability
between the southern and the northern portions of the state.”
After the upgrade took effect on December 14, Path-15 energy
flows increased 40% in the south-to-north direction.

San Diego Gas & Electric’s Miguel substation was upgraded to
allow an additional 100 MW to 400 MW of power into the San
Diego area. This substation effectively limited transmission
transfers from Arizona into southern California. San Diego Gas
and Electric estimated that the $30 million project would
reduce congestion costs by $18 million annually and would ease
access to more efficient generation from the Southwest. These
benfits should accrue once a second upgrade is completed in
2005. The upgrade took effect October 31.

GENERATION AND TRANSMISSION ADDITIONS AND RETIREMENTS
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Source: Derived from CAISO, EIA and Platts data. See source note 8.

The Pacific DC Intertie was upgraded between early summer
and year end. The addition of a transformer bank at the Sylmar
(Los Angeles) substation doubled its transfer capability from
800 to 1,600 MW, increasing capability between the Los
Angeles Department of Water and Power and CAISO.
Maintenance was performed at both ends of the line (Los
Angeles and the Pacific Northwest) to update equipment and
improve reliability. The line was down for short periods in early
summer, operated at reduced capacity throughout the summer,
was taken off-line again September 30, and was restored to full
2,200 MW capacity by December 30.

Offer Mitigation

CAISO uses a Bid Cap and Automatic Mitigation
Procedures (AMP) to address economic withholding,
complementing its Must Offer requirement to address
physical withholding. The Bid Cap of $250/MWh is a
“soft” cap because sellers can submit bids above this
price, but the bids do not set the market clearing price
(and are subject to justification and refund). Therefore,
the market clearing price cannot exceed $250.

AMP operates in CAISO’s real-time market. It mitigates

an energy offer if the offer violates an explicit threshold
(“conduct test”) and materially affects the market clearing
price (“impact test”). AMP takes effect only when prices
are expected to exceed $91.87. AMP operates system-wide
(System AMP) and also locally on offers from resources
that are taken out of merit order to alleviate intra-zonal
congestion (Local AMP). During 2004, System AMP mit-
igated no bids (i.e., no bids failed both the conduct and
impact tests). Local AMP mitigated fewer than 2% of the
out-of-merit dispatches, totaling $318,507.
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Northern California Net Revenue from Energy
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As shown, 2004 annual net revenues from energy for gas-fired
technologies were below the five-year average for the third con-
secutive year, in part, because of relatively large net revenues in
2000 and 2001. Annual net revenues from energy increased from
2003 for a combined cycle in NP-15 and SP-15 of 8.3 and 0.5 per-
cent, respectively. In both NP15 and SP15, revenues from energy
for a combustion turbine declined to a five-year low.

We estimate that new gas-fired combustion turbines in California
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require $64.29/kW-yr, and gas-fired combined cycle plants require
about $87.85/kW-yr, to meet debt and equity requirements.

In 2002, 2003, and 2004 estimated net revenues for gas-fired com-
bined cycle and combustion turbine plants in California were
below these thresholds. (The five-year average net revenues
exceed these thresholds only because of exceptionally large rev-
enues from high-priced periods in 2000 and 2001.) Energy mar-
kets alone did not signal the need for new investment in 2004.
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Endnotes

1

The Participating Transmission Owners (PTOs) in the 1SO Control
Area are PG&E, SCE, SDG&E, City of Vernon, City of Anaheim, City of
Azusa, City of Banning, and City of Riverside. All PTOs are also utility
distribution companies (UDC). Other UDCs are City of Pasadena and
Lassen Municipal Utility District. Metered Subsystem (MSS) cus-
tomers in the ISO Control area are Northern California Power
Authority, The City of Roseville, and Silicon Valley Power. Other load-
serving entities that the 1SO provides services for include (but are
not limited to) Western Area Power Administration, California
Department of Water Resources, Metropolitan Water District of
Southern California, Modesto Irrigation District, Turlock Irrigation
District, and City of Redding.

Most energy within CAISO’s control area is generated by the utilities
and purchased under bilateral contracts with suppliers such as mer-
chant wholesale generators and qualifying facilities. State-procured
“sellers choice” contracts (procured during the 2001 energy crisis)
covered 32% of the three, large investor-owned utilities’ peak ener-
gy requirements in 2004.

California Public Utilities Commission, Decisions 04-01-050, 04-10-
035, and 04-12-048.

Integrated Energy Policy Report 2004 Update [100-04-006CM],
California Energy Commission, November 2004, vi.

FERC granted conditional approval of the Mountainview project,
subject to certain modifications such as accounting provisions and
pass-through of actual operating costs. FERC also ordered that it
would hold all future power purchase agreements to the Edgar stan-
dards. 106 FERC 61,183.

Source notes

¢ Source: CAISO. Total RMR costs for 2004 were $649 million, up from
$490 million in 2003. The amount attributable to intra-zonal conges-
tion costs was $49 million in 2004, $27 million in 2003. RMR units
rose in 2004 by a net of 10. The RMR cost increase was attributable
mostly to higher natural gas prices and the need for congestion
management in southern California because of unexpected genera-
tion outages.

7 April 2004 Annual Report on Market Issues and Performance, the
California ISO Department of Market Analysis.

& CECand CAISO.

° CAISO, Platts NEWGen as of March 1, 2005, EIA Form 860. All gener-
ation is in summer capacity unless otherwise indicated. Capacity
Additions and Retirements are for calendar year 2004, based on
Platts and EIA net summer capacity estimates and FERC staff
research. They may differ from the Summer Generating Capacity in
the Supply Demand Statistics table. Summer Generating Capacity
may be projected for the summer peak, may omit some calendar
year additions, and may reflect actual demonstrated capacity and
deratings.

* Path-15 south-to-north transfer capability increased by 1,500 MW to
5,400 MW from 3,900 MW; the north-to-south transfer capability
increased by 1,100 MW to 3,300 MW from 2,200 MW.

. Prices are CAISO on-peak balancing prices for the zones identified.

Peak hours are from 6:00 a.m. to 10:00 p.m. Monday through
Saturday excluding NERC holidays.

. CAISO balancing, Platts Megawatt Daily and Dow Jones day-ahead

prices are firm on-peak for the SP-15 and NP-15 zones. CAISO data
are from http://oasis.caiso.com. CAISO prices include only that seg-
ment of the market reflected in the real-time balancing market,
which may lead to differences with published price indices.

. Data are from CAISO Summer Assessments for 2003, 2004 and

2005. Reflects CAISO load only. Summer peak demand is instanta-
neous. Excludes the Los Angeles Department of Water and Power,
Sacramento Municipal Utility District and Imperial Irrigation District.
Generation capacity includes dynamically scheduled generation and
excludes all derates of resources and other imports.

. CAISO balancing, Platts Megawatt Daily, IntercontinentalExchange

(ICE) and Dow Jones day-ahead prices are firm on-peak for the SP-
15 and NP-15 zones. CAISO data are from http://oasis.caiso.com.

. ICE on-peak forward and swap prices and volumes are for SP-15 and

include monthly, dual monthly, quarterly, and calendar year con-
tracts traded for 2004. New York Mercantile Exchange (Nymex)
ClearPort on-peak swaps volumes are for SP-15 and are traded by
month.

6. Data from Platts PowerDat, RDI Modeled Production Costs dataset
for calendar year 2003 reflecting self-reporting from all utility and
nonutility electric power generating facilities with nameplate capaci-
ty of 50 MW or more.

7. Average net interchange based derived from CAISO real-time sched-
uled tie values from http://oasis.caiso.com.

8. Data from CAISO, Energy Information Administration (EIA) Form
860, Platts NewGen and Platts PowerDat. All generation is summer
capacity unless otherwise indicated.

Disclaimer: This report contains analyses, presentations and
conclusions that may be based on or derived from the data sources
cited, but do not necessarily reflect the positions or recommendations
of the data providers.
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The Midwest electric market includes the East Central Area
Reliability Coordination Agreement (ECAR), Mid-
America Interconnected Network (MAIN), and Mid-
Continent Area Power Pool (MAPP) regions, excluding those
areas in PJM Interconnection LLC (PJM) at the end of 2004.
The Midwest independent Transmission system operator
(MISO), a regional transmission organization (RTO) since
2002, operates in all three regions. MISO did not administer an
energy market in 2004, but started operating one in 2005. In
2004, market participants traded bilaterally at several trading
points, including Cinergy Corp., Northern Illinois, and
Northern MAPP, based on prices reported in Platts or using
IntercontinentalExchange (ICE).' Average 2004 prices for firm,

2004 Average Regional Prices for On-Peak Hours (§ per Mwh)

MAPP -N

$47.06

MT

co

MAIN -S

peak deliveries into Cinergy increased 15% in nominal dollars $42.85 p—
from 2003. $43.31
The region has ample reserves. Overall, 2005 summer reserve ,
<8 P o NERC Regions
margins are projected to be 23% and are expected to stay at or 0
near this level through 2009, with expected capacity additions MAPP
keepi ith projected demand growth of around 2% o A
eeping pace with projected demand growth of around 2% I ECAR
(North American Electric Reliability Council (NERC) 2004
Long-Term Reliability Assessment). Persistent transmission
constraints in Wisconsin and the Upper Peninsula of Michigan ~ source: Derived from Platts data. See source note 1.
(WUMS) have led to higher prices there than in other parts of
the region. Although transmission congestion occurs through- —r
out the region, it is generally not sustained in other locations. Supply Demand Statistics
Projected  Projected
Cinergy Hub Prices - - 2003 2004 2005
Summer Generating Capacity MW 155,029 158,211 159,369
2003 2004 5-Year Summer Peak Demand MW 134,066 136,284 129,789
Platts $37.57 $4331 $37.29 Summer Reserves MW 21,863 21,927 29,580
ICE $37.48 $43.25 NA Summer Reserve Margin 16% 16% 23%
Lo e $37.67 $4339 $37.75 Annual Net Generation GWh 705,696 715,823

Source: Derived from Platts, ICE and Dow Jones data. See source note 2.

Source: Derived from NERC and Platts data. See source note 3.

Focal Points for 2004

¢ Transmission Loading Relief
(TLR). As a bilateral market in
2004, the Midwest managed
congestion in real time with
TLRs. Significant congestion
(TLR level 3 and higher) in
2004 totaled 10,208 hours and
10,736 hours in 2003. TLRs
were concentrated at the bor-
der with TVA, in Wisconsin and
the Upper Peninsula of
Michigan, and in lowa. The
most significant event, an
emergency TLR Level 6,
occurred in northern Indiana
in October, just after AEP
joined PJM. A rapid increase
in flows from west to east
threatened to overload critical
transmission lines.

e Deepening Drought. Missouri
River flows have been below
normal and dropping for the
last 4 years. At Fort Peck Dam
near the Missouri River head-
waters, flows were at record
lows of 60% of the 30-year
average. Drought affects the
entire region, including
Canada, reducing hydropower
imported from Manitoba.
Resulting 2004 transmission
flows increased from south to
north, and prices were higher
in the north as a result. Low
water could lead to environ-
mental restrictions on about
10,000 MW of generating
plants that use the river for
cooling.?

e Shifting Mix of Generation.
Ample supplies, big reserve
margins, and high natural gas
prices scuttled many natural
gas projects. Long-term
plans are shifting to coal,
with some coal plants under
construction and others
planned. Wind energy was
the near-term technology of
choice, aided by renewal of
the wind power tax credit and
state efforts toward renew-
able energy. Half of new U.S.
wind capacity in 2004 (204
MW) was built in the
Midwest.?

¢ Increases in Financial Trading.
The Cinergy Hub continued to
be very active in trading of
standard physical products
such as firm fixed contracts
with liquidated damages.
Financial products became
important, with new players
such as hedge funds entering
the electricity market and
volumes increasing through-
out the year. By year’s end,
trading of financial swaps on
ICE reached about one-third
the volume of physical
trading, up from very small
volumes early in the year.
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Daily Average of Various Midwest On-Peak Prices
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Day-ahead peak bilateral prices from Platts, ICE, and Dow Jones
are shown in the illustrations. Summer prices remained at moder-
ate levels, consistent with generally mild summer weather.
Cinergy prices remained below $60, with only a few exceptions,
despite high gas prices. The most noticeable exception to these
moderate prices occurred in December, when the prices in north-
ern MAPP were $20 above other prices and reached $85 during a
cold snap just before Christmas.
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For the Midwest, financial markets consist of both physical for-
wards and financial swaps. As illustrated in the volume graph,
physical trading outweighed financial trading at the Cinergy Hub
on ICE for 2004. However, the financial trading position
increased relative to physical trading over the year. For the first
quarter, ICE physical trading volumes were 30 times greater than
the financial trading volumes, whereas for the fourth quarter ICE
physical trading volumes were three times greater than the finan-
cial trading volumes. ICE financial trading increased 12-fold for

FINANCIAL MARKETS: PRICES AND VOLUMES
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Source: Derived from Platts, ICE, and Dow Jones data. See source note 2.

In reports of bilateral trading at the Cinergy Hub, Platts volume
peaked on February 20 at 13,470 MW and averaged 4,327 MW;
ICE volume peaked on February 20 at 133,600 MW and aver-
aged 53,647 MW. For bilateral trading at the ECAR North Hub,
Platts volume peaked on January 22 at 2,600 MW and averaged
943 MW.
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Source: Derived from ICE data. See source note 4.

fourth quarter trading over first quarter trading, whereas physical
trading increased roughly 20% for the same period.

The increase in trading of Cinergy financial products is consistent
with the trend in electricity trading as more nontraditional elec-
tricity trading entities, namely hedge funds and banks, have
become active in these financial markets and as industry credit
has improved.
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Capacity and Generation by Fuel and Prime Mover
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Capacity and Generation of Top 10 Companies
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2003 RESOURCE MIX

2003 MARKET CONCENTRATION

In 2003, hydroelectric power, wind, nuclear energy, and coal
totaled 74% of total Midwest capacity and provided 97% of net
generation. The region depends primarily on coal resources,
which made up almost two-thirds of total capacity and provid-
ed more than 80% of the annual generation in 2003, and
nuclear generators, which made up 7% of total capacity and
provided 12% of 2003 generation.

The top 10 owners provided 60% of capacity and 61% of gener-
ation in the Midwest in 2003. Many of the largest suppliers of
load in the Midwest were also the largest owners of generation
and able to cover much of their load through self-supply.

In 2004, capacity concentration was approximately the same as
in 2003.



Midwest (MISO) Electric Market Profile

GENERATION AND TRANSMISSION ADDITIONS AND RETIREMENTS

In 2004, 3,452 MW of generation was added in the Midwest, Capacity Additions

and 935 MW of generation retired.!

10,000
Generation Additions. In the Midwest region, 10 genera- B Midwest Additions
tion projects came on line. The largest is the 1200 MW 8,000 - E Midwest Retirements ||
Covert Plant near Lake Michigan, one of three new inde- O Midwest Mothballed
pendent power producer (IPP) projects in the region. The
other IPPs are the 598 MW Riverside Energy Center and a 6,000 1
12-MW addition to an existing wind project. The capacity =~ =
additions in 2004 were greater than in 2003 but significantly 4,000 -
fewer than in 2002. During 2004, 935 MW of capacity
retired. The largest plant to retire was the 542 MW, natural 2,000 A
gas powered, Greater Des Moines Energy Center.’
Transmission Additions. No transmission projects (of 230 T
kV or higher) were completed during 2004 in the Midwest.*
(2,000)

2002 2003 2004

Source: Derived from EIA and Platts data. See source note 6.

MISO Prepares for 2005 Market Operations

Before the August 2003 blackout, MISO was planning to
start operating energy and transmission markets in March
2004. The blackout prompted a review of the market
schedule and postponed the start date to December 2004,
with subsequent revisions to March 1, 2005, and April 1,
2005, to ensure reliable incorporation of grandfathered
agreements and sufficient testing of market systems.
During 2004, MISO resolved many issues of market
design; developed system models to support reliability
and market functions; tested dispatch and market soft-
ware and accounting and settlement procedures; and allo-
cated transmission rights at the start of the market. Key
events during 2004 included installation of an improved
state estimator to provide MISO with the advanced state
of the art software needed to reliably operate the power

system; development of a Joint Operating Agreement
(JOA) with PJM and development of seams agreements
with MAPP, the Southwest Power Pool (SPP), and TVA;
extensive review and revision of transmission systems
models with transmission owners and market partici-
pants; increasingly realistic testing of operational and
market systems through direct testing with market partic-
ipants; and realistic system tests, where MISO assumed
direct centralized dispatch of participant generators.
Finally, in November, MISO began allocating financial
transmission rights to market participants on the basis of
their current transmission rights, with the goal of ensur-
ing a smooth transition to the MISO market
environment.

Federal Energy Regulatory Commission ¢ Office of Market Oversight and Investigations
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NET REVENUE

Estimated 2004 annual net revenue from energy for gas- Cinergy Net Revenue from Energy

fired technologies were below the 5-year average for the

third consecutive year. For a combined cycle, revenues from 9000
energy declined 10% from 2003 and 63% from 2000. Fora  s0.00 +
combustion turbine, revenues from energy declined from 7000 L
$8.55/kW-yr in 2000 to $0/kW-yr in 2004. '
6000+  TTTTTTTTmmsssssssmsmsssssses

We estimate that new gas-fired combustion turbine plants § 50.00 + B CC Net Revenue
in the Midwest require $61.57/kW-yr, and gas-fired com- £ E==1CT Net Revenue

. , = 40.00 + ——CC New Entry Costs
bined cycle plants require $83.94/kW-yr, to meet debt and - - .CT New Entry Costs

30.00

20.00 +
o). L1 =
0.00 - t t t }

2001 2002 2003

equity requirements. Midwest 2004 net energy revenue esti-
mates were well below these targets, which suggests that
market-based investments in new generation were not
attractive.

Source: FERC/OMOI analysis of Platts day-ahead gas prices for Columbia,
Appalachian and day-ahead power prices for Cinergy. See “Analytic Note on Net
Revenue Calculations” in the Other Material section for details.

OMS, the Organization of MISO States

The Federal Energy Regulatory Commission has encour-
aged regional state committees as a means of increasing
the effectiveness of regulation and oversight in areas
where federal and state responsibilities overlap. The
Organization of MISO States (OMS) was the first regional
state committee, established in June 2003. It is also the
largest-its members include 14 states and one province of
Canada. The OMS purpose is to coordinate regulatory
oversight among the states, including recommendations
to MISO, the MISO board of directors, FERC, other rele-
vant government entities, and state commissions as
appropriate. During 2004, the OMS was instrumental in

the development of the design of the Day 2 MISO mar-
kets, actively participating in stakeholder groups at MISO,
and commenting on the design through filings at FERC.
The OMS structure includes eight working groups that
focus on key aspects of MISO design and operation,
including transmission planning, congestion manage-
ment and financial transmission right (FTR) allocation,
resource adequacy, market monitoring, and seams issues.
The OMS was particularly effective in assisting the FTR
allocation process to respect both historical contract rights
and the need for competitive market development.
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Endnotes

* In April 2005, the Cinergy Hub replaced the existing Into Cinergy,
the Michigan Hub replaced ECAR North, the Illinois Hub replaced
MAIN South, and the Minnesota Hub replaced MAIN North and
MAPP North.

2 “Impact of Possible Changes in Missouri River Flows on
Nebraska’s Electric Energy Industry,” Nebraska Power
Association, Joint Planning Subcommittee, December 17, 2003, 2.

3 American Wind Association,
www.awea.org/newsroom/projects2004.pdf.

+ Capacity Additions and Retirements are for calendar year 2004,
based on Platts and EIA net summer capacity estimates and FERC

Source notes

staff research. They may differ from the Summer Generating
Capacity in the Supply Demand Statistics tab