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Preface

The Annual Energy Outlook 2002 (AEO2002) pre-
sents midterm forecasts of energy supply, demand,
and prices through 2020 prepared by the Energy
Information Administration (EIA). The projections

are based on results from EIA’s National Energy
Modeling System (NEMS).

The report begins with an “Overview” summarizing
the AEO2002 reference case. The next section,
“Legislation and Regulations,” discusses evolving
legislative and regulatory issues. “Issues in Focus”
discusses electricity and natural gas markets in
California, oxygenates in gasoline, energy efficiency
trends, and recent EIA analyses of proposed reduc-
tions in emissions from electricity generators. It is
followed by the analysis of energy market trends.

The analysis in AEO2002 focuses primarily on a
reference case and four other cases that assume
higher and lower economic growth and higher and
lower world oil prices than in the reference case.
Forecast tables for those cases are provided in
Appendixes A through C. Alternative cases explore
the impacts of varying key assumptions in NEMS—
e.g., technology penetration. The major results for
the alternative cases are shown in Appendix F.

Appendix G briefly describes NEMS, the AEO2002
assumptions, and the alternative cases.

The AEO2002 projections are based on Federal,
State, and local laws and regulations in effect on
September 1, 2001. Pending legislation and sections
of existing legislation requiring funds that have not
been appropriated are not reflected in the forecasts.
Historical data used for the AEO2002 projections
were the most current available as of July 31, 2001,
when most 2000 data but only partial 2001 data were
available. Historical data are presented in this
report for comparative purposes; documents refer-
enced in the source notes should be consulted for offi-
cial data values. The projections for 2001 and 2002
incorporate the short-term projections from EIA’s
October 2001 Short-Term Energy Outlook.

The AEO2002 projections are used by Federal, State,
and local governments, trade associations, and other
planners and decisionmakers in the public and pri-
vate sectors. They are published in accordance with
Section 205¢ of the Department of Energy Organiza-
tion Act of 1977 (Public Law 95-91), which requires
the EIA Administrator to prepare annual reports on
trends and projections for energy use and supply.

The projections in AEO2002 are not statements of
what will happen but of what might happen, given
the assumptions and methodologies used. The
projections are business-as-usual trend forecasts,
given known technology, technological and demo-
graphic trends, and current laws and regulations.
Thus, they provide a policy-neutral reference case
that can be used to analyze policy initiatives. ETA
does not propose, advocate, or speculate on future
legislative and regulatory changes. All laws are
assumed to remain as currently enacted; however,
the impacts of emerging regulatory changes, when
defined, are reflected.

Because energy markets are complex, models are
simplified representations of energy production
and consumption, regulations, and producer and
consumer behavior. Projections are highly de-
pendent on the data, methodologies, model struc-
tures, and assumptions used in their development.

Behavioral characteristics are indicative of real-
world tendencies rather than representations of
specific outcomes.

Energy market projections are subject to much
uncertainty. Many of the events that shape energy
markets are random and cannot be anticipated,
including severe weather, political disruptions,
strikes, and technological breakthroughs. In addi-
tion, future developments in technologies, demo-
graphics, and resources cannot be foreseen with
any degree of certainty. Many key uncertainties in
the AEO2002 projections are addressed through
alternative cases.

EIA has endeavored to make these projections as
objective, reliable, and useful as possible; however,
they should serve as an adjunct to, not a substitute
for, analytical processes in the examination of pol-
icy initiatives.

i1 Energy Information Administration / Annual Energy Outlook 2002



Contents

Page

OV O VI W . o vttt ettt en e saeosasoeasoosssosasssassesssosssssasssnssonssesasssnssanas 1
Legislation and Regulations. . ... ...cuuiiiiiiiiitenenneeeeeeeeeeeeeeeeeeeeeeesaaanananns 9
Introduction. . . ... oo e 10
Electricity Markets: State Restructuring and the California Energy Crisis. . ..................... 11
Appliance Efficiency Standards . . .. ... ... 13
Production Tax Credit for Renewables .. ... . e e 14
Heavy-Duty Vehicle Emissions and Diesel Fuel Quality Standards. ............................ 14
Relaxed Standard for Reformulated Gasoline in the Midwest. . ............. ... .. ... .. ........ 15
New Rule on Airborne Benzene . .. ... ... e 16
Low-Emission Vehicle Program . .. ... ... 16
Proposed Energy Legislation . . ... ... .. 17
Renewal of the Price-Anderson Act . . ... .. e 21
Analysis of North American Natural Gas Markets ............. ... . .. 21
International Negotiations on Greenhouse Gas Reductions ........... ... .. ... .. ... .. ..., 22
Issues in FoCuSs. . ..o v ittt i i ittt i it ittt ttnatetesnnnneesossnnnessosnnns 27
The California Energy Crisis: Implications for Electricity Market Restructuring.................. 28
Phasing Out MTBE 1in Gasoline. . . . ... .. e 35
Multiple Emissions Controls in Electricity Markets .. ......... ... . .. 37
Modeling Energy Efficiency . . .. ... ... 50
BT 2B P I =Y o Lo = 55
Trends in Economic ACtIVILY . ... ... o e 56
Economic Growth Cases. . .. ... e e e 57
International Oil MarKkets . .. ... ... e e 58
Energy Demand . . ... ... 61
Residential Sector Energy Demand . . ... ... ... . . . i e 63
Commercial Sector Energy Demand. .. ... .. . . . 64
Industrial Sector Energy Demand . ... ....... ... i e 65
Transportation Sector Energy Demand . .. ... ... . .. . . . . . e 67
Energy Demand in Alternative Technology Cases. .. .......... .. 69
Electricity . ... 72
Electricity Sales . . ... 72
Electricity Generating Capacity . . . ... ..ottt e e 73
Electricity Prices . . ... e e 74
Electricity Generation . . .. ... ... ...ttt e e 75
Nuclear Power . .. ..o e 76
Electricity Alternative Cases. . .. ..ottt e 77
Electricity from Renewable Sources . .. ... ...t e 79
Natural Gas. .. ... e 81
Prices and Reserve Additions . ... ... . i e 81
Production and Imports. . ... ..o 82
CONSUMPEION .« . oottt e e e e e e e e e e 83
Supply and Consumption . ... ...ttt 84
Alternative Cases. . ..ttt e 85
Ol . 81
Prices and Reserve Additions .. ... ... . e 86
Production and Consumption . .. ........ ... e 87
Alaskan Production and Imports .. ... ... e 88
Petroleum Imports and Refining. . .. ... ... . 89
Refined Petroleum Products . . ... ... . e 90

Energy Information Administration / Annual Energy Outlook 2002 111



Contents

Market Trends (continued) Page
Coal. .. 92
Coal Production and Prices . . ... ... e 92
Coal Mining Labor Productivity . . .. ... .. e e e e 93
Coal Transportation CoSts. . .. ...ttt e 94
Coal ConSUMPLION . . .ottt ettt e et e e e e e e e e e 95
Coal EXPOrtS. . oottt 96
Emissions. . . ... 97
Carbon DIoXIde. . . ..o e 97
Methane . . ... 929
Emissions from Electricity Generation. . ... ...t 100
Forecast ComPariSOms . ... v v vt uueueneneneneneneneeeeeneeenneneneneeeeeeeeeeeeeesesasasanns 101
| 5 0] A ) A o3 0 ) ¢ 7 s o 1= N 112
NoOtes And SOUTCES. vttt ittt ettt ittt ittt eteeeeeeeeeeeeeeeeseeeseseseseeeseeesasoaannnns 113
Appendixes
A. Reference Case Forecast . .. ... . i e 125
B. Economic Growth Case CompariSOns. . . .. ..o ottt 153
C. O1l Price Case ComPariSOMS . . . ..ottt ittt e e et e e e e e e e e e 181
D. Crude Oil Equivalency SUMMATY. . . ... ...ttt e 209
E. Household Expenditures. . .. ... ... e 211
F. Results from Side Cases . . ... ...t 214
G. Major Assumptions for the Forecasts. . .. ... ... . 227
H. Conversion Factors ... ... ... e e e e 248
0 e 23 P 250
Tables
1. Summary of results for five Cases . . . .. ..o 7
2. Effective dates of appliance efficiency standards, 1988-2007 . . ... ....... ... .. 13
3. Key results for the electricity generation sector in the House analysis, 2010 and 2020........... 40
4. Key results for the electricity generation sector in the Smith-Voinovich-Brownback analysis
without holding carbon dioxide emissions to 2008 levels, 2010 and 2020 ... ................... 44
5. Key results for the electricity generation sector in the Smith-Voinovich-Brownback analysis
holding carbon dioxide emissions to 2008 levels, 2020 . ... ......... .. 45
6. Key results for the electricity generation sector in the Jeffords-Lieberman analysis,
reference and advanced technology cases, 2010 and 2020 .. ...... ... ... . ... 47
7. Key results for the electricity generation sector in the Jeffords-Lieberman analysis,
CEF-JL moderate and advanced technology cases, 2010 and 2020 . .......................... 48
8. New car and light truck horsepower ratings and market shares, 1990-2020 ................... 67
9. Costs of producing electricity from new plants, 2005 and 2020 ... ............. ... ..., 75
10. Technically recoverable U.S. natural gas resources as of January 1,2000 . .................... 81
11. Lower 48 natural gas drilling in three cases, 2000-2020. . . . ... ... .. . .. 81
12. Crude oil drilling in three cases, 2000-2020. . . ... ... it e e 86
13. Technically recoverable U.S. oil resources as of January 1, 2000. . ............. .. ... ... 86
14. Crude oil production from Gulf of Mexico offshore, 2000-2020. . .......... ... .. ... .. ........ 87
15. Petroleum consumption and net imports in five cases, 2000 and 2020 ........................ 89
16. Forecasts of economic growth, 2000-2020. . . . . ... ..t 102
17. Forecasts of world oil prices, 2000-2020. . . . . ... ..t 102
18. Forecasts of average annual growth rates for energy consumption . .......................... 103
19. Forecasts of average annual growth in residential and commercial energy demand ............. 103
20. Forecasts of average annual growth in industrial energy demand. ........................... 103
v Energy Information Administration / Annual Energy Outlook 2002



Contents

Tabl

21
22
23
24
25

Figu

1.

= O W0 =30 Ok W

= =

—
[\

13.
14.
15.
16.
17.
18.
19.
20.
21.
22.
23.
24.
25.
26.
27.
28.
29.
30.
31.
32.
33.
34.
35.
36.
37.
38.
39.

40.

41.

es (continued) Page
. Forecasts of average annual growth in transportation energy demand. ....................... 104
. Comparison of electricity forecasts . ... ... ...t 105
. Comparison of natural gas forecasts. . . ... ... 107
. Comparison of petroleum forecasts. . . ... .o 109
. Comparison of coal forecasts . . . ... 111
res
Energy price projections, 2000-2020: AEO2001 and AEO2002 compared ...................... 2
. Energy consumption by fuel, 1970-2020. . . . .. ... 4
. Energy use per capita and per dollar of gross domestic product, 1970-2020 . ................... 5
. Electricity generation by fuel, 1970-2020. . . . . ... . i 5
. Total energy production and consumption, 1970-2020 . . ... ... .. ... . ... 6
. Energy production by fuel, 1970-2020 . .. ... . .. .. 6
. Projected U.S. carbon dioxide emissions by sector and fuel, 1990-2020. . ...................... 6
. Direct access customers in California’s retail electricity market, 1998-2001.................... 30
. Direct access customer load in California’s retail electricity market, 1998-2000 ................ 32
. California’s Power Exchange (PX) energy price, 1998-2000 . .. ...ttt 32
. Comparison of projections for the aggregate composite efficiency index, energy use
per dollar of gross domestic product, and energy use per capita, 2000-2020. . .................. 52
. Projected primary energy consumption in the reference case and in alternative cases
assuming no change in energy efficiency and energy intensity, 2000-2020..................... 53
Projected average annual real growth rates of economic factors, 2000-2020. . .................. 56
Projected sectoral composition of GDP growth, 2000-2020 . .. ........ ... .. .. ... . .. 56
Projected average annual real growth rates of economic factors in three cases, 2000-2020. .. ... .. 57
Annual GDP growth rate for the preceding 20 years, 1970-2020 . .. .......... ... ... 57
World oil prices in three cases, 1970-2020 . . . .. ...ttt e e 58
OPEC oil production in three cases, 1970-2020. . .. .. ... ..ttt 58
Non-OPEC oil production in three cases, 1970-2020. . ... . ...ttt 59
Persian Gulf share of worldwide crude oil exports in three cases, 1965-2020 ... ................ 59
Projected U.S. gross petroleum imports by source, 2000-2020 . ... ........ ...t .. 60
Projected worldwide refining capacity by region, 2000 and 2020 ... ............. ... ... .. 60
Primary and delivered energy consumption, excluding transportation use, 1970-2020 . .......... 61
Energy use per capita and per dollar of gross domestic product, 1970-2020 . ................... 61
Delivered energy use by fossil fuel and primary energy use for electricity generation, 1970-2020 .. 62
Primary energy consumption by sector, 1970-2020 . . .. ... ... . 62
Residential primary energy consumption by fuel, 1970-2020. .. ......... ... .. .. 63
Residential primary energy consumption by end use, 1990, 1997, 2010, and 2020. . ............. 63
Efficiency indicators for selected residential appliances, 2000 and 2020. ...................... 64
Commercial primary energy consumption by fuel, 1970-2020 . .......... .. ... ... it 64
Commercial primary energy consumption by end use, 2000 and 2020. ... ..................... 65
Industrial primary energy consumption by fuel, 1970-2020. . . ... .. ... .. .. . . .. 65
Industrial primary energy consumption by industry category, 1994-2020 .. ................... 66
Industrial delivered energy intensity by component, 1994-2020 ... ........... ... ... ... 66
Transportation energy consumption by fuel, 1975, 2000, and 2020 . .. ........................ 67
Projected transportation stock fuel efficiency by mode, 2000-2020 ... .......... ... ... . ....... 67
Projected technology penetration by mode of travel, 2020 . .......... ... . ... ... ... . ... 68
Projected sales of advanced technology light-duty vehicles by fuel type, 2010 and 2020 .......... 68
Projected variation from reference case primary energy use by sector in two alternative cases,
2010, 2015, and 2020 . . . . ..ot 69
Projected variation from reference case primary residential energy use in three alternative cases,
2000-2020 . . . oo 69
Buildings sector electricity generation from advanced technologies in alternative cases,
2010-2020 . . .ot 70

Energy Information Administration / Annual Energy Outlook 2002 A%



Contents

Figures (continued)

42.

vi

43.
44.
45.
46.
47.
48.

49.
50.
51.
52.
53.
54.
55.

56.
57.

58.

59.
60.
61.
62.
63.
64.
65.
66.
67.
68.
69.
70.
71.
72.
73.
74.
75.
76.
7.
78.
79.
80.
81.
82.
83.
84.
85.
86.
87.
88.
89.

Projected variation from reference case primary commercial energy use in three alternative cases,
2000-2020 . . ..
Projected industrial primary energy intensity in two alternative cases, 1994-2020..............
Projected changes in key components of the transportation sector in two alternative cases, 2020 . .
Population, gross domestic product, and electricity sales, 1965-2020 . ........................
Annual electricity sales by sector, 1970-2020 . .. ... i
Projected new generating capacity and retirements, 2000-2020 . ............ ... ... ... .. ...,
Projected electricity generation capacity additions by fuel type, including cogeneration,

2000-2020 . . ..
Fuel prices to electricity generators, 1990-2020 . ... . i
Average U.S. retail electricity prices, 1970-2020. . . . ..ottt e
Projected levelized electricity generation costs, 2005 and 2020 ... ............ .. ... ... ...,
Projected electricity generation by fuel, 2000 and 2020 . ......... ... .. . .. ...
Nuclear power plant capacity factors, 1973-2020 . .. ... ...
Projected operable nuclear capacity in three cases, 1995-2020. ... ........... .. ...
Projected electricity generation costs by fuel type in the advanced nuclear cost case,

2005 and 2020 . . ...
Projected cumulative new generating capacity by type in two cases, 2000-2020. . .. .............
Projected cumulative new generating capacity by technology type in three economic growth cases,
2000-2020 . . . .
Projected cumulative new generating capacity by technology type in three fossil fuel

technology cases, 2000-2020 . . . ... ...t e
Grid-connected electricity generation from renewable energy sources, 1970-2020...............
Projected nonhydroelectric renewable electricity generation by energy source, 2010 and 2020. . . ..
Projected nonhydroelectric renewable electricity generation by energy source in two cases, 2020 . .
Projected additions of renewable generating capacity, 2001-2020 . ... .......... ... ... . ... ..
Lower 48 natural gas wellhead prices in three cases, 1970-2020. .. ...... ... .. . . i ...
Lower 48 natural gas reserve additions, 1970-2020 . ... ... ...
Natural gas production by source, 1990-2020 . . ... .. i
Net U.S. imports of natural gas, 1970-2020. . . ... ... i
Natural gas consumption by sector, 1990-2020 . . . . . . ... ittt
Natural gas end-use prices by sector, 1970-2020. . . . . . ... it
Projected changes in lower 48 natural gas supply by region and source, 2000-2020 .............
Projected changes in lower 48 natural gas consumption by region, 2000-2020..................
Lower 48 natural gas production in three cases, 1970-2020. ... ...... ... . ...
Lower 48 natural gas wellhead prices in three cases, 1970-2020. .. ....... ... ... .. ..
Lower 48 crude oil wellhead prices in three cases, 1970-2020 . ......... ... . ... ..
U.S. petroleum consumption in five cases, 1970-2020. . . .. ... ... e
Lower 48 crude oil reserve additions in three cases, 1970-2020. .. .. ... ... .. . ...
Lower 48 crude oil production by source, 1970-2020 . . . ... ..ottt
Lower 48 crude oil production in three cases, 1970-2020 . .. ........ .. it ..
Alaskan crude oil production in three cases, 1970-2020 . ... ... . . ..
Petroleum supply, consumption, and imports, 1970-2020. . . .. ... .ottt
Share of U.S. petroleum consumption supplied by net imports in three cases, 1970-2020. ........
Domestic refining capacity in three cases, 1975-2020 . . ... .. ... e
Petroleum consumption by sector, 1970-2020 . .. ... ...
Consumption of petroleum products, 1970-2020 . . ... ... .t
U.S. ethanol consumption, 1993-2020 . . ... ...
Components of refined product costs, 2000 and 2020 . .. ... ... ... . i
Coal production by region, 1970-2020. . . . . . oottt
Average minemouth price of coal by region, 1990-2020 .. ... ... ... ...
Coal mining labor productivity by region, 1990-2020 . . ... ... it
Labor cost component of minemouth coal prices, 1970-2020. . . . ... ... ... .. i

Energy Information Administration / Annual Energy Outlook 2002

Page



Contents

Figures (continued) Page
90. Average minemouth coal prices in three mining cost cases, 1990-2020. ... ....... ... ... 93
91. Projected change in coal transportation costs in three cases, 1999-2020....................... 94
92. Projected variation from reference case projections of coal demand for electricity generators

In four cases, 2020 . . . .. 94

93. Electricity and other coal consumption, 1970-2020 . . .. .. ..ottt e 95
94. Projected coal consumption in the industrial and buildings sectors, 2010 and 2020 ............. 95
95. Projected U.S. coal exports by destination, 2010 and 2020. . .......... ... i .. 96
96. Projected coal production by sulfur content, 2010 and 2020. . ............. ... ... 96
97. Projected carbon dioxide emissions by sector and fuel, 2005-2020. ... ........... ... ... ....... 97
98. Projected carbon dioxide emissions per unit of gross domestic product, 1990-2020 .............. 97
99. Projected carbon dioxide emissions from electricity generation by fuel, 2005-2020 .............. 98
100. Projected carbon dioxide emissions in three economic growth cases, 1990-2020................. 98
101. Projected carbon dioxide emissions in three technology cases, 1990-2020. ..................... 99
102. Projected methane emissions from energy use, 2005-2020 . . ... . ... ... i 99
103. Projected sulfur dioxide emissions from electricity generation, 2000-2020 . ... ................. 100
104. Projected nitrogen oxide emissions from electricity generation, 2000-2020. ... ................. 100

Energy Information Administration / Annual Energy Outlook 2002 vii



Overview



Overview

Key Energy Issues to 2020

Over the past year, energy markets have been
extremely volatile, with high prices for oil and natu-
ral gas and concerns for energy shortages earlier
in the year giving way to an economic slowdown
and lower prices following the September terrorist
attacks in the United States. Those events are incor-
porated in the short-term projections for the Annual
Energy Outlook 2002 (AEO2002), but long-term vola-
tility in energy markets is not expected to result from
their impacts or from the impacts of such future
events as supply disruptions or severe weather.
AEO02002 focuses on long-term events, including the
supplies and prices of fossil fuels, the development of
U.S. electricity markets, technology improvement,
and the impact of economic growth on projected
energy demand and carbon dioxide emissions
through 2020.

The AEO2002 projections assume a transition to full
competitive pricing of electricity in States with spe-
cific deregulation plans. Other States are assumed to
continue cost-of-service pricing. The projections
include recent delays in restructuring plans in sev-
eral States, as discussed in “Legislation and Regula-
tions,” pages 11-13. Problems in California have
slowed the trend to restructuring, and retail access
in the State has been suspended. The projections
include the contracts entered into by California to
guarantee electricity supplies in the State, leading to
higher electricity prices than in the Annual Energy
Outlook 2001 (AEO2001I). Increased competition in
electricity markets is also represented through
changes in the financial structure of the industry
and efficiency and operating improvements.

World oil prices remained relatively high through
most of 2001, largely due to actions by the Organiza-
tion of Petroleum Exporting Countries (OPEC) and
some non-OPEC countries to restrain oil production.
U.S. natural gas prices achieved record levels in
2001 due to a cold winter and tight supplies caused
by reduced drilling in response to low prices in 1998
and 1999. Electricity prices also reached record lev-
els in California, as a result of restructuring difficul-
ties, tight natural gas markets, low hydroelectric
generation levels, and other generation problems.
Energy prices began to decline later in 2001, how-
ever, in response to the slowing economy and more
normal supply markets for natural gas and
electricity.

Economic Growth

Although there was an economic slowdown in the
United States in 2001, in the long term the U.S.

economy, as measured by gross domestic product
(GDP), is projected to grow at an average annual rate
of 3.0 percent from 2000 to 2020, similar to the rate
of 2.9 percent projected in AEO2001 for the same
period. Most of the determinants of economic growth
are similar to those projected in AEO2001, but there
are some differences. For example, commercial
floorspace is expected to increase at an average
annual rate of 1.7 percent through 2020, as com-
pared with 1.2 percent in AEO2001. The AEO2002
projection has a significant impact on energy
demand in the forecast for that sector and is more
consistent with recent historical trends.

Energy Prices

The average world oil price is projected to decline
from $27.72 per barrel in 2000 (2000 dollars) to
$22.48 per barrel in 2001, before beginning a gradual
increase after 2002. In 2020, the projected price
reaches $24.68 per barrel (Figure 1), as compared
with $22.92 per barrel projected in AEO2001, largely
due to higher projected world oil demand. Because of
the effectiveness of OPEC in managing oil produc-
tion and the generally slow response of non-OPEC
supply to higher world oil prices, projected prices in
the years following 2002 remain higher than in
AEO2001.

Figure 1. Energy price projections, 2000-2020:
AEO2001 and AEO2002 compared (2000 dollars)

8 - 30 -
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World oil demand is projected to increase from 76.0
million barrels per day in 2000 to 118.9 million bar-
rels per day in 2020, higher than the AEO2001 pro-
jection of 117.4 million barrels per day, due to higher
projected demand in the United States and develop-
ing countries, including the Pacific Rim and Central
and South America. Growth in oil production in both
OPEC and non-OPEC nations leads to the relatively
slow growth of prices through 2020. OPEC oil pro-
duction is expected to reach 57.5 million barrels per
day in 2020, nearly double the 30.9 million barrels
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per day produced in 2000, assuming sufficient capi-
tal to expand production capacity.

Non-OPEC oil production is expected to increase
from 45.7 to 61.1 million barrels per day between
2000 and 2020, 1.7 million barrels per day higher
than projected in AEO2001, due to higher projected
production in the Caspian Basin, offshore West
Africa, and Brazil. Production from the Caspian
Basin is expected to exceed 6.5 million barrels per
day by 2020. By 2010, projected production in Brazil
reaches nearly 2 million barrels per day and in the
offshore regions of West Africa exceeds 2 million bar-
rels per day. North Sea production is expected to
peak in the middle of the current decade, reaching
7.5 million barrels per day, with a slower decline rate
than earlier expected. By 2010, oil production in
Mexico 1s expected to increase by 30 percent above
current levels.

The average wellhead price of natural gas is pro-
jected to increase from $3.60 per thousand cubic feet
in 2000 to nearly $4 per thousand cubic feet in 2001,
then decline sharply in 2002. The price is expected to
reach $3.26 per thousand cubic feet in 2020, slightly
higher than the projection of $3.20 per thousand
cubic feet in AEO2001. Although projected natural
gas demand in 2020 is 1.0 trillion cubic feet lower
than was projected in AEO2001, the price is expected
to be higher due to a less optimistic assessment of
natural gas reserves discovered by exploratory drill-
ing. As the expected demand for natural gas
increases over time, price increases are slowed by
technological improvements in natural gas explora-
tion and production. The transmission and distribu-
tion margins to electricity generators are projected
to be higher than in AEO2001, under the assumption
that generators will pay higher rates to guarantee
deliverability, particularly as natural gas is expected
to be used more for baseload and intermediate-load
generation.

In AEO2002, the average minemouth price of coal is
projected to decline from $16.45 per ton in 2000 to
$12.79 per ton in 2020, slightly lower than the price
of $12.99 per ton projected in AEO2001. Higher pro-
jected demand in AEO2002 is met by increased pro-
duction from lower cost western mines. Through
2020, the price is expected to decline with increasing
productivity in mining, a shift to western production,
and competitive pressures on labor costs.

Average electricity prices are projected to decline
from 6.9 cents per kilowatthour in 2000 to 6.5 cents
per kilowatthour in 2020, higher than the 6.1 cents
per kilowatthour projected for 2020 in AEO2001, due

to higher projections for natural gas prices, electric-
ity demand, particularly in the commercial sector,
and natural gas margins to electricity generators.
Electricity industry restructuring contributes to
declining projected prices through reductions in
operating and maintenance costs, administrative
costs, and other costs. Electricity prices are projected
to decline to 6.3 cents per kilowatthour by 2006 then
rise in the last 5 years of the forecast as natural gas
prices rise. Federal Energy Regulatory Commission
actions on open access and other changes for compet-
itive markets enacted by some State public utility
commissions are included in the projections, but
because not all States have deregulated their elec-
tricity markets, the projections do not represent a
fully restructured electricity market.

Energy Consumption

Total energy consumption is projected to increase
from 99.3 to 130.9 quadrillion British thermal units
(Btu) between 2000 and 2020, an average annual
increase of 1.4 percent. In 2020, this forecast is
nearly 4 quadrillion Btu higher than in AEO2001,
primarily due to higher projected energy demand in
the commercial and transportation sectors. The pro-
jections incorporate efficiency standards for new
energy-using equipment in buildings and for motors
mandated through 1994 by the National Appliance
Energy Conservation Act of 1987 and the Energy
Policy Act of 1992, including the new residential and
commercial equipment standards.

Residential energy consumption is projected to grow
at an average rate of 1.0 percent per year, with the
most rapid growth for computers, electronic equip-
ment, and appliances. In 2020, the projected residen-
tial demand 1s 24.3 quadrillion Btu, slightly lower
than projected in AEO2001. Lower projected energy
demand, particularly for natural gas, results from
2-percent lower housing starts in 2020, higher pro-
jected natural gas prices, and the new equipment
efficiency standards announced in January 2001, as
revised by the Bush Administration.

Commercial energy demand is projected to grow at
an average annual rate of 1.7 percent, reaching 23.2
quadrillion Btu in 2020, 2.4 quadrillion Btu higher
than in AEO2001. Commercial floorspace is pro-
jected to grow by an average of 1.7 percent per year,
as compared with 1.2 percent per year in AEO2001,
raising the demand for energy for many end uses in
the commercial sector. The January 2001 equipment
standards have a smaller impact in the commercial
sector than in the residential sector. The most rapid
increases in demand are projected for computers,
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office equipment, and telecommunications and other
equipment.

Industrial energy demand is projected to increase at
an average rate of 1.1 percent per year, reaching 43.8
quadrillion Btu in 2020, slightly higher than in the
AEO2001 forecast. Industrial gross output is pro-
jected to grow at an average annual rate of 2.6 per-
cent; however, the growth is partially offset by an
average projected decline in industrial energy inten-
sity of 1.5 percent per year. Contributing to this
decline is a continuing projected shift to less
energy-intensive industries. The average annual
growth in non-energy-intensive manufacturing is
expected to be 3.3 percent, compared with 1.2 per-
cent for energy-intensive manufacturing.

Transportation energy demand is projected to grow
at an average annual rate of 1.9 percent, to 39.6 qua-
drillion Btu in 2020, 1.1 quadrillion Btu higher than
in AEO2001. The projected energy demand for
light-duty vehicles and heavy trucks is higher in
AEO02002, because a reevaluation of recent trends in
both travel and efficiency indicates more rapid
growth in travel and slower growth in efficiency. In
2020, projected efficiency for new cars, new light
trucks, and heavy trucks is lower by 0.8, 0.9, and 0.6
miles per gallon, respectively, than in AEO2001.

Electricity demand is projected to grow by 1.8 per-
cent per year from 2000 through 2020, the same rate
as in AEO2001; however, demand in 2020 is 2 per-
cent higher than in AEOZ2001. The most rapid
growth is expected for computers, office equipment,
and a variety of residential and commercial appli-
ances and equipment.

Demand for natural gas increases at an average
annual rate of 2.0 percent (Figure 2), from 22.8 to
33.8 trillion cubic feet between 2000 and 2020, pri-
marily due to rapid growth in demand for electricity
generation. Total natural gas demand is projected to
be 1.0 trillion cubic feet lower than in AEO2001, due
to lower projected residential and electricity genera-
tion demand, offset in part by higher projected com-
mercial demand.

In AEO2002, total coal consumption is projected to
increase from 1,081 to 1,365 million tons between
2000 and 2020, an average increase of 1.2 percent
per year. This projection is 68 million tons higher
than the AEO2001 projection due to higher projected
demand for electricity generation, which constitutes
about 90 percent of the domestic demand for coal.

Petroleum demand is projected to grow at an average
annual rate of 1.5 percent through 2020, led by

growth 1n the transportation sector, which 1is
expected to account for more than 70 percent of
petroleum demand in 2020. Projected demand in
2020 is higher than in AEO2001 by 830 thousand
barrels per day due to higher transportation
demand.

Figure 2. Energy consumption by fuel, 1970-2020
(quadrillion Btu)

History Projections Petroleum

50 -

40 -

M Natural gas

&) =
Coal

20 -

10 - Nuclear
Nonhydro
renewables

0 Hydro
1970 1980 1990 2000 2010 2020

Renewable fuel consumption, including ethanol for
gasoline blending, is projected to grow at an average
rate of 1.7 percent per year through 2020, primarily
due to State mandates for renewable electricity
generation. Nearly 55 percent of the projected
demand for renewables in 2020 is for electricity gen-
eration and the rest for dispersed heating and cool-
ing, industrial uses, including cogeneration, and fuel
blending. The projected demand for renewable fuels
in 2020 is 0.7 quadrillion Btu higher than in
AEQO2001, mainly due to higher use of biomass for
industrial cogeneration and increased generation
from geothermal and wind energy.

Energy Intensity

Between 1970 and 1986, energy intensity, measured
as energy use per dollar of GDP, declined at an aver-
age annual rate of 2.3 percent as the economy shifted
to less energy-intensive industries and more efficient
technologies in light of energy price increases
(Figure 3). With slower price increases and growth of
more energy-intensive industries, intensity declines
moderated to an average of 1.5 percent per year
between 1986 and 2000. Energy intensity is pro-
jected to continue to decline at an average annual
rate of 1.5 percent through 2020, as continuing effi-
ciency gains and structural shifts in the economy off-
set growth in demand for energy services.

Energy use per person generally declined from 1970
through the mid-1980s, increasing when energy
prices declined. Per capita energy use increases
slightly in the forecast, with efficiency gains only
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partially offsetting higher demand for energy
services.

Figure 3. Energy use per capita and per dollar of
gross domestic product, 1970-2020 (index, 1970 = 1)
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Electricity Generation

Generation from natural gas, coal, and renewable
fuels is projected to increase through 2020 to meet
growing demand for electricity and offset the pro-
jected retirement of some existing fossil-fuel-fired
and nuclear units (Figure 4). The projected levels of
generation from power plants using coal, nuclear,
and renewable fuels are higher than in AEO2001
due to higher projected electricity demand, assumed
improvements in the operating costs and perfor-
mance of nuclear plants, and higher natural gas
prices, which reduce natural-gas-fired generation
relative to AEO2001. The share of generation from
natural gas is projected to increase from 16 percent
in 2000 to 32 percent in 2020, and the share from coal
is projected to decline from 52 percent to 46 percent
as a more competitive electricity industry invests in
the less capital-intensive and more efficient natural
gas generation technologies.

Figure 4. Electricity generation by fuel, 1970-2020
(billion kilowatthours)
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Nuclear generating capacity is projected to decline
from 2000 to 2020, but a reevaluation of the
aging-related costs for nuclear plants and the expec-
tation of higher natural gas prices lead to a higher
projection than in AEO2001. Nuclear plant retire-
ments in the forecast are based on the cost of main-
taining operation compared with the cost of new
capacity. Of the 98 gigawatts of nuclear capacity
available in 2000, 10 gigawatts are projected to be
retired by 2020, as compared with 26 gigawatts of
retirements in AEO2001. No new nuclear plants are
expected to be constructed by 2020 in the reference
case, based on the relative economics of alternative
technologies.

Renewable technologies are projected to grow slowly
because of the relatively low costs of fossil-fired gen-
eration and because competitive electricity markets
favor less capital-intensive natural gas technologies
over coal and baseload renewables. Where enacted,
State renewable portfolio standards, which specify a
minimum share of generation or sales from renew-
able sources, contribute to the growth of renewables.
With higher expected levels of industrial cogenera-
tion and wind and geothermal generation, total
renewable generation, including cogenerators, is
projected to increase by 1.3 percent per year to a
2020 level that is slightly higher than in AEO2001.

Energy Production and Imports

Total energy consumption is expected to increase
more rapidly than domestic energy production
through 2020. As a result, net imports of energy are
projected to meet a growing share of energy demand
(Figure 5). Projected U.S. crude oil production de-
clines at an average annual rate of 0.2 percent from
2000 to 2020, to 5.6 million barrels per day. Produc-
tion is projected to increase in the latter half of the
forecast and is 0.6 million barrels per day higher
in 2020 than in AEO2001, due to production from
more fields in the National Petroleum Reserve-
Alaska, which is expected to begin in 2010. As a
result of projected increases in natural gas plant liq-
uids production, total petroleum production 1is
expected to increase through 2020 (Figure 6).
Increasing demand for petroleum is projected to
raise the share of demand met by net imports from
53 percent in 2000 to 62 percent in 2020 (lower than
the 64-percent share in AEO2001, due to higher
domestic production).

As demand for natural gas increases in the forecast,
production is expected to increase from 19.1 to 28.5
trillion cubic feet between 2000 and 2020, an average
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annual rate of 2.0 percent. Projected production in
2020 is 0.6 trillion cubic feet lower than in AEO2001,
because the projected rate of growth in demand is
lower in AEO2002. Net imports, primarily from Can-
ada, are projected to increase from 3.5 to 5.5 trillion
cubic feet between 2000 and 2020. Net imports of lig-
uefied natural gas (LNG) are projected to increase to
0.8 trillion cubic feet by 2020. The remaining two of
the four existing U.S. LNG import facilities have
announced plans to reopen, and three of the four
have announced capacity expansion plans.

Figure 5. Total energy production and
consumption, 1970-2020 (quadrillion Btu)

140 - History Projections )
Consumption
120 -
Net imports
100 -
Production
80 -

60 -
40 -

20 -

0
1970 1980 1990 2000 2010 2020

Figure 6. Energy production by fuel, 1970-2020
(quadrillion Btu)
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U.S. coal production is projected to increase at an
average annual rate of 1.3 percent, from 1,084 mil-
lion tons in 2000 to 1,397 million tons in 2020, as
domestic demand grows. Projected production in
2020 is 66 million tons higher than in AEO2001. Coal
exports are projected to decline slightly through
2020, as European demand for imports declines as a
result of environmental concerns and competition
from other producers.

Renewable energy production is projected to in-
crease from 6.5 to 8.9 quadrillion Btu between 2000
and 2020, with growth in industrial biomass, etha-
nol, and all sources of renewable electricity genera-
tion, with the exception of solar. Renewable energy
production in 2020 is 0.6 quadrillion Btu higher than
projected in AEO2001, due to higher expected levels
of industrial cogeneration and generation from geo-
thermal and wind energy.

Carbon Dioxide Emissions

Carbon dioxide emissions from energy use are pro-
jected to increase at an average rate of 1.5 percent
per year, from 1,562 million metric tons carbon
equivalent in 2000 to 2,088 million in 2020 (Figure
7). Projected emissions in 2020 are higher by 47 mil-
lion metric tons carbon equivalent than in AEO2001,
due to higher projected energy demand in the com-
mercial and transportation sectors and more coal-
fired electricity generation than in AEO2001. The
higher projection for nuclear generation in AEO2002
offsets some of the increase that would otherwise
be expected to result from new fossil-fired capacity,
but carbon dioxide emissions still are expected to
increase more rapidly than total energy consump-
tion, as a result of increasing use of fossil fuels, a
slight decline in nuclear generation, and slow growth
in renewable generation.

The projections do not include future actions that
might be taken to reduce carbon dioxide emissions
but do include voluntary actions to reduce energy
demand and emissions. Carbon dioxide emissions
and international negotiations for emissions reduc-
tions are discussed on pages 22-25. Special analyses
of emissions reductions, including carbon dioxide,
are summarized on pages 37-50.

Figure 7. Projected U.S. carbon dioxide emissions
by sector and fuel, 1990-2020 (million metric tons
carbon equivalent)
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Table 1. Summary of results for five cases

2020
Low High Low High
Economic | Economic | World Oil | World Oil
Sensitivity Factors 1999 2000 | Reference | Growth Growth Price Price
Primary Production (quadrillion Btu)
Petroleum . ....... ... ... . oL 15.06 15.04 15.95 15.52 16.39 14.40 17.73
Natural Gas. .. ..., 19.20 19.59 29.25 27.98 29.72 28.54 30.03
Coal. .o 23.15  22.58 28.11 26.88 30.08 27.58 29.04
Nuclear Power . ......... ... .. ... ....... 7.74 8.03 7.49 7.38 7.49 7.31 7.58
Renewable Energy .. ............. ... ... 6.69 6.46 8.93 8.59 9.37 8.90 8.97
Other. ... ... 1.66 1.10 0.93 0.91 0.73 0.40 1.06
Total Primary Production. .............. 73.50 72.80 90.66 87.26 93.79 87.13 94.40
Net Imports (quadrillion Btu)
Petroleum (including SPR) ... ............. 2119 2228 35.04 32.39 38.25 38.65 31.51
Natural Gas. .. ..., 3.50 3.60 5.64 5.12 6.40 5.90 5.17
Coal/Other (- indicates export) . ............ -0.96 -0.77 -0.29 -0.38 -0.15 -0.31 -0.29
Total NetIlmports . .................... 23.73 25.11 40.39 37.13 44.49 44.25 36.40
Discrepancy ............ ... .. ... ... ... 0.13 -1.37 0.20 0.25 0.04 -0.04 0.51
Consumption (quadrillion Btu)
Petroleum Products .. ................... 38.25 38.63 51.99 48.84 55.60 53.78 50.96
NaturalGas. . ........ ... .. 2257 2343 34.63 32.84 35.87 34.17 34.04
Coal. .o 2156 22.34 27.35 26.08 29.41 26.83 28.27
Nuclear Power . ........................ 7.74 8.03 7.49 7.38 7.49 7.31 7.58
Renewable Energy .. ........ ... ... ... 6.70 6.48 8.94 8.59 9.38 8.91 8.98
Other. ... ... . .. . 0.28 0.38 0.44 0.40 0.48 0.42 0.46
Total Consumption.................... 97.10 99.29 130.85 124.13 138.24 131.42 130.29
Prices (2000 dollars)
World Oil Price
(dollars perbarrel). . ..................... 1760 27.72 24.68 23.45 25.81 17.64 30.58
Domestic Natural Gas at Wellhead
(dollars per thousand cubic feet). . .......... 2.27 3.60 3.26 2.94 3.65 3.07 3.40
Domestic Coal at Minemouth
(dollars per shortton) . ................... 17.01 16.45 12.79 12.56 13.23 12.67 12.95
Average Electricity Price
(cents per kilowatthour). .. ................ 6.7 6.9 6.5 6.2 6.8 6.4 6.5
Economic Indicators
Real Gross Domestic Product
(billion 1996 dollars) . .. ................. 8,857 9,224 16,525 14,901 18,102 16,561 16,496
(annual change, 2000-2020). . .. .......... — — 3.0% 2.4% 3.4% 3.0% 2.9%
GDP Chain-Type Price Index
(index, 1996=1.00) . .. .................. 1.047  1.070 1.826 2.067 1.608 1.797 1.859
(annual change, 2000-2020). . .. .......... — — 2.7% 3.3% 21% 2.6% 2.8%
Real Disposable Personal Income
(billion 1996 dollars) . .. ................. 6,320 6,539 11,698 10,791 12,541 11,685 11,723
(annual change, 2000-2020). . .. .......... — — 3.0% 2.5% 3.3% 2.9% 3.0%
Gross Manufacturing Output
(billion 1992 dollars) .. .................. 3,804 4,022 7,003 6,473 8,023 7,026 6,977
(annual change, 2000-2020). . .. .......... — — 2.8% 2.4% 3.5% 2.8% 2.8%
Energy Intensity
(thousand Btu per 1996 dollar of GDP) . .. . .. 1097  10.77 7.92 8.34 7.64 7.94 7.90
(annual change, 2000-2020) . .. ........... — — -1.5% -1.3% -1.7% -1.5% -1.5%
Carbon Dioxide Emissions
(million metric tons carbon equivalent) . ... .. 1,517 1,562 2,088 1,980 2,215 2,103 2,083
(annual change, 2000-2020) . . ............ — — 1.5% 1.2% 1.8% 1.5% 1.5%

Notes: Specific assumptions underlying the alternative cases are defined in the Economic Activity and International Oil Markets sections
beginning on page 56. Quantities are derived from historical volumes and assumed thermal conversion factors. Other production includes liquid
hydrogen, methanol, supplemental natural gas, and some inputs to refineries. Net imports of petroleum include crude oil, petroleum products,
unfinished oils, alcohols, ethers, and blending components. Other net imports include coal coke and electricity. Some refinery inputs appear as
petroleum product consumption. Other consumption includes net electricity imports, liquid hydrogen, and methanol.

Sources: Tables A1, A19, A20, B1, B19, B20, C1, C19, and C20.
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Introduction

Because analyses by the Energy Information Admin-
istration (EIA) are required to be policy-neutral, the
projections in this Annual Energy Outlook 2002
(AEO2002) are based on Federal, State, and local
laws and regulations in effect on September 1, 2001.
The potential impacts of pending or proposed legis-
lation, regulations, and standards—and sections
of existing legislation requiring funds that have
not been appropriated—are not reflected in the
projections.

Federal legislation incorporated in the projections
includes the National Appliance Energy Conserva-
tion Act of 1987; the Clean Air Act Amendments of
1990 (CAAA90); the Energy Policy Act of 1992
(EPACT); the Omnibus Budget Reconciliation Act of
1993, which added 4.3 cents per gallon to the Federal
tax on highway fuels [1]; the Outer Continental Shelf
Deep Water Royalty Relief Act of 1995; the Tax
Payer Relief Act of 1997; the Federal Highway Bill of
1998, which included an extension of the ethanol tax
incentive; new standards for motor gasoline and
diesel fuel and for heavy-duty vehicle emissions; and
the new standards for energy-consuming equipment
that were announced in 2001. AEO2002 assumes the
continuation of the ethanol tax incentive through
2020. AEO2002 also assumes that State taxes on
gasoline, diesel, jet fuel, M85, and E85 will increase
with inflation and that Federal taxes on those fuels
will continue at 2000 levels in nominal terms.
Although the above tax and tax incentive provisions
include “sunset” clauses that limit their duration,
they have been extended historically, and AEO2002
assumes their continuation throughout the forecast.

AEO2002 also incorporates regulatory actions of the
Federal Energy Regulatory Commission (FERC),
including Orders 888 and 889, which provide open
access to interstate transmission lines in electricity
markets, and other FERC actions to foster more
efficient natural gas markets. State plans for the
restructuring of the electricity industry and State
renewable portfolio standards are incorporated as
enacted. As of July 1, 2001, 24 States and the District
of Columbia had passed legislation or promulgated
regulations to restructure their electricity markets.
The projections include recently announced delays in
restructuring in several States. In California, retail
competition has been suspended.

CAAA90 requires a phased reduction in vehicle
emissions of regulated pollutants, to be met primar-
ily through the use of reformulated gasoline. In

addition, under CAAA90, there is a phased reduction
in annual emissions of sulfur dioxide by electricity
generators, which in general are capped at 8.95
million tons per year in 2010 and thereafter,
although “banking” of allowances from earlier years
is permitted. CAAA9O also calls for the U.S. Environ-
mental Protection Agency (EPA) to issue standards
for the reduction of nitrogen oxide (NO,) emissions;
the forecast includes NO, caps for States where they
have been finalized. The impacts of CAAA90 on elec-
tricity generators are discussed in “Market Trends”
(see page 100).

The provisions of EPACT focus primarily on reduc-
ing energy demand. They require minimum building
efficiency standards for Federal buildings and
other new buildings that receive federally backed
mortgages. Efficiency standards for electric motors,
lights, and other equipment are required, and Fed-
eral, State, and utility vehicle fleets are required to
phase in vehicles that do not rely on petroleum prod-
ucts. The projections include only those equipment
standards for which final actions have been taken
and for which specific efficiency levels are provided.
A discussion of the status of efficiency standards is
included later in this section.

Energy combustion is the primary source of anthro-
pogenic (human-caused) carbon dioxide emissions.
AEO2002 estimates of emissions do not include
emissions from activities other than fuel combus-
tion, such as landfills and agriculture, nor do they
take into account “sinks” that absorb carbon dioxide,
such as forests.

The AEO2002 reference case projections include
analysis of the programs in the Climate Change
Action Plan (CCAP)—44 actions developed by the
Clinton Administration in 1993 to achieve the stabi-
lization of greenhouse gas emissions (carbon dioxide,
methane, nitrous oxide, and others) in the United
States at 1990 levels by 2000. CCAP was formulated
as a result of the Framework Convention on Climate
Change, which was adopted at the United Nations
on May 9, 1992, and opened for signature at Rio de
Janeiro on June 4, 1992. As part of the Framework
Convention, the economically developed signatories,
including the United States, agreed to take volun-
tary actions to reduce emissions to 1990 levels. Of
the 44 CCAP actions, 13 are not related either to
energy combustion or to carbon dioxide and, conse-
quently, are not incorporated in the analysis.

Although CCAP did not achieve the goal of reducing
greenhouse gas emissions to 1990 levels by 2000 and
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no longer exists as a unified program, most of the
individual programs, which are generally voluntary,
remain. The impacts of those programs are included
in the projections. The projections do not include car-
bon dioxide mitigation actions that may be enacted
as a result of the Kyoto Protocol, which was agreed to
on December 11, 1997, but has not been ratified, or
other international agreements. The Kyoto Protocol,
for which the Bush Administration has announced it
will not seek ratification, and the status of interna-
tional negotiations on climate change are discussed
later in this section.

Electricity Markets: State Restructuring
and the California Energy Crisis

Some States Step Back from Restructuring
Plans

California formally ended competition (direct access)
in its retail electricity market in September 2001,
after a year and a half of very high wholesale prices
exposed market design failures, forced competitive
suppliers from the market, raised retail prices, and
caused the bankruptcy of the State’s largest utility
[2]. California’s energy crisis has led some States
that were in the process of implementing electricity
market restructuring legislation to postpone imple-
mentation and has forced other States in the process
of negotiating the terms of restructuring legislation
to rethink their priorities. The biggest fear among
the States is that inadequate supply will allow a few
suppliers to assert market power and raise prices
beyond acceptable levels. States are also considering
whether their transmission capacity is adequate to
ensure a viable marketplace, and how to give elec-
tricity consumers more options for responding to
price signals.

In March 2001, Nevada, New Mexico and Arkansas
delayed the opening of their retail electricity mar-
kets to competition. Nevada’s Governor halted the
implementation of electric utility deregulation indef-
initely—until such time as “the market stabilizes,
adequate consumer protections are in place, and
supply is at an acceptable level.” New legislation in
Nevada has re-regulated the State’s utilities, delay-
ing the sale of their power plants. At the same time,
large customers with time-of-use meters (to be
installed by the utility at the cost of the provider or
customer) will be allowed to choose their suppliers
and residential customers with renewable distrib-
uted generators will be offered net metering [3].

New Mexico enacted new legislation to delay the
opening of its retail electricity market to competition

until 2007. The law also delays Public Service of New
Mexico’s unbundling of its distribution business
from its generation and marketing businesses and
allows the utility to proceed with plans to build new
generation capacity and form a holding company.

Arkansas put off the start of deregulation from Janu-
ary 2002 to October 2003. The Arkansas Public Ser-
vice Commission (PSC) is also authorized to initiate
further delays based on the adequacy of the State’s
transmission system and generating capacity to sup-
port a competitive market. The PSC issued a request
for utilities to provide an analysis of prices custom-
ers may pay for electric generation service under
open access as compared with continued regulation,
and to provide the information needed to evaluate
the readiness of both retail and wholesale markets
for implementation of retail open access.

Legislation was enacted to revise Oregon’s restruc-
turing law in August 2001, delaying the date for
implementing retail access for large customers from
October 2001 to March 2002. Most other provisions
of Oregon’s plans for restructuring were also delayed
for 6 months to March 2002, including allowing resi-
dents to choose from a portfolio of retail options.

In June 2001, Oklahoma delayed retail competition.
New legislation established a nine-member task
force to study the effects of deregulation. Competi-
tion, originally scheduled to be phased in from Janu-
ary 2002 to January 2004, will be put off until (1) the
task force issues its final report, not later than
December 2002, and (2) the legislature enacts
enabling restructuring legislation.

In November 2000, the Montana Public Service
Commission delayed the date for instituting com-
plete retail access for all consumers from July 2002
to July 2004, because the State does not have a com-
petitive power supply market in place. Most rural
electric cooperatives have opted not to restructure or
offer retail choice. Also, Montana Power customers
have not been switching to retail choice in large
numbers.

In light of the low cost of electricity in West Virginia
and the price spikes that occurred this past summer
in other States that have restructured retail mar-
kets, legislation was passed in October 2000 to
require the 2001 West Virginia Legislature to pass a
resolution before the provisions of the restructuring
law can take effect. Consumer choice was to have
started in January 2001. As of October 2001, no reso-
lution had been passed.
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North Carolina’s legislation study panel decided in
January 2001 that more study of restructuring
issues was needed before recommending that the
legislature open the State to competition by 2005, as
previously recommended. The studies will focus on
consumer protections and ways to encourage power
plant construction in the State. In December 2000,
the North Carolina Public Utilities Commission
(PUC) staff recommended a limited deregulation
plan to a legislative panel. In light of California’s
experience, the PUC recommended that restructur-
ing in North Carolina proceed slowly and with
caution.

In Other States, Restructuring Moves Ahead

Although many States delayed restructuring plans,
others forged ahead by implementing restructuring
on time or improving market designs to increase the
competitiveness of their markets. Arizona, Connecti-
cut, Delaware, Illinois, Maine, Maryland, Massachu-
setts, Michigan, New Hampshire, New Jersey, New
York, Pennsylvania, and Rhode Island had full or
partial competitive retail markets in place before
2001 and are proceeding as scheduled with full
implementation of their restructuring plans.

Both the District of Columbia and Ohio began allow-
ing customers direct access to competitive electricity
suppliers on January 1, 2001, as mandated by
restructuring legislation. Also in January 2001, the
New Hampshire Supreme Court upheld New Hamp-
shire’s restructuring plan, clearing the way for com-
petition to begin for the majority of consumers in
April 2001.

Texas was still set to start full retail competition by
January 2002, although pilot programs got started
two months late. In September 2001, utilities in
Texas began the process of auctioning part of their
generating capacity. Restructuring legislation re-
quires each generation company affiliated with a for-
mer monopoly utility to sell at least 15 percent of its
installed generation capacity at least 60 days before
full retail competition begins.

Pennsylvania amended its restructuring rules to
allow competitive suppliers to bid for default custom-
ers, in order to ensure that more suppliers will stay
in the market. In January 2001, as required under
the Philadelphia Electric Company (PECO) restruc-
turing plan, 300,000 residential customers who had
not chosen a competitive supplier were randomly
chosen and switched to The New Power Company,
which was chosen by PECO to provide “Competi-
tive Discount Service” from March 2001 through

January 2004. Customers may opt out of the pro-
gram or choose another electricity supplier without
penalty.

In March 2001, Virginia passed legislation allowing
competitive suppliers to bid to supply “last resort”
customers—those customers without access to other
competitive retail options. In July 2001, the Virginia
State Corporation Commission adopted rules to
advance a competitive energy supply market and
protect customers who shop for alternative electric-
ity suppliers when the retail market opens—on
time—in January 2002.

The New York PSC spent 2001 fine-tuning its com-
petitive market design. In March, the bill credit
(shopping credit) a customer could receive for switch-
ing to a lower cost supplier was increased to encour-
age more suppliers to enter the market. The new
shopping credit is tied to the going market price to
make it easier for suppliers to deal with fluctuating
wholesale prices. It also includes a small amount to
cover administrative costs. The old shopping credit,
which had been set below market prices, discouraged
suppliers from entering the market. In June, the
PSC approved standards governing the electronic
exchange of routine business information and data
among electricity and natural gas service providers
in New York. The PSC also issued an order in June to
establish uniform retail access billing and payment
processing practices that will facilitate a single-bill
option for customers who buy power and/or natural
gas from energy service companies. The orders are
designed to facilitate retail energy competition in
New York and provide for efficient single-billing
options for all New York electricity and natural gas
customers.

In Washington State, a May 2001 agreement
between Puget Sound and its six largest industrial
customers allows them to buy power from any
source. In January 2001, the Florida PSC issued a
draft restructuring plan that would allow large
industrial customers retail choice starting in Janu-
ary 2003. In March 2001, the legislatively mandated
Energy 2020 Study Commission released an interim
report, Proposal for Restructuring Florida’s Whole-
sale Market for Electricity. The report made recom-
mendations to the 2001 legislature that would result
in the development of a competitive wholesale elec-
tricity market in Florida. Proposals included remov-
ing barriers to entry for merchant generation plants,
requiring investor-owned load-serving utilities to
acquire energy resources through a competitive
acquisition process, and allowing utility affiliate
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companies to assume ownership of existing genera-
tion assets and to build new ones.

In January 2001, the Louisiana PSC issued a draft
restructuring plan that would allow large industrial
customers in Louisiana retail choice starting in Jan-
uary 2003. In March 2001, the staff of the PSC issued
its final report, Final Response of the Commission
Staff to Comments on Proposed Competitive Transi-
tion Plan. The report recommends some changes to
the transition plan issued in January, including
allowing open access to competitive service providers
only for large industrial customers with loads aver-
aging 5 megawatts or more rather than the original
2-megawatt load. Although the PSC ruled 2 years
ago that open access was not in the State’s best inter-
est, study of the issue has continued in light of con-
cerns about economic development. The report
recommends another study, due in 2005, to deter-
mine whether competition would benefit all classes
of customers.

Changes to the AEO2002 projections as a result of
State legislation and regulation were minor, with
the exception of California. The changes that have
resulted from California’s legislative and regulatory
developments throughout 2001 and their effects on
the AEO2002 forecasts are discussed in “Issues in
Focus,” pages 28-35.

Appliance Efficiency Standards

Since 1988, the U.S. Department of Energy (DOE)
has promulgated numerous efficiency standards
requiring the manufacture of appliances that meet
or exceed minimum levels of efficiency as set forth by
DOE test procedures. In 1987, Congress passed the
National Appliance Energy Conservation Act
(NAECA), which permitted DOE to establish test
procedures and efficiency standards for 13 consumer
products. Under the auspices of NAECA, DOE 1is
responsible for revising the test procedures and effi-
ciency levels as technology and economic conditions
evolve over time.

From 1988 to 1995, DOE established and revised
efficiency standards almost on an annual basis, as
shown in Table 2. In 1995, however, Congress issued
a standards moratorium for fiscal year 1996, which
prohibited DOE from establishing any new stan-
dards. As a result of the moratorium, no standards
were promulgated from 1996 through July 2000.
After a reevaluation of the standards program, DOE
established a new process that allows for greater
input from stakeholders by creating the Advisory
Committee on Appliance Energy Efficiency Stan-
dards, which comprises technical experts represent-
ing the concerns of industry, environmentalists, and
the general public.

Table 2. Effective dates of appliance efficiency standards, 1988-2007

Product

1988 1990 1992 1993 1994 1995 2000 2001 2003 2004 2005 2006 2007

Clothes dryers X
Clothes washers X
Dishwashers X
Refrigerators and freezers
Kitchen ranges and ovens
Room air conditioners

Direct heating equipment
Fluorescent lamp ballasts

Water heaters

MO X M M X

Pool heaters

Central air conditioners and heat pumps X

Furnaces

Central (>45,000 Btu per hour) X
Small (<45,000 Btu per hour) X

Mobile home X

Botlers X

Fluorescent lamps, 8 foot

Fluorescent lamps, 2 and 4 foot (U tube)
Commercial water-cooled air conditioners
Commercial natural gas furnaces

Commercial natural gas water heaters

X
X X X
X

>
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With input from stakeholders early in the promulga-
tion process, it was believed that the rulemaking
process would become more predictable, more
timely, and less controversial. The refrigerator stan-
dard issued for July 2001, for example, was promul-
gated through a series of compromises in December
1996, allowing a later enforcement date but at a
higher efficiency level. Achieving similar consensus
among such disparate concerns as the natural gas
and electric power industries and environmentalists
may prove difficult, however, when multi-fuel prod-
ucts, such as water heaters, are considered for
review. The debate over end-use efficiency versus
total system efficiency is a lively one, with electric
power and natural gas concerns generally disagree-
ing as to how efficiency and environmental benefits
should be measured. In fact, the inability to create a
single national home energy rating system (HERS)
has shown that achieving consensus among these
groups is difficult, signaling a continued debate as to
how efficiency should be evaluated across fuel types.

In January 2001, DOE published final rules for sev-
eral residential and commercial appliances, includ-
ing residential water heaters, clothes washers, and
central air conditioners and heat pumps, as well as
commercial water-cooled cooling equipment and
natural-gas-fired water heaters and furnaces. In
July, however, DOE issued a Notice of Proposed
Rulemaking (NOPR) withdrawing the final rule-
making for central air conditioners and heat pumps.
The NOPR, which invited public comment through
the end of September 2001, essentially replaced the
13 seasonal energy efficiency ratio (SEER) standard
issued in January with a 12 SEER standard. The
decision to lower the standard has brought legal
action from the Natural Resources Defense Council
(NRDC) and 3 States, which have sued DOE over the
legality of withdrawing the original 13 SEER stan-
dard. For AEO2002, it is assumed that the 12 SEER
standard will prevail in 2006, when it is scheduled to
become effective.

Currently, DOE is evaluating standards for distribu-
tion transformers and residential furnaces and boil-
ers. Because the AEO2002 reference case includes
only standards that have been finalized, with the
effective dates and efficiency levels specified in the
Federal Register, these efficiency standards are not
included in the projections.

Production Tax Credit for Renewables

As part of EPACT, Congress established a tax credit
of 1.5 cents per kilowatthour for electricity produced

from new renewable generators using wind or
closed-loop biomass energy sources. (Closed-loop bio-
mass plants use feedstocks derived from “energy
crops” grown specifically for energy production.) The
credit is applicable for 10 years after a qualifying
facility has been placed in service. Originally set to
expire in 1999, the credit was extended by Congress
to cover new units entering service by December 31,
2001. The tax credit was indexed to inflation and cur-
rently is worth 1.7 cents per kilowatthour.

In August 2001, the U.S. House of Representatives
passed the Securing America’s Future Energy Act of
2001 (SAFE Act of 2001, currently bill H.R. 4). The
SAFE Act would extend the renewable electricity
production tax credit (PTC) for another 5 years, for
new facilities on line through December 31, 2006,
and would expand eligibility to open-loop biomass
and landfill gas facilities. (Open-loop biomass plants
use feedstocks derived as waste from other activities,
such as agricultural residue, yard trimmings, and
commercial wood waste.) Other similar proposals
before Congress would extend the credit for various
durations and expand it to different renewable gen-
erating technologies.

Because the legislation is still pending, it is not
incorporated in the AEO2002 reference case. Addi-
tional analysis indicates that the PTC provisions of
H.R. 4 could have a significant effect on the targeted
industries. By 2020, the tax credit could result in an
additional 4 gigawatts of wind capacity (13 giga-
watts with the PTC extension, compared with 9
gigawatts without), an additional 2 gigawatts of
dedicated biomass capacity (4 gigawatts with the
extension and expansion, compared with 2 gigawatts
without), and an additional 1 gigawatt of landfill gas
capacity (5 gigawatts with the extension and expan-
sion, compared with 4 gigawatts without). If all the
potential new renewable capacity were built, the
nonhydroelectric renewable share of total U.S. elec-
tricity generation in 2020 could increase to 3.4 per-
cent, as compared with 2.9 percent projected in the
AEO02002 reference case.

Heavy-Duty Vehicle Emissions and
Diesel Fuel Quality Standards

In December 2000, the EPA finalized new regula-
tions on heavy-duty engine and vehicle standards
and highway diesel fuel sulfur control requirements
[4]. The engine and vehicle standards will affect
new heavy-duty vehicles sold in model years 2004,
2007, and 2010. In 2004, the standard requires that
all new heavy-duty vehicles achieve a 40-percent
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reduction in emissions of nitrogen oxides (NO,) and
hydrocarbons (HC). In 2007, the rule requires 50 per-
cent of new heavy-duty vehicles sold to meet signifi-
cantly more stringent emissions standards. The
2007 standards require a 92-percent reduction in
NOg emissions and an 89-percent reduction in HC
emissions from the 2004 standard. For model years
2007 through 2009, the EPA allows engine manufac-
turers flexibility in meeting the NOy and HC stan-
dards, in that they are given the option to produce
100 percent of their engines to meet an average of
the 2004 and 2007 NOyx and HC emissions stan-
dards. In 1998, the EPA signed consent decrees with
several manufacturers of heavy-duty diesel engines,
stating that they would produce engines to meet the
2004 emissions standards by October 2002. New
standards for heavy-duty gasoline engines and vehi-
cles will reduce both NOx and HC emissions for all
vehicles above 8,500 pounds gross vehicle weight not
covered in the Tier 2 standards, beginning in 2004.

The new rule requires refiners and importers to pro-
duce highway diesel fuel meeting a 15 parts per mil-
lion (ppm) maximum requirement, starting June 1,
2006; however, pipelines are expected to require
refiners to provide diesel fuel with an even lower sul-
fur content, somewhat below 10 ppm, in order to
compensate for contamination from higher sulfur
products in the system and to provide a tolerance for
testing. Diesel fuel meeting the new specification
will be required at terminals by July 15, 2006, and at
retail stations and wholesalers by September 1,
2006. Under a “temporary compliance option”
(phase-in), up to 20 percent of highway diesel fuel
produced may continue to meet the current 500 ppm
sulfur limit through May 2010; the remaining 80
percent of the highway diesel fuel produced must
meet the new 15 ppm maximum.

Analysis included in an EIA study conducted at the
request of the EPA, The Transition to Ultra-Low-
Sulfur Diesel Fuel: Effects on Prices and Supply,
released in May 2001, indicated the possibility of a
tight diesel market at the onset of the new 15-ppm
sulfur maximum in June 2006 [5]. Given the EPA’s
assumptions for refinery equipment costs and return
on investment, the EIA analysis concluded that
increases in highway diesel costs of between 5.4
and 6.8 cents per gallon could be expected in the
short run in Petroleum Administration for Defense
Districts (PADDs) I through IV, and even higher
increases would be expected if a shortfall in diesel
supply occurred. The EPA has taken steps to moni-
tor the ultra-low-sulfur diesel fuel (ULSD) supply

situation. The EPA’s Final Rulemaking requires
refiners and importers expecting to produce highway
diesel in 2006 to register with the EPA by December
31, 2001, and to provide annual updates of expected
ULSD production capacity beginning in 2003.

EIA’s study also included a longer term analysis of
increases in the average annual end-use price of
highway diesel, based on a range of different
assumptions. Using a set of assumptions similar to
those used by the EPA in its Regulatory Impact
Analysis of the diesel rule, EIA estimated increases
in the average U.S. end-use price ranging from 6.5 to
7.0 cents per gallon between 2007 and 2010. When a
set of assumptions more consistent with previous
industry analyses was used, price differentials
ranged from 8.4 to 8.8 cents per gallon. The addi-
tional costs associated with complying with the new
diesel regulation are included in the AEO2002 refer-
ence case, based on the specific assumptions dis-
cussed in Appendix G.

In addition to the new highway diesel regulation, the
EPA is in the early planning stages of new standards
for diesel fuel used for other purposes, or “non-road”
diesel. Since the specifics of the non-road standards
have yet to be proposed by EPA, no changes in
non-road diesel quality are reflected in the AEO2002
reference case.

Relaxed Standard for Reformulated
Gasoline in the Midwest

In June 2001, the EPA decided to modify the volatile
organic compound (VOC) emissions standard for
Federal reformulated gasoline (RFG) blended with
ethanol. The EPA recognized that ethanol-blended
RFG provides additional reductions in carbon mon-
oxide emissions, which in turn reduce ground-level
ozone formation. Because the VOC standards are
also intended to reduce ground-level ozone forma-
tion, the standard for RFG with ethanol could be
relaxed by the equivalent of 0.3 pounds per square
inch (psi) Reid vapor pressure (Rvp) while maintain-
ing the air quality benefits of the RFG program.

The EPA is moving cautiously, so far having granted
the VOC waiver only to the Chicago-Milwaukee RFG
market, which is the only market that requires RFG
to be blended with ethanol. Both cities have had gas-
oline supply problems, due in part to the difficulty of
refining the low-volatility blendstocks needed to
blend RFG with ethanol. The EPA expects the VOC
adjustment to increase gasoline supply in Chicago
and Milwaukee.
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Extension of the Rvp waiver for ethanol blending
with RFG has been suggested before. In order to
encourage the use of ethanol, conventional gasoline
blended with ethanol is allowed by CAAA90 to have
Rvp 1 psi higher than that of conventional gasoline.
CAAA90 limited conventional gasoline volatility to 9
psi during the summer months, when ground-level
ozone concentrations are most often at unhealthy
levels. It also authorized the Administrator of the
EPA to impose tighter Rvp standards in current or
former nonattainment areas. An Rvp limit of 7.8 psi
was imposed on many such areas, mainly those in
warmer climates or at higher elevations. CAAA90
allows ethanol blends to exceed the applicable limit
by 1 psi, provided that the gasoline blendstock com-
plies with applicable limits and provided that the
ethanol blend will not adversely affect emissions
from vehicles certified to 1975 or later standards.

In February 1994, the EPA considered extending to
RFG the 1-psi waiver for ethanol blends when it
finalized standards for RFG. It noted that the VOC
emission standards adopted for RFG might have the
effect of excluding ethanol from the RFG oxygenate
market. Forcing ethanol out of the RFG market
might have increased dependence on foreign crude
oil, which would be contrary to the Nation’s energy
policy. But the proposed waiver was expected to have
little effect on petroleum imports as a result of the
loss of energy content per gallon of gasoline that
occurs when hydrocarbons are replaced with
ethanol.

Of greater concern to the EPA was the potential for
loss of air quality benefits if ethanol RFG blended
under the waiver was mixed with non-ethanol RFG
during automobile refueling. The EPA, estimating
that such mixing could negate 40 to 50 percent of the
VOC performance improvement associated with the
RFG program, declined to extend the waiver to RFG
at the time. The ethanol waiver decision was revis-
ited after the emergence of supply shortages and
price spikes in the Chicago-Milwaukee RFG market
in the spring of 2000.

New Rule on Airborne Benzene

In March 2001, the EPA established its Mobile
Source Air Toxics (MSAT) regulatory program.
Twenty-one substances were placed on the MSAT
list for future regulatory action. All MSAT sub-
stances are known or suspected to cause cancer or
other serious illness. Benzene, formaldehyde, 1,3-
butadiene, acetaldehyde, diesel particulate matter,
and diesel exhaust organic gases are of the most

concern. The EPA did not explicitly tighten emission
standards for any of the MSAT substances, but it did
put in place a regulation ensuring that future fuels
will be at least as clean as today’s fuels, according to
emissions forecast from the EPA’s Complex Model.

The new rule sets an allowable level of emissions (as
predicted by the Complex Model) for each refiner’s
gasolines that is equal to the average predicted emis-
sions of its output between 1998 and 2000. By 2020,
the MSAT program is expected to reduce highway
emissions of benzene, formaldehyde, 1,3-butadiene,
and acetaldehyde by 67 to 76 percent relative to 1990
levels. Diesel particulate matter is projected to be
reduced by 90 percent relative to 1990 levels.

One goal of the new rule is to prevent “backsliding”
on airborne benzene. Benzene is emitted by evapora-
tion of gasoline from vehicle fuel tanks and by incom-
plete combustion of gasoline. The RFG program gave
refiners a choice of two benzene standards: an aver-
age of 0.95 percent by volume with an upper limit
of 1.3 percent by volume, or an upper limit of 1.0
percent by volume with no average requirement.
Benzene in conventional gasoline was regulated
indirectly by the RFG program’s anti-dumping toxic
standards. Toxic standards for each refiner were set
to the average emissions (as predicted by the Com-
plex Model) for each batch of gasoline produced by
that refiner in 1990. Under the new rule, conven-
tional gasoline could average 1.3 percent benzene by
volume.

In practice, refiners overcomplied with their limits.
The new MSAT regulations aim to maintain current
overcompliance levels of benzene in gasoline while
forcing improvements in other emissions. Accord-
ingly, refiners are now limited by the average emis-
sions, as predicted by the Complex Model, of
conventional gasoline and RFG that each produced
between 1998 and 2000. A default baseline will also
be available for refiners that did not produce gaso-
line for the U.S. market for 12 consecutive months
between 1998 and 2000.

Low-Emission Vehicle Program

The Low-Emission Vehicle Program (LEVP) was
originally passed into legislation in 1990 in the State
of California. It began as the implementation of a
voluntary opt-in pilot program under the purview of
CAAA90, which included a provision that other
States could opt in to the California program and

achieve lower emissions levels than required by
CAAA90. Both New York and Massachusetts chose
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to opt in to the LEVP, implementing the same man-
dates as California.

The LEVP was an emissions-based policy, setting
sales mandates for three categories of low-emission
vehicles according to their relative emissions of air
pollutants: low-emission vehicles (LEVs), ultra-low-
emission vehicles (ULEVs), and zero-emission
vehicles (ZEVs). The only vehicles certified as ZEVs
by the California Air Resources Board (CARB) were
dedicated electric vehicles [6].

The LEVP was originally scheduled to begin in 1998,
with a requirement that 2 percent of the State’s
vehicle sales be ZEVs, increasing to 5 percent in 2001
and 10 percent in 2003. On November 5, 1998, the
CARB amended the original LEVP to include ZEV
credits for advanced technology vehicles. According
to the CARB, qualifying advanced technology vehi-
cles must be capable of achieving “extremely low lev-
els of emissions on the order of the power plant
emissions that occur from charging battery-powered
electric vehicles, and some that demonstrate other
ZEV-like characteristics such as inherent durability
and partial zero-emission range” [7]. There are three
components in calculating the ZEV credit, which
vary by vehicle technology: (1) a baseline ZEV allow-
ance, (2) a zero-emission vehicle-miles traveled
(VMT) allowance, and (3) a low fuel-cycle emission
allowance.

Further modifications proposed for the ZEV man-
date in September 2000 were finalized in January
2001 [8]. The proposal was designed to maintain
progress toward the 2003 goal while recognizing
technology and cost limitations on ZEV product
offerings. The CARB proposal removed ZEV sales
requirements before 2003 but maintained the 2003
required ZEV sales goal of 10 percent and required a
gradual increase of ZEV sales to 16 percent by 2018.
The number of vehicles included in the estimation of
required ZEV sales was also increased, to include
small light-duty trucks.

The proposal also provides manufacturers flexibility
in meeting the goal through increased vehicle credits
and greater allowances for partial ZEVs (PZEVs)
and advanced technology ZEVs (AT-PZEVs). ZEVs
will earn 1.25 credits per vehicle before 2006, and
PZEVs will receive a phase-in multiplier credit of 4,
2, and 1.3 per vehicle for 2004, 2005, and 2006,
respectively. Extra credits will also be allowed for
ZEVs with extended range and/or reduced fueling
times.

The baseline PZEV allowance potentially can pro-
vide up to 0.2 credit if the advanced technology
vehicle meets the following standards: (1) super-
ultra-low-emission vehicle (SULEV) standards,
which approximate the emissions from power plants
associated with recharging electric vehicles; (2)
on-board diagnostics (OBD) requirements for indica-
tors on the dashboard that light up when vehicles are
out of emissions compliance levels; (3) a 150,000-
mile warranty on emission control equipment; and
(4) evaporative emissions requirements in Califor-
nia, which prevent emissions during refueling. The
modifications allow a maximum of 6 percentage
points of the ZEV mandate sales requirement to be
met by PZEVs.

The AT-PZEV allowance will allow a maximum 0.6
credit if the vehicle is capable of some all-electric
operation (to a range of at least 20 miles), or if the
vehicle has ZEV-like equipment on board, such as
regenerative braking, advanced batteries, or an
advanced electric drive train. AT-PZEVs can satisfy
up to 50 percent of the pure ZEV sales requirement.
The remaining mandated ZEV sales must be electric
vehicles or hydrogen fuel cell vehicles.

An emission allowance was also made for vehicle
fuels with low fuel-cycle emissions used in advanced
technology vehicles. A maximum of 0.2 credit is pro-
vided for vehicles that use fuels which emit no more
than 0.01 gram of nonmethane organic gases per
mile, based on the grams per gallon and the fuel effi-
ciency of the vehicle.

AEO2002 assumes that Massachusetts, New York,
Maine, and Vermont will also adopt the California
LEVP mandates.

Proposed Energy Legislation

Comprehensive energy-related legislation has been
proposed in both the House and the Senate. H.R. 4,
Securing America’s Energy Future Act of 2001
(Tauzin), which largely parallels the National
Energy Policy Plan (NEPP) [9], was passed in the
House of Representatives in August 2001. The pro-
posed Republican bill in the Senate, S. 388, the
National Energy Security Act of 2001 (Murkowski),
1s similar to H.R. 4; however, the principal Senate
bill, S. 597, the Comprehensive and Balanced
Energy Policy Act of 2001 (Bingaman), differs from
the NEPP and H.R. 4 in several respects. Perhaps
the most notable difference is that the NEPP and
H.R. 4 permit oil and natural gas drilling in Alaska’s
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Arctic National Wildlife Refuge (ANWR), whereas S.
597 does not. Neither proposal requires changes to
vehicle fuel economy standards, although H.R. 4
requires the Secretary of Transportation to prescribe
standards for light trucks manufactured from 2004
to 2010.

While S. 597 and H.R. 4 have dozens of provisions
that are similar, they differ greatly in emphasis.
H.R. 4 contains numerous tax incentives for energy
production; S. 597 does not. Also, S. 597 contains
numerous provisions on electricity deregulation that
do not appear in H.R. 4. As of mid-November 2001, it
appeared unlikely that there would be a vote on the
Senate bill before the end of 2001. Consequently, the
AEO2002 forecasts do not include any of the provi-
sions of the proposed legislation. A number of the
proposals contained in S. 597, H.R. 4, and the NEPP,
as described in the summaries of the bills and in the
NEPP, are listed below. Many of the NEPP proposals
would require new legislation, and others would
depend on budget authority.

S. 597

* Establishes a National Commission on Energy
and Climate Change and an Interagency
Working Group on Clean Energy Technology
Transfer

* Authorizes the States to develop regional coordi-
nation of energy infrastructure

* Mandates periodic reviews of regulations to iden-
tify barriers to market entry for emerging energy
technologies

+ Amends the Federal Power Act to establish the
Electric Reliability Organization

« Establishes a Public Benefits Fund

* Amends the Rural Electrification Act of 1936 to
authorize electrification grants for rural and re-
mote communities

* Amends the Energy Policy Act of 1992 to man-
date a comprehensive Indian energy program
and amends the Department of Energy Organi-
zation Act to establish an Office of Indian Energy
Policy and Programs

* Directs the Federal Trade Commission to pre-
scribe disclosure requirements regarding energy
sources used to generate electricity and specified
consumer protections and privacy

* Amends the Federal Power Act to require the
FERC to establish a wholesale electricity market

data information system and wholesale electric
energy rates in the Western energy market

* Prescribes guidelines governing renewable en-
ergy resources, distributed generation facilities,
and hydroelectric relicensing

* Directs the Secretary of Energy to assess cost and
performance goals for a national coal-based tech-
nology development and applications program
and to implement a power plant improvement
Initiative program

* Amends the Atomic Energy Act of 1954 to revise
indemnification and liability guidelines (the
Price-Anderson Amendments Act of 2001)

+ Sets a deadline for a specified Outer Continental
Shelf oil and gas lease sale. Mandates an acceler-
ated research and development program regard-
ing pipeline integrity for natural gas and
hazardous liquids

* Prescribes guidelines for statutory mechanisms
that increase vehicle fuel efficiency or provide ve-
hicle alternatives in order to limit demand for pe-
troleum products by light-duty vehicles

* Amends the Energy Policy and Conservation Act
to revise alternative fuel requirements for Fed-
eral fleets

+ Establishes a Federal Energy Bank and a High
Performance Schools Program

* Delineates goals for enhanced research and de-
velopment programs that target energy effi-
ciency, renewable energy, fossil energy, nuclear
energy, and fundamental energy science (Energy
Science and Technology Enhancement Act)

* Directs the Secretary of Energy to establish na-
tional energy research and development advisory
boards; monitor workforce trends pertaining to
skilled technical personnel supporting energy
technology industries; establish traineeship
grant programs for technically skilled personnel;
and develop employee training guidelines to sup-
port electric supply system reliability and safety.

H.R. 4

* Reauthorizes Federal energy conservation pro-
grams with respect to Federal energy savings
performance contracts, automobile fuel economy,
nuclear energy, high ozone season reformulated
gasoline and gasoline blendstock requirements,
MTBE contamination from underground storage
tanks, oil and gas pipeline routes, the burning of
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post-consumer carpet in cement kilns as an alter-
native energy source, and other specified matters

Sets goals for energy research, development, and
commercial application programs (Comprehen-
sive Energy Research and Technology Act of
2001)

Directs the Secretary of Energy to establish a
competitive grant pilot program for State and lo-
cal governments and metropolitan transporta-
tion authorities to implement an alternative fuel
vehicle acquisition program (Alternative Fuel
Vehicle Acceleration Act of 2001)

Directs the Secretary of Energy to establish
grant and cooperative agreement programs for
alternative fuel, ultra-low-sulfur diesel, and
fuel-cell-powered school buses (Clean Green
School Bus Act of 2001)

Authorizes the Secretary of Energy to establish
the Next Generation Lighting Initiative (Next
Generation Lighting Initiative Act)

Earmarks funds for the U.S. EPA’s Office of Air
and Radiation (Environmental Protection
Agency Office of Air and Radiation Authorization
Act of 2001)

Amends the Spark M. Matsunaga Hydrogen Re-
search, Development, and Demonstration Act of
1990 to direct the Secretary of Energy to conduct
a hydrogen technology transfer program to in-
crease the global market for hydrogen technolo-
gies (Robert S. Walker and George E. Brown, Jr.
Hydrogen Energy Act of 2001)

Authorizes appropriations for bioenergy research
and development programs and biofuels energy
systems (Bioenergy Act of 2001)

Directs the Secretary of Energy to support or con-
duct a program to maintain the Nation’s human
resource investment and infrastructure in nu-
clear sciences and engineering; an advanced fuel
recycling technology research and development
program to promote the availability of prolifera-
tion-resistant fuel recycling technologies; a Nu-
clear Energy Research Initiative; and a Nuclear
Energy Plant Optimization research and devel-
opment program (Department of Energy Univer-
sity Nuclear Science and Engineering Act)

Directs the Secretary of Energy to implement
research and development programs pertaining
to unconventional and ultra-deepwater natural
gas and petroleum exploration and production

technologies in areas currently available for
Outer Continental Shelf leasing (Natural Gas
and Other Petroleum Research, Development,
and Demonstration Act of 2001)

Directs the Secretary of Energy to develop a plan
for U.S. construction of a magnetic fusion burn-
ing plasma experiment and a Fusion Energy Sci-
ences Program

Authorizes appropriations for the “Spallation
Neutron Source” at Oak Ridge National Labora-
tory

Amends the Internal Revenue Code with respect
to specified energy conservation credits and de-
ductions (Energy Tax Policy Act of 2001)

Directs the Secretary of Energy to implement a
prescribed program of cost and performance
goals for specified 5-year periods, entailing re-
search, development, demonstration, and com-
mercial application of clean coal technologies
(Clean Coal Power Initiative Act of 2001)

Mandates Federal agency reports on whether
rights-of-way for transportation across Federal
lands of energy supplies or transmission of elec-
tricity can be authorized for new or additional ca-
pacity; and an inventory review of the wind,
solar, coal, and geothermal power production po-
tential of Federal lands (Energy Security Act)

Mandates use of a specified bidding system for
certain oil and gas lease sales located in the
Western and Central Planning Area of the Gulf of
Mexico (Royalty Relief Extension Act of 2001)

Amends the Outer Continental Shelf Lands Act
to prescribe guidelines for the payment in kind of
oil and gas royalties to the United States and for
royalty rate reductions for production declines at
certain oil and gas wells, in order to spur mar-
ginal well production (Federal Oil and Gas Lease
Management Improvement Demonstration Pro-
gram Act of 2001)

Amends the Geothermal Steam Act of 1970 to
prescribe royalty reductions and to waive royalty
requirements for certain geothermal energy
leases

Directs the Secretary of the Interior to establish a
competitive oil and gas leasing program for the
exploration and production of oil and gas re-
sources of the Arctic Coastal Plain (Arctic
Coastal Plain Domestic Energy Security Act of
2001).
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NEPP

20

Increases funding for energy efficiency programs,
encouraging the development of fuel-efficient
vehicles, creating tax credits to encourage con-
sumer conservation, and expanding DOE conser-
vation programs

Expedites permitting for infrastructure improve-
ments, expands research on reliable energy
transmission, and removes regulatory barriers

Expands the use of alternative and renewable en-
ergy such as wind, solar, biomass, and geother-
mal energy and provides for the safe expansion of
cheap, clean, and safe nuclear energy

Increases funding for clean coal research

Directs DOE to undertake a review of existing
energy efficiency and alternative and renewable
energy research and development programs to
assure that future program budget allocations
are performance-based and modeled as pub-
lic-private partnerships

Provides $285 million for energy efficiency and
renewable energy research and development

Increases the industry cost share beyond the cur-
rent average 50-percent share for some DOE pro-
grams, especially as research and development
projects move closer to commercialization

Enacts a new tax credit for investments in com-
bined heat and power systems or shortens the de-
preciation life for combined heat and power
projects

Provides temporary income tax credits for the
purchase of new hybrid and fuel cell vehicles,
which would be available for all qualifying light
vehicles, including cars, minivans, sport utility
vehicles, and light trucks

Proposes pipeline safety legislation that would
significantly strengthen the enforcement of pipe-
line safety laws

Directs the Secretaries of Energy and State to co-
ordinate with the Secretary of the Interior and
the FERC to work closely with Canada, the State
of Alaska, Congress, and other interested parties
to expedite the construction of a pipeline to de-
liver natural gas to the lower 48 States, including
proposing to Congress any modifications to the
Alaska Natural Gas Transportation Act of 1976
that may be necessary

Proposes the development of legislation to imple-
ment electricity restructuring that promotes
competition, protects consumers, enhances reli-
ability, improves efficiency, promotes renewable
energy, repeals the Public Utility Holding Com-
pany Act, and reforms the Public Utility Regula-
tory Policies Act

Proposes the development of legislation to grant
authority to obtain rights-of-way for electricity
transmission lines only when absolutely neces-
sary, with the goal of creating a reliable national
transmission grid

Provides several tax incentives to help increase
the contribution that alternative and renewable
energy makes to the Nation’s energy supply and
extends the present 1.7 cents per kilowatthour
tax credit for electricity produced from wind

Expands tax credits for electricity produced us-
ing renewable technology, such as biomass; ex-
tends the present 1.7 cents per kilowatt hour tax
credit for electricity produced from biomass; ex-
pands eligible biomass sources to include for-
est-related sources, agricultural sources, and
other specified sources (for existing biomass facil-
ities, the credit for electricity produced from the
new sources 1s 1.0 cent per kilowatthour for 3
years of production, 2002-2004); and proposes a
tax credit for electricity produced from co-firing
biomass from new sources of 0.5 cent per
kilowatthour for 3 years of production, 2002-2004

Proposes a new 15-percent tax credit for individ-
uals who purchase photovoltaic equipment or so-
lar water heating equipment for use in an
individual residence, up to a maximum credit of
$2,000 for each type of equipment, which would
be available for 2002-2007 for photovoltaic equip-
ment and 2002-2005 for solar water heating
equipment

Proposes to extend the excise tax exemption for
gasohol (ethanol mixed with motor fuels) and the
income tax credit for ethanol used as fuel beyond
2007, when they are scheduled to expire

Proposes to encourage an alternative source of
energy near population centers by providing tax
credits for energy produced from landfill gas,
which would be available for energy produced
from methane from regulated landfills that are
required by the EPA to collect and flare methane
and for unregulated landfills
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Supports reauthorization of the Hydrogen En-
ergy Act

Supports legislative or administrative reform of
the hydropower licensing process to make the
hydropower licensing process more clear and effi-
cient, while preserving environmental goals

Proposes that Congress authorize exploration
and, if resources are discovered, development of
the 1002 Area of ANWR; and that any legislation
should require the use of the best available tech-
nology and should require that activities will re-
sult in no significant adverse impact to the
surrounding environment

Urges Congress to pass legislation to use an esti-
mated $1.2 billion of bid bonuses from leasing of
ANWR for additional funding of research on al-
ternative and renewable energy resources, in-
cluding wind, solar, geothermal, and biomass

Allows taxpayers (other than regulated utilities)
to make deductible contributions to a nuclear de-
commissioning fund and permits nuclear decom-
missioning funds to accumulate the full amount
needed for decommissioning

Reauthorizes the Price-Anderson Act

Directs the EPA Administrator to work with Con-
gress to propose legislation that would establish
a flexible, market-based program to significantly
reduce emissions of sulfur dioxide, nitrogen ox-
ides, and mercury from electric power plants gen-
erators; propose mandatory reduction targets for
emissions of sulfur dioxide, nitrogen oxides, and
mercury; phase in the reductions over a reason-
able period of time, similar to the successful acid
rain reduction program established by CAAA90;
provide regulatory certainty to encourage utili-
ties to install newer, cleaner, more efficient sys-
tems; and provide market-based incentives, such
as emissions trading credits, to help achieve the
required results

Directs the Secretary of the Interior to work with
Congress to create a Royalties Conservation
Fund that would earmark royalties from new oil
and gas production in ANWR to fund land conser-
vation efforts and would be used to eliminate the
maintenance and improvements backlog on Fed-
eral lands

Requests a fiscal year 2002 budget of $1.7 billion
for the Low-Income Home Energy Assistance
Program (LIHEAP), which would be an increase

of $300 million from last year’s non-emergency
appropriation

* Proposes $1.2 billion in additional funding for the
weatherization program over 10 years, roughly
double the current level of spending.

Renewal of the Price-Anderson Act

The Price-Anderson Act, first passed in 1957 as an
amendment to the Atomic Energy Act of 1954 and
renewed three times since, will expire on August 1,
2002. The Act provides for payment of public liability
claims in the event of a nuclear incident. Several
bills have been introduced in the Senate to provide a
10-year extension to the Price-Anderson Act, includ-
ing S. 388, the National Energy Security Act of 2001;
S. 472, Nuclear Energy Electricity Supply Assurance
Act of 2001; and S. 597, the Comprehensive and Bal-
anced Energy Policy Act of 2001.

The goals of the Price-Anderson Act were to ensure
that adequate funds would be available to the public
to satisfy liability claims in the event of a nuclear
accident and to permit private sector participation in
nuclear energy by removing the threat of potentially
enormous liability. Each nuclear reactor is required
to be covered by the maximum liability insurance
available from private insurers (currently $200 mil-
lion). In addition, for each reactor, payment of up to
$88 million into a supplemental insurance pool may
be required if it is needed to cover damages in excess
of the insurance coverage. Today, the total protection
available in the event of a nuclear accident is over $9
billion. The Price-Anderson Act covers all currently
licensed reactors throughout their lifetimes; how-
ever, new units will not be covered after August 1,
2002, unless Congress approves a renewal of the Act.

Analysis of North American Natural Gas
Markets

On April 25, 2001, the Secretary of Energy, Spencer
Abraham, asked EIA to conduct two studies of the
North American natural gas market due to public
concern about “tight supplies, volatile prices, and
regional price disparities” during the winter of
2000-2001. The first study, U.S. Natural Gas Mar-
kets: Recent Trends and Prospects for the Future,
released in May 2001 [10], examined the causes for
high natural gas prices in the 2000-2001 winter,
based on data available in the spring of 2001 and the
prospects for the future as forecast in EIA’s April
2001 Short-Term Energy Outlook. The study con-
cluded that the high natural gas prices were caused
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by higher than normal demand; low natural gas
prices in prior years, which resulted in a scarcity of
wellhead gas production capacity relative to the high
demand; a low level of working gas in storage at the
beginning of the winter; and regional constraints on
natural gas transmission.

The second study, U.S. Natural Gas Markets: Mid-
Term Prospects for Natural Gas Supply, released in
December 2001 [11], updated the first analysis using
more recent market data and provided a more
detailed examination of the future prospects for U.S.
natural gas markets. Four topics were specifically
requested for consideration in the second study: the
impact of drilling on wellhead gas supply, the poten-
tial for future imports of liquefied natural gas (LNG),
the impact of removing access limitations to Federal
lands and offshore areas on future natural gas sup-
ply, and improvements in data collection that would
support a better understanding of natural gas
markets.

Natural gas prices have declined since the winter of
2000-2001 due to lower demand and an increase in
new wellhead supplies stimulated by the earlier high
prices. The price reductions and record storage addi-
tions during 2001 indicate that the U.S. natural gas
market has the self-correcting mechanisms associ-
ated with well-functioning markets, which bodes
well for the market outlook, as domestic resources
are expected to be substantial. The potential for for-
eign supplies i1s limited by U.S. capacity to import
them. U.S. import capacity i1s expandable, given
favorable economics.

Short-term price cycles are likely to be inevitable in a
competitive market. When the industry operates at
close to full capacity, small changes in supply and/or
demand can cause significant market pressures that
result in substantial price changes. The market
experience in 2000-2001 shows that natural gas
prices are vulnerable to short-term fluctuations in
market conditions.

Large and unpredictable swings in natural gas
prices impose considerable risk on investments in
natural gas supply and consumption. An unpredict-
able price environment would shift the mix of natu-
ral gas supply investments away from long-term
investments, such as LNG terminals and the Alas-
kan pipeline, toward short-term investments, such
as conventional onshore drilling for natural gas.
Such price behavior could also favor coal-fired facili-
ties over natural-gas-fired facilities.

The construction of new LNG terminals and in-
creased access to restricted areas would make more

natural gas supply available, which could moderate
future price increases. Increased access to Federal
lands would increase the exploitable resource base in
the Rocky Mountains by 29 trillion cubic feet and
reduce the costs and development time for exploiting
an additional 59 trillion cubic feet of Rocky Moun-
tain resources. In the Outer Continental Shelf
region, increased access would expand exploitable
offshore resources by 58 trillion cubic feet. Under a
high natural gas demand scenario, such as meeting a
carbon dioxide emissions target, increased access to
restricted areas is projected to increase domestic pro-
duction in 2020 by about 1.1 trillion cubic feet over
the reference case projection, while reducing well-
head natural gas prices by 15 cents per thousand
cubic feet. When reference case assumptions are
combined with alternative LNG costs in the cases
with carbon dioxide emissions limits, LNG is pro-
jected to provide an incremental 0.9 trillion cubic
feet of natural gas supply in 2020 at an average price
that is 9 cents per thousand cubic feet lower than
projected in the reference case.

With respect to natural gas data collection, EIA faces
a number of challenges with regard to both the scope
and quality of current natural gas data series. The
collection of natural gas production and wellhead
price data involves a challenge of timeliness, because
monthly data submitted by the States and by the
Minerals Management Service of the U.S. Depart-
ment of Interior undergo numerous revisions before
being finalized by the reporting agencies. The collec-
tion of natural gas consumption and end-use price
data involves the challenge of completeness, because
the restructuring of the natural gas industry, which
began in the mid-1980s, expanded the number of
market participants and changed business practices
so that the current respondents sometimes do not
know either the final use of the natural gas or its
burnertip price. Efforts to correct these data inade-
quacies, which are crucial to serving the public need
for timely, accurate, and complete natural gas data,
are underway.

International Negotiations on
Greenhouse Gas Reductions

The Framework Convention on
Climate Change

As a result of increasing warnings by members of the
climatological and scientific community about the
possible harmful effects of rising greenhouse gas
concentrations in the Earth’s atmosphere, the Inter-
governmental Panel on Climate Change was estab-
lished by the World Meteorological Organization and
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the United Nations Environment Programme in
1988 to assess the available scientific, technical, and
socioeconomic information in the field of climate
change. A series of international conferences fol-
lowed, and in 1990 the United Nations established
the Intergovernmental Negotiating Committee for a
Framework Convention on Climate Change. After a
series of negotiating sessions, the text of the Frame-
work Convention on Climate Change was adopted at
the United Nations on May 9, 1992, and opened for
signature at Rio de Janeiro on June 4, 1992.

The objective of the Framework Convention was to
“. .. achieve . .. stabilization of the greenhouse gas
concentrations in the atmosphere at a level that
would prevent dangerous anthropogenic interfer-
ence with the climate system.” All signatories agreed
to implement measures to mitigate climate change
and prepare periodic emissions inventories. In addi-
tion, the developed country signatories agreed to
adopt national policies with a goal of returning
anthropogenic emissions of greenhouse gases to
1990 levels. The Convention excludes chlorofluoro-
carbons and hydrochlorofluorocarbons, which are
controlled by the 1987 Montreal Protocol on Sub-
stances that Deplete the Ozone Layer.

In response to the Framework Convention, the
United States issued the Climate Change Action
Plan (CCAP) [12], published in October 1993, which
consisted of a series of 44 actions to reduce green-
house gas emissions. The actions included voluntary
programs, industry partnerships, government incen-
tives, research and development, regulatory pro-
grams including energy efficiency standards, and
forestry actions. Greenhouse gases affected by the
CCAP actions included carbon dioxide, methane,
nitrous oxide, hydrofluorocarbons, and perfluoro-
carbons. At the time the CCAP was developed, the
Clinton Administration estimated that the actions it
enumerated would reduce total net emissions of
these greenhouse gases in the United States to 1990
levels by 2000 [13]. That reduction was not achieved,
however, and net U.S. greenhouse gas emissions
increased from 1990 to 2000. Although the CCAP no
longer stands as a unified program, some of its indi-
vidual programs remain in effect.

The Conference of the Parties and
the Kyoto Protocol

The Framework Convention established the Confer-
ence of the Parties (COP) to “review the implementa-
tion of the Convention and . . . make, within its
mandate, the decisions necessary to promote the
effective implementation.” Moving beyond the 2000

target in the Convention, the first Conference of the
Parties (COP-1) met in Berlin in 1995 and issued the
Berlin mandate, an agreement to “begin a process to
enable it to take appropriate action for the period
beyond 2000.” COP-2, held in Geneva in July 1996,
called for negotiations on quantified limitations and
reductions of greenhouse gas emissions and policies
and measures for COP-3. From December 1 through
11, 1997, representatives from more than 160 coun-
tries met at COP-3 in Kyoto, Japan. In the resulting
Kyoto Protocol to the Framework Convention, tar-
gets for greenhouse gas emissions were established
for the developed nations—the Annex I coun-
tries—relative to their emissions levels in 1990 [14].

The Kyoto Protocol targets are to be achieved, on
average, from 2008 through 2012, the first commit-
ment period. The overall emissions reduction target
for the Annex I countries is 5.2 percent below 1990
levels. Relative to 1990, the individual targets range
from an 8-percent reduction for the European Union
(EU) to a 10-percent increase for Iceland. The reduc-
tion target for the United States is 7 percent below
1990 levels. Non-Annex I countries have no targets
under the Protocol, although the Protocol reaffirms
the commitments of the Framework Convention by
all parties to formulate and implement climate
change mitigation and adaptation programs.

The Protocol was opened for signature on March 16,
1998, for a 1-year period. It will enter into force 90
days after 55 Parties, including Annex I countries
accounting for at least 55 percent of the 1990 carbon
dioxide emissions from Annex I nations, have depos-
ited their instruments of ratification, acceptance,
approval, or accession. By March 15, 1999, 84 coun-
tries had signed the Protocol, including all but two of
the Annex I countries, Hungary and Iceland. As of
October 26, 2001, 43 countries had ratified or
acceded to the Protocol [15]; however, only one
Annex I nation, Romania, has ratified the Protocol at
this point.

Energy use is a natural focus of greenhouse gas
reductions. In 1990, total greenhouse gas emissions
in the United States were 1,678 million metric tons
carbon equivalent, of which carbon dioxide emissions
from the combustion of fossil fuels accounted for
1,352 million metric tons carbon equivalent, or 81
percent [16]. By 2000, total U.S. greenhouse gas
emissions had risen to 1,906 million metric tons
carbon equivalent, with 1,562 million metric tons
carbon equivalent, or 82 percent, from fuel combus-
tion. Because energy-related carbon dioxide emis-
sions constitute such a large percentage of total
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greenhouse gas emissions, any action or policy to
reduce emissions will affect U.S. energy markets.

The Kyoto Protocol includes a number of flexibility
measures for compliance. Reductions in other
greenhouse gases—methane, nitrous oxide, hydro-
fluorocarbons, perfluorocarbons, and sulfur hexa-
fluoride—can offset carbon dioxide emissions [17].
“Sinks” that absorb carbon dioxide—forests, other
vegetation, and soils—may also be used to offset
emissions.

Emissions trading among the Annex I countries is
also permitted under the Protocol, and groups of
Annex I countries may jointly meet the total commit-
ment of all the member nations either by allocating a
share of the total reduction to each member or by
trading emissions rights. Joint Implementation pro-
jects are also allowed among the Annex I countries,
allowing a nation to take emissions credits for pro-
jects that reduce emissions or enhance sinks in other
Annex I countries; however, it is indicated in the Pro-
tocol that trading and Joint Implementation are sup-
plemental to domestic actions. The Protocol also
establishes a Clean Development Mechanism
(CDM), a program under which Annex I countries
can earn credits for projects that reduce emissions in
non-Annex I countries if the projects lead to measur-
able, long-term emissions benefits.

The targets specified in the Protocol can be achieved
on average over the first commitment period of 2008
to 2012 rather than in each individual year. No tar-
gets are established for periods after 2012, although
the Conference of the Parties will initiate consider-
ation of future commitments at least 7 years before
the end of the first commitment period. Banking—
carrying over emissions reductions that go beyond
the target from one commitment period to some sub-
sequent commitment period—is allowed. The Proto-
col indicates that each Annex I country must have
made demonstrable progress in achieving its com-
mitments by 2005.

In November 1998 at COP-4 in Buenos Aires, Argen-
tina, a plan of action was adopted to finalize a num-
ber of the implementation issues at COP-6, held in
the Netherlands on November 13 through 24, 2000,
at The Hague. Negotiations at COP-5 in Bonn, Ger-
many, from October 25 through November 5, 1999,
focused on developing rules and guidelines for emis-
sions trading, joint implementation, and the CDM,;
negotiating the definition and use of forestry activi-
ties and additional sinks; and understanding the

basics of a compliance system, with an effort to com-
plete the work at COP-6 [15].

The major goals of the COP-6 negotiations held in
fall 2000 were to develop the concepts in the Protocol
in sufficient detail that it could be ratified by enough
Annex I countries to be put into force and to encour-
age significant action by the non-Annex I countries
to meet the objectives of the Framework Convention
[19]. The COP-6 negotiations focused on a range of
technical issues, including emissions reporting and
review, communications by non-Annex I countries,
technology transfer, and assessments of capacity
needs for developing countries and countries with
economies in transition.

The COP-6 negotiations were suspended in Novem-
ber 2000, however, without agreement on a number
of issues, including the appropriate amount of credit
for carbon sinks, such as forests and farmlands, and
the use of flexible mechanisms, such as international
emissions trading and the CDM, to reduce the cost of
meeting the global emissions targets [20]. COP-6
was rescheduled to resume in 2001 in Bonn, Ger-
many [21].

COP-6 negotiations (Part 2) resumed in Bonn, Ger-
many, on July 16, 2001, again focusing on developing
the concepts in the Protocol in sufficient detail that it
could be ratified by enough Annex I countries to be
put into force. On July 23, 2001, 178 member nations
of the United Nations Framework Convention on
Climate Change reached an agreement, known as
the Bonn Agreement, on the operational rulebook for
the Kyoto Protocol.

The Bonn Agreement creates a Special Climate
Change Fund and a Protocol Adaptation Fund to
help developing countries adapt to climate change
impacts, obtain clean technologies, and limit the
growth in their emissions; allows developed nations
to use carbon sinks to comply, in part, with their
Kyoto emission reduction commitments; and estab-
lishes rules for the CDM, emissions trading, and
Joint Implementation projects. The Bonn Agreement
also emphasizes that domestic actions shall consti-
tute a significant element of emission reduction
efforts made by each Party, and establishes a Com-
pliance Committee with a facilitative branch and an
enforcement branch. In terms of compliance, for
every ton of gas that a country emits over its target,
it will be required to reduce an additional 1.3 tons
during the Protocol’s second commitment period,
which starts in 2013.
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The Bonn Agreement was forwarded for official
adoption at COP-7, which was held in Marrakech,
Morocco, from October 29 to November 9, 2001. On
November 9, 2001, 165 nations reached agreement
on a number of implementation rules for the Bonn
Agreement and the Kyoto Protocol. The agreement,
referred to as the “Marrakech Accords,” covered a
number of issues, including rules for international
emissions trading; a compliance regime to enforce
emissions targets, with the issue of legally binding
targets deferred to a future Conference of the
Parties; fungible accounting rules that allow emis-
sions trading among Annex I countries, CDM and
Joint Implementation mechanisms; and a new emis-
sion unit for carbon “sinks” that cannot be banked for
future commitment periods [22]. COP-8 is scheduled
for October 23 to November 1, 2002, with India
as a possible location [23]. COP-8 will, among other

things, review the adequacy of commitments under
the Kyoto Protocol, including those of developing
countries, with the intent of framing the issue for
discussion at COP-9.

The Bush Administration has indicated that it has
no objection to the participation of other countries in
the Kyoto Protocol, even without U.S. participation,
and has indicated that it intends to develop U.S.
alternatives to the Kyoto Protocol, including the
National Climate Change Technology Initiative [24].
As noted above, the Protocol can enter into force with
ratification by enough Annex I nations to account for
55 percent of total Annex I carbon dioxide emissions
in 1990. Because the United States accounted for
about 35 percent of 1990 Annex I carbon dioxide
emissions, the Protocol can enter into force without
ratification by the United States.

Energy Information Administration / Annual Energy Outlook 2002 25



Issues 1n Focus



Issues in Focus

The California Energy Crisis:
Implications for Electricity Market
Restructuring

Insufficient electricity supply, transmission con-
straints, limited natural gas supplies, heat waves,
and prolonged drought in the West that greatly
restricted hydroelectricity supplies contributed to
blackouts and brownouts in California in 2001, huge
electricity price spikes throughout the West, and the
bankruptcy and near bankruptcy of California’s
largest utilities. Many are blaming California’s
attempt at deregulating the electricity industry as a
major contributing factor to California’s energy
woes. The resulting political fallout, as well as a gen-
uine need to take a closer look at their markets, has
caused those States that have not restructured their
electricity markets to scale back efforts toward that
goal. Some States that have passed, but not yet
implemented, restructuring legislation have post-
poned implementation dates.

On September 20, 2001, California abandoned its
retail choice program altogether. Proponents for reg-
ulation and proponents for competition in the elec-
tricity industry are gathering evidence from the
California crisis to support their positions in a
debate that has been ongoing since the first power
companies were formed.

Arguments For and Against Competition
in Electricity Markets

A basic tenet of market economics is that true compe-
tition will afford customers the lowest prices and
best service possible and will spur technology devel-
opment that will create even lower prices and better
services. In order for a market to come close to true
competition, supply and demand must be able to
respond quickly to each other through price signals.
Each supplier has a minimum acceptable price to
supply a given amount of commodity or service, and
each customer has a maximum acceptable price to
acquire a certain quantity of good. In a perfectly com-
petitive market, where there are many buyers and
sellers, the prices and quantities of products sup-
plied and bought are determined by the level at
which the marginal cost to produce the product [25]
equals the marginal benefits to consumers [26].
When there is a shortage of a product with no or few
substitutes the equilibrium price will rise. When
more resources are introduced into the market or
affordable substitutes become available, the equilib-
rium price will fall.

Advocates for and against a competitive electricity
market generally agree that reliable electricity at
reasonable prices is vital to maintaining the health
and welfare of the economy and the public at large.
Those who support regulation believe that events in
California illustrate that system reliability and price
stability cannot be incorporated into a competitive
system. In their opinion, it is not in the interest of
suppliers to hold or build more generation than they
are certain they can sell. Therefore, in situations of
unexpected demand increases, system reliability
will be compromised.

Proponents of regulation also believe that supply
cannot be built nor shut off fast enough to respond to
demand in an economically feasible way [27]. There-
fore, they assert, the resulting price spikes in times
of unexpected high demand will persist for the long
period of time needed for supply to adjust; and thus,
a competitive market cannot guarantee stable or
affordable electricity prices for all. They contend that
the resulting system unreliability and price instabil-
ity can damage the health and vitality of the nation,
citing the amount of money lost by businesses during
the California blackouts, the danger of electricity
surges and outages to people at home dependent on
life-support systems, and the deaths of people with-
out power during extreme weather conditions.

Competition advocates believe that competition ulti-
mately will produce lower electricity prices and
better services as competitive suppliers seek to
increase and retain a customer base. For instance,
technically it now takes as little as 18 months to
build new natural-gas-fired combined-cycle plants.
Competition advocates also assert that more than
ever, there are reasonably priced distributed genera-
tion alternatives to grid-based generation, such as
reciprocating engines and gas combustion and
microturbine units [28]. Additionally, there are
energy management options to lower energy usage
as needed in times of scarcity and price increases as
well as during the most expensive peak periods.

Supporters of competition believe that a market that
is set up properly will encourage efficiency and tech-
nological developments that will increase the
responsiveness of market demand and supply to
price signals by increasing the availability of afford-
able substitutes to grid generation, by increasing the
ease of demand response to price (for example,
through use of the internet), and by encouraging
improved electricity transmission infrastructure
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through price signals. They contrast California’s
market design to restructured market designs in
other States or regions that have been performing
much better.

California’s Restructured Market Design
The Retail Market

California was one of the first States to restructure
its retail electric power markets. In 1996 (when Cali-
fornia passed deregulation legislation), the average
price of electricity in California was 9.48 cents per
kilowatthour, the 10th highest among the 50 States
and the District of Columbia. The U.S. average price
was 6.86 cents per kilowatthour. Under California’s
restructuring plan, which started on March 31, 1998,
customers of California’s three investor-owned utili-
ties (IOUs) were allowed to shop for alternative
sources of power. The IOUs were allowed to recover
investments (stranded costs) made with the ap-
proval or mandate of their regulator—the California
Public Utilities Commission (CPUC)—that they
would not be able to recover within the new competi-
tive market structure [29]. Regulators assumed
there would be a period of transition until the mar-
ket became truly competitive and these stranded
costs would be paid off.

Regulators also assumed that prices would be lower
under a competitive market structure, with the need
to retain and win customers producing incentives to
provide electricity at lower cost. Operating under
this assumption, legislators froze electricity prices
for IOU customers at June 1996 levels and man-
dated a 10-percent rate reduction for residential and
small commercial customers for the transition period
so that customers would see immediate benefits of
the new market, even with the stranded costs they
were paying [30]. To protect customers during the
transition period, utilities were required to supply
electricity to all default customers—customers who
did not want, or were not given the opportunity,
to switch to a competitive supplier—as well as to
serve as the suppliers of last resort for customers
who were dropped or abandoned by their competitive
suppliers.

The Wholesale Market

As California attempted to create a competitive sup-
ply market, regulators required utilities to divest
most of their generation assets and buy power
through a Power Exchange (PX) at spot market
prices. Consequently, the percentage of IOU owner-
ship of generating capacity in the State of California

dropped from 55 percent to 15 percent after the
implementation of competition in 1998 [31]. The
nonutility share of generating assets increased from
19 percent to 54 percent after competition was imple-
mented [82]. (The remaining third of California’s
generating assets are owned by public utilities).

In addition to the energy needed to power machinery
and appliances, electricity generators also must pro-
vide extra power, such as reactive power needed to
balance the electricity system, as well as reserves in
case more than expected energy or reactive power is
needed. California was the only State that set up
separate markets for energy and for the “extra”
power needed to provide transmission operating and
reliability services. Until recently, the PX operated
multiple energy markets, the most important of
which were the day-ahead and hour-ahead markets.
The California Independent Systems Operator
(CAISO) operates multiple transmission product
markets for the different types of capacity reserves
and ancillary services (spinning and non-spinning
reserves, regulation, etc.) needed to keep the trans-
mission system operating reliably on a day-ahead,
hourly, and real-time basis. CAISO also dispatches
power plants and operates the transmission grid. If
adequate bids are not received, CAISO can offer
above-market (out-of-market) prices to obtain suffi-
cient resources. If above-market prices still fail to
garner sufficient resources, emergency measures are
triggered, resulting in Stage 1-3 alerts [33, 34].

Problems with California’s Market Design

Design flaws in California’s competitive electricity
market have surfaced throughout its short history.
For one, although a substantial $89 million customer
education campaign was launched, it was hard to
persuade unregulated retail competitors to enter
and stay in the market. Only a small percentage of
customers left utility suppliers (Figure 8). With utili-
ties forced to sell at low rates and customers making
high payments for stranded costs on the distribution
portion of their bills (regardless of the generation
supplier), it was difficult for competitive suppliers to
offer rates low enough to provide the incentive
needed to persuade consumers to risk switching to
unfamiliar retail electricity companies.

In contrast, Pennsylvania—which provided more
room between utility and competitive rates through
“shopping credits” [35]—has seen up to 24 percent of
its electricity load switch to competitive suppliers.
Maine, which allowed competitive suppliers to bid
for default customers, has seen up to 35 percent of its
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load switch to competitive suppliers. Recently, Penn-
sylvania has also opened its default customer load to
competitive bids.

Most of the customers in California who chose com-
petitive suppliers did so to support the emerging
“green energy’ market. Although green energy
prices were higher than other electricity products,
the California Energy Commission (CEC) offered a
renewable energy customer credit ranging from 1.5
cents per kilowatthour at the start of retail choice to
1 cent per kilowatthour by the end. The proportion of
customers receiving the credit relative to total direct
access customers increased steadily to the point
where those purchasing renewable energy com-
prised nearly all of the direct access market. By June
2000, the total number of direct access customers in
all customer classes had increased to 209,000, with
199,000 (95 percent) of them receiving the renewable
energy customer credit. Virtually all residential
direct access customers were receiving the customer
credit by then [36].

Meanwhile, electricity demand in California started
to rise more rapidly than had been predicted. From
1990 through 1999, overall electricity demand in
California increased by 11.3 percent, largely as a
result of rapid growth in the high-tech sector and
population growth in the latter part of the decade
[37]. Strong economic growth increased demand for
energy in all customer classes. According to the CEC,
this trend 1s expected to continue [38]. The CEC is
projecting large increases in electricity demand
through 2010 as a result of: (1) expected population
growth of approximately 15 percent from 2000 to
2010; (2) stronger expected population growth in hot-
ter inland areas (26 percent) than in coastal areas
(11 percent), which is expected to lead to more
demand for air conditioning, exacerbated by an
increase in telecommuting; and (3) a standard of liv-
ing fueled by high-tech industries, which demand a
resilient electricity system that provides reliable and
high-quality power [39].

While electricity demand increased in California, net
generating capacity decreased by 1.7 percent from
1990 to 1999 [40]. Consequently, the State’s reliance
on power imports increased. California currently
relies on about 11,000 megawatts of out-of-State
capacity [41]. However, demand has also been
increasing more rapidly than expected in neighbor-
ing States. Census Bureau figures show that, in the
past 10 years, Washington, Oregon, Arizona, and
Nevada have been rapidly growing in population
[42]. Unsure of receiving adequate compensation

Figure 8. Direct access customers in California’s
retail electricity market, 1998-2001
(percent of total)
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under the emerging competitive structure, Califor-
nia’s utilities took no action to build new plants.
Long and expensive siting and permitting proce-
dures to build new generation, several years of high
water levels—yielding an abundance of cheap hydro-
electric imports—and low price caps on wholesale
energy (before 2001) also discouraged new capacity
additions.

Other regions—including States in the Northeast
Power Coordinating Council, the Mid-Atlantic Area
Council, and Texas—have faced similar demand
increases but have been much more successful in
promoting new capacity additions and expansions.
Simpler siting and permitting procedures, higher or
no price caps, and other regulatory procedures in
place in each State and region have influenced how
much needed capacity has been or is being built.

Price spikes hit California’s wholesale markets in
the first year of operation. In the summer of 1998,
the California ISO experienced price spikes and bid
insufficiencies in its newly established ancillary ser-
vices markets. As a result, the Federal Energy Regu-
latory Commission (FERC) approved a purchase
price cap for those markets. Stressing that the cap
was not to remain in place for long, FERC directed
the ISO to facilitate a comprehensive stakeholder
process to redesign the ancillary services markets
and to file a redesign proposal no later than March 1,
1999. In general, however, during the first 3 years of
operation, a convergence of favorable fuel prices,
temperatures and hydropower conditions resulted in
such low spot market prices that the IOUs were able
to write off substantial amounts of stranded costs.

By 2000, extreme winter and summer weather
conditions created sudden high peaks in energy
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demand. At the same time, the West was experienc-
ing a drought, reducing the amount of water avail-
able for hydroelectric power generation. To make
matters worse, producers of natural gas, which fuels
roughly one-half of California’s electricity genera-
tors, had been curtailing production in response to
all-time low prices [43]. Extreme wholesale price
spikes resulted as peak demand surpassed available
supply. Older plants, called on to run more than
usual, caused California to surpass emissions stan-
dards. The high costs of meeting California’s power
plant emissions requirements also contributed to
the increase in wholesale electricity prices [44].
Additionally, overuse of older plants caused them
to break down, further exacerbating the supply
problem.

As electricity supply tightened, problems with the
design of California’s wholesale electricity market
structure came to light. A major problem was the
two-tiered structure of California’s energy and ancil-
lary service markets. Because both markets require
generators to provide or set aside the same amount
of output regardless of which product or service the
output is providing, power suppliers naturally bid
into the market that offered the opportunity to
receive the highest prices. A strict balance must be
maintained between all the electricity services to
maintain a reliable system. Thus, mass migration to
one market will cause prices in the other markets to
rise. The CAISO was often forced to buy electricity at
out-of-market prices in order to balance and main-
tain a reliable energy flow.

Another problem cropped up with California’s
congestion management system [45]. Congestion
charges were averaged over zones instead of being
charged to generators according to the actual cost of
the congestion they caused. The CAISO contended
that this promoted “gaming” of the congestion sys-
tem, because generators with market power on the
export side of a constraint could overschedule in the
day-ahead market and then submit very low or nega-
tive decremental bids to alleviate the congestion it
created. Generators thus created artificial scarcity
in order to create congestion revenues that would be
paid to them [46].

Critics asserted that when pricing does not conform
to the operating conditions, substantial operating
restrictions must be imposed to preserve system reli-
ability. Customer flexibility and choice require effi-
cient pricing; inefficient pricing necessarily limits
market flexibility [47]. In California’s case, however,

the CAISO had an even tougher job trying to main-
tain system reliability and control congestion by
coordinating the two markets in the two-tiered mar-
ket structure as suppliers jumped among the mar-
kets. In January 2000, the FERC called for an
overhaul or replacement of California’s congestion
management approach.

A series of price caps, implemented in lieu of effective
market controls, dampened hourly price spikes but
may have contributed to an increase in average
prices. Throughout the summer of 2000, an investi-
gation by FERC staff [48] found that specific
decreases in the CAISO price cap led to increased
exports from California to other areas within the
Western Systems Coordinating Council (WSCC),
which operates the Western grid. Overall, this may
have led to higher average prices as energy supplies
within California became even more constrained.

Transmission constraints between northern and
southern California topped off the bad situation,
resulting in rolling blackouts and brownouts as well
as substantial wholesale price spikes that continued
well into 2001. With such high prices, most of the
competitive retail suppliers left the market, and
their customers defaulted to the utilities (Figures 9
and 10). The requirement to buy generation through
the PX had hindered California’s IOUs from hedging
against volatile spot market prices by entering into
bilateral contracts with generators. Because the
I0Us were not allowed to pass on the huge costs of
wholesale power, which on average were 8 times
higher than prices at the start of competition in
1998, they lost billions of dollars and their credit
ratings.

The governor and the CPUC concluded that suppli-
ers were exercising market power by playing one tier
of the market against the other. They urged the
FERC to exercise control over suppliers and order
them to return the billions of dollars lost by the utili-
ties. In March 2001, the FERC ordered public utility
power suppliers to reimburse the CAISO and the PX
$69 million for January 2001 overcharges. The utili-
ties, to date, have not been compensated for the large
losses they experienced. California’s largest utility,
Pacific Gas and Electric, filed for Chapter 11 bank-
ruptcy protection in April 2001. Southern California
Edison, the second largest utility, was teetering on
the edge of declaring bankruptcy but reached an
agreement with the State in October 2001 to allow it
to pay off its debts by significantly raising rates for
the next 2 years.
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From November 2000 through 2001, the FERC
ordered remedies for California’s wholesale power
markets. Among other things, the FERC ordered the
elimination of the mandatory requirement that the
three IOUs sell and buy all their power through the
California PX. The FERC also terminated the whole-
sale rate schedule that enabled the PX to continue
operating, and in January 2001 the PX ceased opera-
tions [49]. Congestion management procedures and
pricing were ordered to be redesigned, demand
response procedures were to be considered, and mar-
ket monitoring procedures were to be strengthened.

Re-Regulation

California’s governor, regulators, and legislators,
under pressure from the State’s utilities and con-
sumers, have not been willing to wait and see
whether a FERC-ordered market redesign will allow
the market to function satisfactorily. With the IOUs
unable to recover the high costs of wholesale power
through reimbursements from customers, suppliers,
or the government, they were unable to make pay-
ments on much of their power purchases, and power
generators refused to sell them more power. As a
result, the State took over the job of buying power.
On February 1, 2001, the California Department of
Water Resources (DWR) was authorized to buy
power for the utilities.

The DWR negotiated long-term contracts, many
through 2010 and some through 2020, for more than
one-half of California’s projected energy needs
through 2010. Although the long-term contracts
have stabilized prices, they were negotiated at much
higher average costs than are projected for the
State’s spot market.

Figure 9. Direct access customer load in
California’s retail electricity market, 1998-2000
(percent of total)
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The California legislature has guaranteed the DWR
reimbursement of the revenue requirements for its
electricity purchases through large ratepayer sur-
charges (increasing electricity prices by up to 46 per-
cent for some consumers) and bond issues. In
addition, the PUC formally ended California’s retail
access program, in order to ensure that the costs to
the DWR would be shared by the roughly three-
quarters of California’s electricity load located
within the jurisdiction of the three IOUs. These
actions are expected to keep California’s electricity
prices from falling to the levels anticipated in its ini-
tial effort at deregulation.

In May 2001, Governor Gray Davis signed a bill cre-
ating the California Consumer Power and Conserva-
tion Financing Authority, which will have broad
powers to construct, own, and operate electric power
facilities and finance energy conservation projects.
He also signed an emergency bill to shorten the
times for reviewing applications for new and
upgraded power plants. The bill also allows new
owners to pay emission mitigation fees in lieu of
obtaining emission offsets when such offsets are
unavailable.

Implications of the Failure of California’s
Experiment with Competition

The failure of California to maintain a workable
competitive electricity market has highlighted the
difficulties of designing a competitive electricity
market structure that works. The political need to
ensure consumers short-term benefits, in the form of
lower prices, may inhibit formation of market
designs that would create cheaper electricity, better
service, and a cleaner environment in the long term.

Figure 10. California’s Power Exchange (PX)
energy price, 1998-2000
(2000 dollars per megawatt)
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It may be too early to judge whether competition will
work better than regulation in other regions. So far,
some other regions faced with the same challenges
as California have been more successful in changing
regulations, implementing transmission improve-
ments, and redesigning market infrastructure when
necessary. The FERC has approved market design
changes for the PJM, New England, and New York
ISOs as they work to improve transmission service
and the functioning of their wholesale markets. In
addition, various States have revised restructuring
legislation to make the retail electricity market more
competitive by streamlining plant siting and con-
struction procedures, allowing competitive suppliers
to bid for default customers, and adjusting shopping
credits, among other changes.

ISOs, States, and competitive suppliers are cur-
rently looking into improving demand response
options, including procedures for adding advanced
metering devices and services, incorporating net
metering regulations for customers who generate
their own electricity, making it easier to connect dis-
tributed generators to the grid, and offering energy
management services. Some States have pushed
back retail competition start dates until supply is
deemed adequate to forestall the threat of market
power abuse by a few suppliers.

Under Order No. 2000, issued in December 1999, the
FERC called for the voluntary formation of Regional
Transmission Organizations (RTOs), stating that
RTOs would broaden the market for electric power
transactions and help ensure comparability of ser-
vice for users, reliability for consumers, and efficient
economic transactions for customers. The FERC has
recently become more adamant in its encouragement
of the formation of large RTOs—as few in number as
possible in order to improve market performance—
with a stated preference for one Western RTO con-
sisting of all the States connected to the Western
grid. Aware that the failure of competition in Califor-
nia could dampen support for competition, and
under pressure to formulate stricter guidelines for
RTO formation [50], FERC Chairman Pat Wood has
stated his intention to formulate protocols for the
RTO organizations, beginning with a series of Com-
missioner-led workshops in mid-October 2001 on the
core subject areas (congestion management, cost
recovery, market monitoring, transmission plan-
ning, business and reliability standards, nature of
transmission rights, etc.) [51].

The Role of Natural Gas Prices

Natural-gas-fired generating plants provide approx-
imately one-half of California’s electricity. In the
State’s competitive wholesale market, the electricity
price for a given period represents the price paid to
the last generator dispatched to the grid. Because
petroleum- and natural-gas-fired generators usually
have higher fuel costs than hydroelectric, nuclear, or
coal-fired generators, petroleum and natural gas
units are typically dispatched last to serve interme-
diate and peak loads. Thus, gas-fired generators
often set the wholesale electricity price, and the cost
of the natural gas used for electricity generation
plays an important role in determining California’s
wholesale electricity prices.

Natural gas wellhead prices increased significantly
during the second half of 2000, after drilling was cur-
tailed in response to low prices in 1998 and 1999.
Because there is a 6- to 18-month lag between
increased drilling investments and natural gas pro-
duction increases, producers could not respond to
California’s sudden demand for natural gas for elec-
tricity generation. The resulting supply shortage led
to higher natural gas prices, which coincided with
California’s electricity supply problems and subse-
quent increases in wholesale electricity prices. Some
have blamed the high natural gas prices on high elec-
tricity prices; others have noted the contribution of
high natural gas prices to high electricity prices.
After September 2000, the delivered price of natural
gas in California became decoupled from those else-
where in North America.

California typically relies on out-of-State sources to
supply approximately 83 percent of the natural gas it
consumes. Reliance on out-of-State supplies has
integrated California into the North American natu-
ral gas market through gas transmission facilities,
which bring supplies into California from Canada,
Wyoming, New Mexico, and Texas. The extensive
North American transmission system works to
equilibrate natural gas prices across the continent,
with differences in regional wholesale prices largely
attributable to the regional availability of spare
transmission capacity and the cost of transporting
gas from one region to another.

California’s relationship to the North American sup-
ply market is quantified by the price differential
between the prices for natural gas delivered to Cali-
fornia and the spot prices posted at the Henry Hub in
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Louisiana. The Henry Hub is the largest and most
prominent “market center” for natural gas in North
America [52]. The NYMEX futures trading contract
specifies the Henry Hub as that contract’s physical
delivery point, because this market center provides
the most flexibility to buyers and sellers in terms of
transmission receipt and delivery points. Conse-
quently, the Henry Hub spot price best reflects the
overall supply and demand situation for the North
American natural gas market.

A comparison of Henry Hub spot prices and delivered
prices to California electric utilities shows that the
annual price differential varied between approxi-
mately 40 and 70 cents per thousand cubic feet from
1997 through 1999. As natural gas prices at the
Henry Hub rose during 2000, so too did the price of
gas delivered to California utilities. During the first
half of 2000, the price differential between the Henry
Hub price and the delivered California price stayed
within the bounds of the historic price differentials.
In the latter part of the year, however, the difference
between the Henry Hub price and delivered Califor-
nia gas price increased substantially. By December
2000 the average monthly price difference was over
$10.00 per thousand cubic feet, and on some days the
differences were much larger.

The huge price disparity between delivered Califor-
nia gas prices and the Henry Hub spot prices can
only be explained by supply and demand conditions
unique to California. In the neighboring States of
Arizona and Nevada there was no significant diver-
gence from historical patterns. Something unique
occurred in the California market that caused natu-
ral gas prices in the State to become decoupled from
the North American natural gas market.

The principal reason for the skewing of California’s
natural gas prices was a lack of sufficient pipeline
capacity in the State. As noted above, about 83 per-
cent of the natural gas consumed in California is
transported from outside the State. Insufficient
transmission capacity to move natural gas from the
California border caused prices in California to rise
well above those in the rest of the U.S. natural gas
market.

Temporary constraints on interstate pipelines deliv-
ering natural gas into California also appear to have
played a role in raising the price of natural gas in the
State. For example, on August 19, 2000, there was a
rupture in the El Paso Pipeline outside Carlsbad,
New Mexico, reducing gas transmission capacity
throughout the remainder of the 2000-2001 winter

season. The damaged pipeline segment was carrying
1.2 billion cubic feet per day at the time of the rup-
ture. After the rupture, the Henry Hub/California
price differentials for September and October rose to
86 cents per thousand cubic feet and 94 cents per
thousand cubic feet, respectively, from 38 cents per
thousand cubic feet in August.

Interstate transmission capacity to deliver natural
gas at the California border exceeds the “take-away
capacity” of California’s intrastate pipeline system
by approximately 300 to 590 million cubic feet per
day. Inadequate pipeline capacity constrained gas
supplies from entering California and moderating
delivered gas prices to a level more commensurate
with historical price differentials.

California electricity and natural gas prices reached
unusually high levels as a result of rigidities in both
markets, which impeded market efforts to bring sup-
ply and demand into balance. In the electricity mar-
ket, fixed retail prices prevented the consumption
adjustments necessary to mitigate the deficit of
hydroelectric generation and the lack of sufficient
transmission capacity. In the natural gas market,
inadequate transmission capacity impeded market
efforts to increase gas supplies in response to the
greater demand for natural gas resulting from the
electricity market’s attempts to substitute natu-
ral-gas-fired generation for inadequate hydroelectric
generation. If either of these market rigidities had
not been present, it is likely that prices would not
have reached the unusually high levels they did.

Changes in the AEO2002 Forecast for
Electricity Prices in the California Region

The National Energy Modeling System (NEMS) has
been modified to take into consideration the prices of
long-term power contracts for projections of electric-
ity prices for the California region, as well as the fact
that competition in the retail market has been termi-
nated. As a result, the AEO2002 projected electricity
prices in California are higher than the AEO2001
projected prices through the end of the forecast
period [53]. In the AEO2001 forecast, California elec-
tricity prices reached a projected high of 10.6 cents
per kilowatthour in 2000, fell to a low of 7.0 cents per
kilowatthour in 2012, and rose slightly to 7.3 cents
per kilowatthour by 2020 [54]. In the AEO2002 fore-
cast, average electricity prices in California are pro-
jected to reach a high of 13.5 cents per kilowatthour
in 2001—a direct result of the surcharge imposed by
recent State legislation, as described above—but are
expected to decline as the average long-term contract
price declines and the amount of generation bought
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on the spot market increases. Prices are expected to
be 8.8 cents per kilowatthour in 2020, 1.5 cents per
kilowatthour higher than projected in AEO2001, as a
result of changes in California’s market structure.

Phasing Out MTBE in Gasoline

Methyl tertiary butyl ether (MTBE) is widely used as
a blending component in motor gasoline, accounting
for about 3 percent of the total volume of gasoline
sold in the United States in 2000. Initially, MTBE
was added to gasoline to boost octane, which helps
prevent engine knock. Then, in the 1990s, it began to
be used to meet the 2-percent oxygen requirement
for reformulated gasoline (RFG). The Clean Air Act
Amendments of 1990 (CAAA90) require RFG to be
used year-round in cities with the worst smog prob-
lems. In the past few years, the use of MTBE has
become a source of debate, because the chemical has
made its way from leaking pipelines and storage
tanks into water supplies throughout the country.
Concerns for water quality have led to a flurry of leg-
islative and regulatory actions at both the State and
Federal levels.

MTBE is an important blending component for RFG
because it adds oxygen, extends the volume of the
gasoline, and boosts octane, all at the same time. In
order to meet the 2-percent (by weight) oxygen
requirement for Federal RFG, MTBE is blended at
approximately 11 percent by volume, thus extending
the volume of the gasoline. When MTBE is added to a
gasoline blend pool, it has an important dilution
effect, reducing the fraction of undesirable com-
pounds such as benzene and aromatics. The dilution
effect is even more valuable in light of a ruling by the
U.S. Environmental Protection Agency (EPA) that
will require the sulfur content of gasoline to be
reduced substantially by 2004 and its Mobile Source
Air Toxics (MSAT) regulatory program, which will
maintain benzene at 1998-2000 levels (see “Legisla-
tion and Regulations”). In addition, MTBE is a valu-
able octane enhancer. Its high octane helps offset the
Federal limitations on other high-octane compo-
nents, such as aromatics and benzene. If the use of
MTBE is reduced or banned, refiners must find other
measures to maintain the octane level of gasoline
and still meet all Federal requirements.

MTBE is the oxygenate that is used in almost all
RFG outside of the Midwest. Ethanol, which is cur-
rently used in the Midwest as an oxygenate in RFG
and as an octane booster and volume extender in tra-
ditional gasoline, would be the leading candidate to
replace MTBE. Even without the Federal oxygen

requirement on RFG, refiners would need to make
up for the loss of volume and octane resulting from a
ban on MTBE. Reliance on other oxygenates, includ-
ing ethyl tertiary butyl ether (ETBE) and tertiary
amyl methyl ether (TAME), is assumed to be limited
because of concerns that they have many of the same
characteristics as MTBE and may lead to similar
problems that affect the water supply.

Ethanol currently receives a Federal excise tax
exemption of 53 cents per gallon, which is scheduled
to decline to 52 cents in 2003 and 51 cents in 2005.
Legal authority for the Federal tax exemption ex-
pires in 2007, but because the exemption has been
renewed several times since it was initiated in 1978,
the AEO2002 reference case assumes that it will be
extended at the 51-cent (nominal) level through
2020. Blending with ethanol, which is primarily pro-
duced from corn, is also encouraged by tax incentives
in 17 States to help bolster agricultural markets.
Some of the characteristics of ethanol have made it
less attractive to refiners than MTBE as an oxygen-
ate. Ethanol results in higher emissions of smog-
forming volatile organic compounds (VOCs) than
MTBE. Its higher volatility makes it more difficult to
meet emissions standards, especially in the summer-
time, when RFG must meet VOC emissions stan-
dards. Ethanol’s volatility also limits the use of other
gasoline components, such as pentane, which are
highly volatile and must be removed from gasoline to
balance the addition of ethanol.

In addition to being more volatile than MTBE, etha-
nol contains more oxygen. As a result, only about
half as much ethanol is needed to produce the same
oxygen level in gasoline that is provided by MTBE.
The result is a volume loss, because the other half of
the displaced MTBE volume must come from other
petroleum-based gasoline components. Ethanol is
slightly higher in octane than MTBE is, but because
only one-half as much ethanol is blended, a net loss
in octane occurs when ethanol is used to replace
MTBE. Blending with ethanol also results in a slight
increase in emissions of toxics, which must be com-
pensated by other blending changes in order to com-
ply with “antibacksliding” regulations.

The prospect of increased use of ethanol also poses
some logistical problems. Unlike gasoline blended
with MTBE and other ethers, gasoline blended with
ethanol cannot be shipped in multi-fuel pipelines in
the United States, because moisture in pipelines and
storage tanks causes ethanol to separate from gaso-
line. When gasoline is blended with ethanol, the
petroleum-based gasoline components are shipped
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separately to a terminal and then blended with the
ethanol when the product is loaded into trucks.
Thus, changes in the current fuel distribution infra-
structure would be needed to accommodate growth
in “terminal blending” of ethanol with gasoline.
Alternatively, changes in pipeline and storage proce-
dures would be needed to allow ethanol-blended
gasoline to be transported from refineries to
distributors.

Ethanol supply is another significant issue, because
current ethanol production capacity would not be
adequate to replace MTBE nationwide. At present,
ethanol supplies come primarily from the Midwest,
where most of it is produced from corn feedstocks.
Shipments to the West Coast and elsewhere via rail
have been estimated to cost an additional 14.6 to
18.7 cents per gallon for transportation [55]. If the
demand for ethanol increased as a result of a ban on
MTBE, higher prices could make new ethanol facili-
ties economically viable, and sufficient capacity
could be in place depending on the timing of the
MTBE ban.

Because the AEO2002 projections reflect only cur-
rent laws and regulations, they incorporate MTBE
restrictions in the States where they have been
passed but do not include any proposed State or Fed-
eral actions. The AEO2002 reference case assumes
that the RFG oxygen requirement will be main-
tained and incorporates MTBE ban or reduction leg-
islation that has been passed in 13 States: Arizona,
California, Colorado, Connecticut, Iowa, Illinois,
Kansas, Michigan, Minnesota, Nebraska, New York,
South Dakota, and Washington [56]. As a result, the
amount of MTBE used by domestic refiners is pro-
jected to be cut in half by 2004, from 247 thousand
barrels per day in 2000 to 123 thousand barrels per
day. Nearly three-quarters of the projected decline in
MTBE consumption results from a ban on MTBE in
California, which is currently scheduled to begin at
the end of 2002. The need to maintain oxygen and
octane levels and to offset some of the volume loss
associated with MTBE removal results in a projected
national increase in ethanol blending of 60 thousand
barrels per day in 2004 from the 2000 level of 106
thousand barrels per day.

Although 13 States have passed legislation to re-
strict the use of MTBE, growing concerns about the
supply and price impacts of the restrictions have
heightened uncertainty about when the laws will
be enforced. The failure of California to obtain
approval from the EPA for a waiver of the Federal
2-percent oxygen requirement in RFG has prompted

discussions about delaying the MTBE ban because of
concerns about the availability and price of ethanol
in 2003, the first year of the State’s scheduled ban on
MTBE. The same concerns apply to other States that
are scheduled to restrict MTBE.

On the other hand, the political impetus for more
widespread restrictions on MTBE is evident. Numer-
ous legislative proposals in the U.S. Congress have
focused on an MTBE ban in all States [57]. Because
of supply and price concerns, the ban is sometimes
linked to a waiver of the oxygen requirement for
RFG, which in turn is often linked to a renewable
fuels mandate which would ensure that renewable
fuels (ethanol) represent a certain percentage of the
gasoline pool.

Although it was not possible to analyze all the varia-
tions of MTBE ban legislation that have been pro-
posed, AEO2002 includes a “Federal MTBE ban
case” that can be considered the most severe scenario
in terms of gasoline supply, because no oxygen
waiver 1s assumed. This case was analyzed through
2010 and assumes that MTBE and other ethers can-
not be blended into gasoline after 2005. In the Fed-
eral ban case it is projected that the remaining 118 to
128 thousand barrels per day of MTBE blended in
gasoline between 2006 and 2010 would be elimi-
nated, with an associated increase of 79 to 89 thou-
sand barrels per day in ethanol consumption.

Previous analysis indicates that ethanol blending
would increase even if the oxygen requirement on
RFG were waived, because ethanol is a good option
for replacing the volume and octane loss resulting
from MTBE removal [58]. The extent to which etha-
nol would be used to replace octane and volume
depends on the availability of other quality blend-
stocks, such as alkylate and iso-octane. As compared
with the reference case projections, the national
average pump price of gasoline is about 3 cents per
gallon higher in the Federal ban case, with RFG
prices 9 to 10 cents per gallon higher between 2006
and 2010. As a result of the higher prices, gasoline
consumption between 2006 and 2010 is projected to
be 60 to 80 thousand barrels per day lower in the
Federal ban case than in the reference case.

The AEO2002 projections are developed from a
regional model, which captures the effects of limita-
tions on MTBE in individual States through adjust-
ments to assumptions about regional supplies of
gasoline. The adjustments are made to reflect shifts
in oxygenate selection and gasoline characteristics
and changes in average gasoline prices in specific
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regions. Because the regional price changes are pro-
jected only on an annual basis, however, localized
price spikes that might occur as a result of State
MTBE bans are not reflected in the model results.

Multiple Emissions Controls in
Electricity Markets

Background

Electric power plant operators may face new require-
ments to reduce emissions of sulfur dioxide (SO,)
and nitrogen oxides (NO,) beyond the levels called
for in current regulations. They could also face
requirements to reduce carbon dioxide (CO,) and
mercury (Hg) emissions. At present neither the
future reductions nor the timing for compliance is
known for any of these airborne emissions. Given
these uncertainties, compliance planning is difficult
for plant owners.

Until recently, each of these environmental issues
was addressed through separate regulatory pro-
grams, many of which are undergoing modification.
To control acidification, CAAA90 required operators
of electric power plants to reduce emissions of SO,
and NO,. Phase II of the SO, reduction program—
lowering allowable SO, emissions to an annual
national cap of 8.95 million tons—became effective
on January 1, 2000 [59]. More stringent NO, emis-
sions reductions are required under various Federal
and State laws taking effect from 1997 through 2004.
For example, in 1997 the EPA issued new standards
for particulate matter and ozone. The ozone stan-
dard was tightened from 0.12 parts per million
measured over 1 hour to 0.08 parts per million mea-
sured over 8 hours. States are also beginning efforts
to address visibility problems (regional haze) in
national parks and wilderness areas throughout the
country. Because electric power plant emissions of
SO, and NO, contribute to the formation of regional
haze, States could require that these emissions be
reduced to improve visibility in some areas. In the
near future, it is expected that new national ambient
air quality standards for ground-level ozone and fine
particulates may necessitate additional reductions
in NO, and SO,.

To reduce ozone formation, the EPA has promul-
gated a multi-State summer season cap on power
plant NO, emissions that will take effect in 2004.
Emissions that lead to fine particles (less than 2.5
microns in diameter), their impacts on health, and
the level of reductions that might be required are
currently being studied. Fine particles are associ-
ated with power plant emissions of NO, and SO, and

further reductions in NO, and SO, emissions could
be required by as early as 2007 in order to reduce
emissions of fine particles. In addition, the EPA
decided in December 2000 that Hg emissions must
be reduced; proposed regulations will be developed
over the next 3 years, possibly as part of a multi-
emissions reduction strategy. Further, if the United
States decides that emissions of greenhouse gases
need to be mitigated, it i1s likely that energy-related
CO, emissions will also have to be reduced.

Because the timing and levels of emission reduction
requirements under the new standards are uncer-
tain, compliance planning is complicated. It can take
several years to design, license, and construct new
electric power plants and emission control equip-
ment, which may then be in operation for 30 years or
more. As a result, power plant operators must look
into the future to evaluate the economics of new
investment decisions.

The potential for new emissions standards with dif-
ferent timetables adds considerable uncertainty to
investment planning decisions. An option that looks
attractive to meet one set of SO, and NO, standards
may not be attractive if further reductions are
required in a few years. Similarly, economical
options for reducing SO, and NO, today may not be
the optimal choice in the future if Hg and CO, emis-
sions must also be reduced.

Further complicating planning, some investments
capture multiple emissions simultaneously, such as
advanced flue gas desulfurization equipment that
reduces SO, and Hg, making such investments more
attractive under some circumstances. As a result,
power plant owners currently are wary of making
investments that may prove unwise a few years
hence. Aware of these difficulties, both the previous
and current Congresses have proposed legislation
that would require simultaneous reductions of mul-
tiple emissions.

Congressional Requests

There have been three Congressional requests to the
Energy Information Administration (EIA) for analy-
ses of proposed legislation for reductions of multiple
emissions. The Subcommittee on National Economic
Growth, Natural Resources, and Regulatory Affairs
of the U.S. House of Representatives Committee on
Government Reform [60] asked EIA to “analyze the
potential costs of various multi-emissions strategies
to reduce the air emissions from electric power
plants.” The Subcommittee requested that EIA
examine cases with alternative NO,, SO,, CO,, and
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Hg emission reductions, with and without a renew-
able portfolio standard (RPS) requiring a specified
portion of all electricity sales to come from genera-
tors that use nonhydroelectric renewable fuels.

In the cases specified by the Subcommittee, emis-
sions of NO, and SO, were to be reduced to 75 per-
cent below 1997 levels beginning in 2002 and
reaching compliance by 2008. CO, emissions were
required to be reduced to 1990 levels by 2008 and 7
percent below 1990 levels by 2012. Hg emissions
were to be reduced by 90 percent from 1997 levels by
2008. The RPS was targeted to reach 20 percent by
2020. The analysis examined the impacts of these
requirements both for individual emissions and for
all emissions taken together [61].

In a second study, requested by Senators Bob Smith,
George Voinovich, and Sam Brownback, EIA was
asked to examine the costs of different multi-
emissions reduction strategies for NO,, SO,, and Hg.
The Senators also requested an analysis of the
potential costs of requiring power suppliers to
acquire offsets for any increase in CO, emissions
that occur beyond the level expected in 2008. The
request called for 50- to 75-percent reductions in NO,
below 1997 levels, 50- to 75-percent reduction in SO,
emissions below full implementation of CAAA90
Title IV, and 50- to 75-percent reductions in Hg emis-
sions below 1999 levels, with half the reductions to
be achieved by 2007 and the full reductions to occur
by 2012. The emissions reduction programs, cover-
ing all electricity generators other than cogenerators
producing both electricity and useful thermal
output, were patterned after the SO, allowance pro-
gram created in the CAAA90. One-half of the reduc-
tions in Hg emissions were to come from site-specific
reductions [62].

A third analysis, requested by Senators James M.
Jeffords and Joseph I. Lieberman, was to examine
the potential impacts of limits on SO,, NO,, CO,, and
Hg emissions from electricity generators [63]. Using
2002 as a start date for emissions reductions, the
request specified that, by 2007, NO, emissions from
electricity generators were to be reduced to 75 per-
cent below 1997 levels, SO, emissions to 75 percent
below the full implementation of the Phase II
requirements under CAAA90 Title IV, Hg emissions
to 90 percent below 1999 levels, and CO, emissions
to 1990 levels. It was assumed that these emissions
limits would be applied to all electricity generators,
excluding cogenerators. This analysis examined the
impacts of this set of limits on electricity-sector emis-
sions of SOy, NO,, Hg, and CO, under four scenarios

with different assumptions about technology cost
and performance, energy policies, and consumer
behavior.

Modeling Approach

The analyses for the House and Senate requests
were prepared using NEMS. NEMS simulates the
energy investment and utilization decisions of the
various sectors of the U.S. economy including house-
holds, commercial establishments, industrial facili-
ties, and energy suppliers. When power sector
emission caps are imposed, NEMS simulates the
decision process in each economic sector to deter-
mine an appropriate compliance strategy.

Each of the emission caps imposed was assumed to
be implemented under a “cap and trade” system
patterned after the SO, CAAA90 allowance program
[64]. All electricity generators, excluding cogen-
erators, were assumed to be covered by the emissions
caps. Electricity generators were assumed to behave
competitively, incorporating the costs of emissions
allowances in their electricity bid prices [65]. The
cases included all energy laws and regulations in
effect as of July 1, 2000, including the NO, and SO,
regulations established in the CAAA9O, plus the new
appliance efficiency standards announced in Janu-
ary 2001, as modified by the Bush Administration.

Uncertainties Related to Emissions Control
Equipment

Considerable uncertainty exists about the ability of
various types of emissions control equipment to
remove Hg and, to a lesser extent, NO,. Many factors
affect the level of Hg emissions from a particular
power plant, including the Hg content (by specia-
tion—elemental Hg versus various Hg-containing
compounds), chlorine content, and other chemical
constituents of the coal used; the rank of the coal
(i.e., bituminous or subbituminous); the boiler tem-
perature and firing type and the flue gas tempera-
ture; and the types of existing control equipment for
NO,, SOy, and particulates. In recent years data col-
lection and analysis efforts have focused on these
factors so that better estimates of current power sec-
tor Hg emissions could be developed; however, sub-
stantial uncertainty remains. As additional tests are
performed, factors currently unaccounted for may
turn out to be important.

The Hg removal rates for the various coal plant con-
figurations also showed significant variation. The
1999 data show that, on average, a cold-side electro-
static precipitator (CSE)—a particulate removal
device—removes 31 percent of the Hg that passes
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through it. However, the variation among plants
with CSEs was large, ranging between 0 percent and
87 percent removal. The situation was similar for
facilities with fabric filters—another type of particu-
late removal device. On average they removed 69
percent of the Hg passing through them, but, after
excluding plants that actually reported increases in
Hg after passing flue gas through the fabric filter,
the removal rate ranged between 54 percent and
nearly 100 percent.

In addition, there is very little information on the
impact of new NO, control devices—selective non-
catalytic reduction (SNCR) and selective catalytic
reduction (SCR) equipment—on Hg emissions. Al-
though many plant owners plan to add them in the
near future, only a few are using them now. With
respect to NO,, SCRs are assumed to reduce emis-
sions by 75 to 80 percent on average; however,
because so few plants have SCRs today, the true cost
and performance of the technology are not known at
this time. With respect to Hg, this study assumes
that, when combined with an SO, scrubber, an SCR
enhances Hg removal with an emissions modifica-
tion factor of 0.65 (increases Hg removal by 35 per-
cent); however, no additional removal is assumed for
plant configurations that have an SCR but do not
have an SO, scrubber. Some pilot-scale tests suggest
that SCRs would increase Hg removal for some sys-
tem configurations, but the magnitude of the impact
is not known at this time.

Analysis for House Request

The analysis cases examine the impacts of each
emission cap and the RPS singly and in various com-
binations. The emission caps are applied only to the
electricity generation sector, excluding cogenerators,
and are assumed to cover emissions from both util-
ity-owned and independent electric power plants.
Cogenerators are treated as industrial facilities in
this analysis. Because no requirements to reduce
emissions in the residential, commercial, industrial,
and transportation sectors are assumed, the results
of this analysis are not directly comparable with the
results of studies that have examined the impacts of
complying with the Kyoto Protocol across all sectors
of the economy.

In all cases it is assumed that emission caps for NO,,
S0O,, and CO, would be phased in beginning in 2002
and fully implemented by 2008. The cap on Hg emis-
sions is assumed to begin in the compliance year
(2008). For the cases that require that CO, emissions
to average 7 percent below the 1990 level over the

2008 to 2012 period, the cap is constructed so that
emissions are slightly above the 1990-7% level in the
first year or two of the period and slightly below it in
the later years. After 2012, the cap is held at 7 per-
cent below the 1990 level through the remainder of
the projections. In addition, it is assumed that the
emission reduction programs will be operated as
market-based emission cap and trade programs pat-
terned after the SO, allowance program, and the
emission allowance prices are included in the operat-
ing costs of plants that produce one or more of the
emissions.

In many parts of the country the methodology used
to price electricity—especially in the wholesale mar-
ket—is currently changing. Historically, power
prices have been based on embedded costs. In other
words, all the costs associated with building and
operating electric power plants were summed and
divided by expected sales to determine the price per
kilowatthour. As the generation market becomes
more competitive, however, power prices are increas-
ingly being set by the costs of the most expensive
generator operating at any point in time—what
economists refer to as the “marginal cost.” This
change could have significant impacts on the way in
which emission allowance prices affect electricity
prices and the resource costs of meeting the emission
caps.

In competitive markets, allowance prices would
become part of the operating costs of any generator
producing the covered emission. Allowances are
assumed to be given to generators at zero cost ini-
tially. After the initial allocation, however, addi-
tional allowances would have to be purchased in the
marketplace. The allowance costs for the marginal
generator are assumed to be included in the price of
electricity in competitive markets.

Allowance prices may have a different impact on
electricity prices in regulated markets, where prices
are set according to cost of service. For example, if a
company in a regulated region were allocated allow-
ances at no cost, the regulatory authority would not
include allowance prices when setting retail electric-
ity prices. Conversely, if the regulated utility pur-
chased allowances—from the government or from
another utility—the cost of the allowances would
likely be reflected in retail electricity prices. In the
integrated cost of service CO, 1990-7% 2008 case, it
is assumed that allocated allowances will have zero
cost in regions that have not deregulated. While this
would lead to lower price impacts, the resource costs
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are likely to be higher, because consumers will
not have the same incentive to reduce electricity
consumption.

Recognizing the impact of natural gas supply and
demand on electricity markets, an integrated high
gas price CO, 1990-7% 2008 case assumes that tech-
nologies associated with the finding, developing, and
delivery of natural gas will not improve as rapidly as
expected, and that additional Alaskan production
and imports of liquefied natural gas projected in
other cases with a CO, cap will not occur, resulting in
higher natural gas prices.

Electricity Market Impacts in the House Analysis

When emission caps on NO,, SO,, CO,, and Hg are
assumed in various combinations, with and without
an RPS, there are complex interactions among the
compliance strategies and the resulting prices of
emissions allowances and electricity prices (Table 3).
When an RPS is assumed to be combined with NO,,
S0O,, CO,, and Hg emissions caps, resource costs for
generators complying with the caps are projected to
be higher than when the RPS is not included.
Although electricity prices are projected to be well
above reference case levels when NO,, SO,, CO,, and

Table 3. Key results for the electricity generation sector in the House analysis, 2010 and 2020

CO, emissions CO, emissions

capped at capped at Sensitivity
1990 level 1990-7% level cases®
Reference Without With Without With Cost of High gas
Projection case RPS RPS RPS RPS service price
2010
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,245 1,290 1,425 1,069 1,223 1,003 1,079
Natural gas 825 1,421 1,026 1,575 1,189 1,740 1,525
Renewable fuels 397 484 723 503 706 515 514
Nuclear 725 741 741 741 741 744 744
Emissions allowance prices
CO, (1999 dollars per metric ton carbon equivalent) NA 84 84 120 124 117 125
NO.,, (1999 dollars per ton)b NA 0 0 0 0 0 0
SO, (1999 dollars per ton) 187 1 3 0 2 0 0
Hg (million 1999 dollars per ton) NA 443 432 296 342 308 305
Electricity price (1999 cents per kilowatthour) 6.1 7.9 8.0 8.4 8.6 7.7 8.6
Electricity sales (billion kilowatthours) 4,147 3,896 3,882 3,851 3,830 3,956 3,838
Electricity industry revenue (billion 1999 dollars) 255 308 311 324 329 304 330
2020
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,315 1,082 1,345 988 1,190 852 1,038
Natural gas 1,495 2,014 1,206 2,005 1,304 2,243 1,503
Renewable fuels 400 513 1,131 554 1,128 657 687
Nuclear 613 681 651 681 665 694 704
Emissions allowance prices
CO, (1999 dollars per metric ton carbon equivalent) NA 135 71 150 90 162 169
NO.,, (1999 dollars per ton)b NA 0 1,304 0 1,118 0 0
SO, (1999 dollars per ton) 241 2 150 1 0 0 2
Hg (million 1999 dollars per ton) NA 297 407 219 337 244 344
Electricity price (1999 cents per kilowatthour) 6.2 8.4 7.8 8.6 8.0 7.9 9.3
Electricity sales (billion kilowatthours) 4,788 4,309 4,354 4,257 4,313 4,453 4,188
Electricity industry revenue (billion 1999 dollars) 297 360 340 364 344 350 388
Cumulative resource costs, 2001-2020:
difference from reference case (billion 1999 dollars) NA 132 192 194 215 291 323

aThe sensitivity cases shown require COyemissions to be reduced to 7 percent below the 1990 level. They do not include a renewable portfolio

standard.

bRegional NO, limits are included, but the corresponding allowance costs are not included in the table because they are not comparable to a

national NO, limit.
NA = not applicable.
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Hg emissions are capped either with or without an
RPS, they are projected to be lower in the long term
when the RPS is included [66], because increased
dependence on renewable technologies rather than
natural gas would lead to lower prices for natural gas
and for CO, allowances, offsetting the effects of the
higher costs of renewable fuels on consumer electric-
ity prices [67]. Essentially, the introduction of the
RPS shifts revenues from suppliers (reducing what
economists refer to as “producer surplus”) to consum-
ers (increasing “consumer surplus”) even though the
producers’ resource costs are higher.

When power sector CO, emissions caps are assumed,
at the 1990 level or 7 percent lower, the effects of
efforts to comply with the CO, caps far outweigh the
effects of steps that would be taken to comply with
the other emission caps. As in the case of a CO, cap
alone, the primary compliance strategy is expected
to be a major shift in the fuel mix used to produce
electricity. Power suppliers are projected to shift
away from coal to natural gas and, to a lesser extent,
renewable fuels. In addition, fewer nuclear plants
are projected to be retired, consumers are expected to
reduce electricity use in response to higher electric-
ity prices, and cogeneration capacity is expected to
be expanded in response to higher grid-based elec-
tricity prices. The role of renewable technologies is
especially important when an RPS requirement is
included.

When CO, emissions are capped at the 1990 level,
coal-fired electricity generation in 2020 is projected
to be approximately half the level projected in the
reference case, and the projected share of electricity
generation from natural gas is much larger. When
an RPS 1s included, the expected increase in renew-
able electricity generation dampens the increase in
natural-gas-fired generation and slightly reduces
the need to limit coal-fired generation. The addition
of carbon-free renewable technologies stimulated by
the RPS lowers the need to reduce coal use to meet
the CO, cap. In contrast, when the cap on CO, emis-
sions is tightened to 7 percent below the 1990 level,
the projected reduction in coal-fired generation is
even larger.

The combination of higher natural gas prices and
CO, allowance prices is projected to lead to signifi-
cant electricity price increases when a CO, cap is
incorporated with other emission caps. As might be
expected, when the CO, cap is set to 7 percent below
the 1990 level, the projected impact on electricity
prices is larger than when the CO, cap is set to the
1990 level. For example, the price of electricity in

2010 1s projected to be 7.9 cents per kilowatthour
when NO,, SO,, and Hg caps are combined with a
CO, cap set to the 1990 level, but 8.4 cents per
kilowatthour when they are combined with a cap set
to 7 percent below the 1990 level—29 percent and 37
percent higher, respectively, than in the reference
case. The higher electricity prices are projected to
lead to increases of $146 and $192, respectively, in
annual household electricity bills and $53 billion and
$69 billion, respectively, in the Nation’s total elec-
tricity bill.

When an RPS is included, the cumulative resource
costs of compliance are projected to be $21 billion
higher than they would be without the RPS with the
CO, cap at 7 percent below the 1990 level. Electricity
prices are projected to be higher in the early years of
the forecast, when new renewable power plants are
built rather than new natural-gas-fired plants. In
the later years, however, the increased use of renew-
able fuels reduces natural gas consumption in the
power sector, leading to a smaller projected increase
in natural gas prices and lower CO, allowance prices
and, in turn, a smaller increase in electricity prices.

Smaller increases in electricity prices are also pro-
jected when it is assumed that prices in many
regions of the country will continue to be based on
cost of service pricing. Regulators in those regions
could treat any emissions allowances allocated to the
companies they regulate as having zero cost, so that
they would not be added to the operating costs of
electric power plants. With this assumption, the
price of electricity in 2010 is projected to be 9 percent
less than when the wholesale power market is
assumed to behave competitively—still 25 percent
higher than without the stringent emission caps.
However, power suppliers would have to take addi-
tional actions to reduce emissions, because consum-
ers would not be expected to reduce their electricity
usage as much as they would if electricity prices
reflected the full opportunity costs of emissions
allowances. As a result, supplier resource costs
would be higher.

Electricity prices could be substantially higher if
natural gas prices turn out to be higher than
expected. When the reference case technology
assumptions for natural gas discovery and produc-
tion are replaced with assumptions of less robust
technology development, the projected price of elec-
tricity in 2020 with combined NO,, SO,, Hg, and CO,,
emission caps is 9.3 cents per kilowatthour, 49 per-
cent above the reference case projection and 8 per-
cent above the corresponding projection based on
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reference case natural gas technology assumptions.
The higher natural gas prices would also lead to
greater reliance on renewable fuels and more conser-
vation by consumers. Of course, these same natural
gas technology assumptions would lead to higher
natural gas prices in the reference case, even with-
out the imposition of new emissions caps.

Fuel Market Impacts in the House Analysis

Imposing a CO, emission cap, whether at the 1990
level or 7 percent below the 1990 level and with or
without stringent NO,, SO,, and Hg emission caps, is
expected to have a dramatic impact on coal use in the
power sector. Because the carbon content of coal is
the highest among the fossil fuels, power suppliers
are expected to reduce their coal use to meet a CO,
emission cap. For example, when a CO, cap set to 7
percent below the 1990 level is assumed, coal con-
sumption for electricity generation in 2020 is
expected to be 59 percent below the reference case
level.

Reducing NO,, SO,, and Hg emissions is not pro-
jected to have large impacts on natural gas mar-
kets—generally increasing its use in the power
sector by a small amount. More significant impacts
are expected when Hg emissions are capped at 5 tons
than when either an NO, or SO, emission cap is
assumed. For example, when Hg emissions are
capped at 5 tons, electricity sector natural gas con-
sumption is projected to be 0.8 trillion cubic feet (11
percent) higher in 2010 than in the reference case.

The impact on natural gas markets of capping power
sector CO, emissions is projected to be much larger
than the impacts of other emission caps. Power sup-
pliers are expected to turn to natural gas if they are
required to reduce CO, emissions. For example,
when power sector CO, emissions are capped at 7
percent below their 1990 level in combination with
stringent emission caps on NO,, SO,, and Hg, elec-
tricity sector natural gas consumption is projected to
be 10.6 trillion cubic feet in 2010 and 13.4 trillion
cubic feet in 2020, as compared with 6.8 trillion cubic
feet and 11.2 trillion cubic feet projected for 2010 and
2020 in the reference case. The one exception is when
a 20-percent RPS is included with the emission caps.
In this case, the projected increase in generation
from nonhydroelectric renewable fuels partially
reduces the need to turn to natural gas.

To meet the increased demand for natural gas when
CO, emission caps are assumed, both domestic pro-
duction and imports of natural gas are expected to
grow. Total U.S. gas supplies are projected to reach

38.5 trillion cubic feet in 2020 if stringent caps are
placed on power sector NO,, SO,, Hg, and CO, emis-
sions, approximately 3.2 trillion cubic feet above the
reference case projection. Of the 3.2 trillion cubic feet
projected to be added, 0.8 trillion cubic feet is
expected to come from domestic resources and 2.3
trillion cubic feet from higher imports. The annual
increases in production required between 2005 and
2010 would be near record levels, representing a
serious challenge for the industry.

The projected increase in natural gas use for electric-
ity generation when a cap on power sector CO, emis-
sions is assumed is expected to lead to higher natural
gas prices. For example, when power sector CO,
emissions are capped at 7 percent below their 1990
level in combination with stringent emission caps on
NO,, SO,, and Hg, the natural gas wellhead price is
projected to be $3.66 per thousand cubic feet in 2010
and $3.74 per thousand cubic feet in 2020, as com-
pared with $2.87 and $3.22 per thousand cubic feet
in the reference case.

Renewable Fuels Market Impacts in the
House Analysis

When stringent caps on power sector NO,, SO,, and
Hg emissions are assumed either one at a time or
together, the projected impact on renewable fuel use
for electricity generation is small. Because natural
gas plants emit virtually no SO, or Hg emissions and
very low NO, emissions, they are expected to remain
the most economical option when new electric power
plants are needed. As a result, few new renewable
power plants are projected to be built in response to
stringent NO,, SO,, or Hg emissions caps.

Imposing a CO, emission cap on the power sector
(especially one set to 7 percent below the 1990 level)
is projected to have a significant impact on the devel-
opment of renewable generating facilities. Although
the primary compliance option for meeting a power
sector CO, emission cap is expected to be increasing
generation from natural-gas-fired power plants, the
use of renewable fuels is also expected to grow,
whether the CO, cap is assumed to be imposed alone
or in concert with stringent caps on NO,, SO,, and
Hg. The combination of higher natural gas prices as
electricity suppliers consume more natural gas and
the cost of CO, allowances begins to make new
renewable plants economical.

For example, when a CO,, cap of 7 percent below the
1990 level is assumed, nonhydroelectric renewable
technologies are projected to provide 6.4 percent of
U.S. electricity sales in 2020, up from 2.0 percent in
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2000 and more than double the reference case projec-
tion of 2.8 percent in 2020. The key renewable energy
technologies stimulated by a CO, cap are expected to
be biomass (co-fired in coal plants and used in dedi-
cated plants) and wind.

An RPS reaching 20 percent by 2020 is projected to
have a larger impact on the use of renewable fuels for
electricity generation than are power sector emis-
sions caps on NO,, SO,, Hg, and/or CO,. In general,
meeting emissions reduction requirements by add-
ing emissions control equipment and/or changing the
mix of fossil fuels used for power production is pro-
jected to remain less costly than switching to more
expensive renewable alternatives in the absence of
an RPS. The renewable technologies expected to be
stimulated by a 20-percent RPS are biomass, wind,
and geothermal technologies. By 2020 the genera-
tion from qualifying nonhydroelectric renewable
technologies 1s projected to reach 932 billion
kilowatthours when a 20-percent RPS is assumed, as
compared with 135 billion kilowatthours projected in
2020 in the reference case without an RPS.

Macroeconomic Impacts in the House Analysis

When stringent caps on power sector NO,, SO,, Hg,
and CO, emissions are assumed, higher prices for
electricity and natural gas are projected to have an
impact on the U.S. economy. Higher energy prices
would stimulate consumers to reduce their energy
use and industries to shift to less energy-intensive
production processes and products. The impact
would be largest in the short term, when the econ-
omy first reacts to the higher prices. In the long run
the economy is projected to recover and return to a
more stable growth path.

When the four emission caps are first phased in, the
unemployment rate is projected to be as much as 0.4
percentage points higher and real gross domestic
product (GDP) as much as much as 0.9 percentage
points lower in 2010 than projected in the reference
case. By 2020, as the economy adjusts to the higher
prices, real GDP 1is projected to be only 0.1 percent
below the reference case level, and the unemploy-
ment rate is projected to be near the reference case
level.

If, rather than a no-cost allocation of emission allow-
ances, allowances were auctioned by the Federal
Government, the economic impact could be different.
The key question is what the Federal Government
would do with the funds raised in the auction. If
funds were returned to power suppliers, the effect
would be the same as that of the no-cost allocation.

If, on the other hand, they were given back to con-
sumers in a lump-sum payment or through a cut in
personal income taxes, the effect would be to help
consumers maintain their level of overall consump-
tion but reduce total investment. In the near term,
this would be expected to reduce the impact on the
economy, with GDP in 2010 projected to be 0.8 per-
cent lower than in the reference case, as compared
with 0.9 percent lower GDP with a no-cost allocation.
In the longer term, the opposite would be the case:
0.4 percent lower GDP in 2020, as compared with 0.1
percent lower under the no-cost allocation scheme.

Analysis for Senators Smith, Voinovich, and
Brownback (SVB)

In a second study, requested by Senators Smith,
Voinovich, and Brownback, EIA examined the costs
of different multi-emissions reduction targets. EIA
was asked to analyze the impacts of three cases with
alternative power sector emission caps on NO,, SO,,
and Hg. The Senators also requested an analysis of
the potential costs of requiring power suppliers to
acquire offsets for any increase in CO, emissions
that occur beyond the level expected in 2008.

Specifically, EIA was asked to analyze three cases
for reducing power sector emissions with and with-
out holding CO, emissions to 2008 reference case lev-
els. The first case reduces NO, emissions by 75
percent below 1997 levels, SO, emissions 75 percent
below full implementation of CAAA90 Title IV, and
Hg emissions by 75 percent below 1999 levels. In the
two other cases the reductions are less—65 percent
and 50 percent, respectively.

The emission reduction programs are assumed to
cover all electricity generators other than cogen-
erators [68] and to operate as cap and trade pro-
grams patterned after the SO, control program
created in the CAAA90. It was requested that the
analysis should assume that the programs would
begin in 2002, achieving half the required reductions
by 2007 and full compliance by 2012. At the request
of the Senators, the existing summer season NO, cap
and trade program is assumed to be replaced by the
annual programs established in each of the cases.
For Hg, half the required reductions are to come
from actual reductions at each unit, and the rest can
be achieved through allowance trading among units.

In all cases, power suppliers are able to bank emis-
sions for future use. In other words, power suppliers
can chose to reduce their emissions below the num-
ber of allowances they have in some years and hold
(bank) them for use in other years. Typically a power
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supplier would be expected to do this in the early
phase of the emission reduction programs, when
allowances are relatively inexpensive, so that they
can reduce the number of allowances they might
have to buy in the later phases, when allowances
might be more expensive.

Electricity Market Impacts in the SVB Analysis

The key results of controlling NO,, SO, and Hg emis-
sions to the required levels include adding emissions
control equipment as the dominant compliance
option. Emission allowance costs and electricity
prices are projected to increase as the caps on NO,,
SO,, and Hg are tightened across the cases (Table 4).
In 2020, the price of electricity is projected to be
between 1 and 6 percent higher than in the reference
case. The Nation’s total electricity bill is projected to
be 1 to 5 percent higher in 2020 (between $3 and $13
billion 1999 dollars), as compared with the reference
case.

From 2001 to 2020, power supplier resource costs are
projected to be between $28 billion and $89 billion
higher than in the reference case. When it is
assumed that power suppliers are required to pur-
chase offsets for CO, emissions above the projected
emissions level in 2008 in the reference case and that
trading outside the power sector is not permitted,
the CO, allowance price in 2020 is projected to range
from $33 per metric ton carbon equivalent in the 75-
percent reduction case to $54 per metric ton in the
50-percent reduction case (Table 5). The allowance
price is higher in the 50-percent case than in the
75-percent case because more offsets are needed in
the 50-percent case.

Fuel Market Impacts in the SVB Analysis

Decreased use of coal and increased use of natural
gas 1n the electricity sector is projected when emis-
sion reductions at these levels are required. By 2020,
coal-fired generation is projected to be between 4 and

Table 4. Key results for the electricity generation sector in the Smith-Voinovich-Brownback analysis
without holding carbon dioxide emissions to 2008 levels, 2010 and 2020

Reference 50-percent 65-percent 75-percent
Projection case® reduction case  reduction case  reduction case
2010
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,238 2,162 2,064 2,068
Natural gas 826 903 989 984
Renewable fuels 396 399 401 401
Nuclear 720 725 725 729
Emissions allowance prices
SO, (1999 dollars per ton) 180 210 415 296
NO, (1999 dollars per ton)? NA 1,208 1,491 2,072
Hg (million 1999 dollars per ton) NA 29 40 64
Electricity price (1999 cents per kilowatthour) 6.1 6.1 6.2 6.2
Electricity sales (billion kilowatthours) 4,133 4,135 4,122 4,120
Electricity industry revenue (billion 1999 dollars) 253 255 257 257
2020
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,302 2,221 2,135 2,083
Natural gas 1,488 1,551 1,626 1,661
Renewable fuels 399 407 409 411
Nuclear 610 613 613 613
Emissions allowance prices
SO, (1999 dollars per ton) 200 719 1,390 1,737
NO, (1999 dollars per ton)b NA 1,108 1,457 2,825
Hg (million 1999 dollars per ton) NA 42 82 170
Electricity price (1999 cents per kilowatthour) 6.1 6.2 6.3 6.5
Electricity sales (billion kilowatthours) 4,763 4,749 4,736 4,716
Electricity industry revenue (billion 1999 dollars) 292 295 301 305
Cumulative resource costs, 2001-2020:
difference from reference case (billion 1999 dollars) NA 28 66 89

aThe reference case differs slightly from the reference case for the House analysis as a result of data revisions and model enhancements that

were made after the House analysis had been completed.

bRegional NO, limits are included in the reference case, but the corresponding allowance costs are not included in the table because they are

not comparable to a national NO, limit.
NA = not applicable.
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10 percent below reference case levels, and natu-
ral-gas-fired generation is projected to be between 4
and 10 percent higher than reference case levels.

The potential exists, however, for an increase in coal
use and its associated emissions in other sectors
of the economy (i.e., residential, commercial and
industrial) not covered by emission cap programs.
However, because coal plays such a small role in
these sectors and because the projected reduction in
coal prices is generally expected to be less than a few
percent, the potential for emission “leakage” appears
slight [69]. The increase in natural gas prices that is
projected to occur because of increased use in the
electricity sector appears to be more important, lead-
ing to lower overall fuel consumption and emissions
in other sectors. Natural gas prices to all users in
2020 are projected to be $0.28 per million Btu higher
in the 75-percent reduction case than in the refer-
ence case.

Analysis for Senators Jeffords and
Lieberman (J/L)

For this analysis, Senators Jeffords and Lieberman
requested that EIA consider the impacts of technol-
ogy improvements and other market-based opportu-
nities on the costs of emissions reductions from
electricity generators. Using 2002 as a start date for
emissions reductions, the request specifies that by
2007 NO, emissions from electricity generators are
to be reduced to 75 percent below 1997 levels, SO,
emissions to 75 percent below the full imple-
mentation of the CAAA90 Phase Il requirements, Hg

emissions to 90 percent below 1999 levels, and CO,
emissions to 1990 levels. These emissions limits are
applied to all electricity generators, excluding
cogenerators.

The impacts of emissions limits were analyzed using
four cases with varying levels of energy demand and
technology costs and different assumptions about
energy policies: the reference case from the Annual
Energy Outlook 2001 (AEOZ2001), published in
December 2000; an advanced technology case com-
bining the high technology assumptions for end-use
demand, supply, and generating technologies from
AEQO2001; and cases incorporating the moderate and
advanced policies from Scenarios for a Clean Energy
Future (CEF), a publication of an interlaboratory
working group, published in November 2000 [70].
The policies in the CEF analysis included fiscal
incentives, regulations, and increased research and
development funding for advanced technologies. The
advanced CEF case also included a domestic CO,
trading system for all energy markets that was
assumed to equilibrate at a permit value of $50 per
metric ton carbon equivalent, which would be
announced in 2002 and implemented in 2005.

Electricity Market Impacts in the J/L Analysis

The AEO2001 reference case included continuing
development of energy-consuming and producing
technologies, consistent with historical trends in
research and development funding. The advanced
technology assumptions in AEO2001 were based on
more optimistic technology development throughout

Table 5. Key results for the electricity generation sector in the Smith-Voinovich-Brownback analysis

holding carbon dioxide emissions to 2008 levels, 2020

Reference 50-percent 65-percent 75-percent
Projection case® reduction case  reduction case reduction case
2020
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,302 1,894 1,842 1,794
Natural gas 1,488 1,653 1,767 1,816
Renewable fuels 399 468 438 442
Nuclear 610 637 631 631
Emissions allowance prices
CO; (1999 dollars per metric ton carbon equivalent) NA 54 S 55
SO, (1999 dollars per ton) 200 527 2,009 2,812
NO, (1999 dollars per ton)? NA 0 931 432
Hg (million 1999 dollars per ton) NA 15 53 98
Electricity price (1999 cents per kilowatthour) 6.1 7.1 7.0 7.1
Electricity sales (billion kilowatthours) 4,763 4,615 4,631 4,631
Electricity industry revenue (billion 1999 dollars) 292 328 324 329

aThe reference case differs slightly from the reference case for the House analysis as a result of data revisions and model enhancements that

were made after the House analysis had been completed.

bRegional NO, limits are included in the reference case, but the corresponding allowance costs are not included in the table because they are

not comparable to a national NO, limit.
NA = not applicable.
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the energy system, consistent with more aggressive
research and development programs. The costs to
achieve these technology improvements were not
quantified, because there is no analysis showing that
funding levels for research and development can be
tied directly to the successful development of new
technologies.

The moderate and advanced cases in CEF included a
number of policies to encourage the development and
adoption of technologies that are more energy-
efficient and with lower emissions. However, the suc-
cess of these programs was based in part on assumed
changes in consumer behavior that are not consis-
tent with historical behavior patterns, research and
development funding increases that have not
occurred, and voluntary and information programs
for which there is no analytical basis for evaluating
the impacts. Also, some of the assumed CEF policies
required legislative or regulatory actions that may
not be enacted at all or may be enacted at later dates
than assumed in CEF.

Future technology development cannot be known
with certainty, and even the technology improve-
ments assumed in the reference case are likely, but
not certain. The more rapid technology development
assumed in the advanced technology case and in the
CEF cases is more uncertain and represents a higher
level of risk for the ultimate success and timing of
the technology improvement. Furthermore, the
simultaneous success of a wide range of technology
development projects is highly unlikely.

Because the reference case is based on historical lev-
els of funding and technology development, the tech-
nology trends assumed in the reference case are
considered to be the most likely trends. However, of
the cases considered in this study, the reference case
projects the highest costs for reducing emissions.
Relative to the reference case, the advanced technol-
ogy case and the cases with the CEF policies all
reduce projected energy demand, energy prices, and
related emissions. Total energy demand in 2020 is
projected to be similar in the advanced technology
case and the case incorporating the CEF moderate
policies, with the lowest demand in the case incorpo-
rating the CEF advanced policies. Because the
advanced technology case also includes more rapid
technology development for fossil fuel supply, that
case has the lowest projected energy prices. As a
result of lower energy prices and demand, the
advanced technology case and the CEF cases have
lower projected energy expenditures than in the ref-
erence case.

Introducing the emissions limits in the reference
case raises the projected average delivered price of
electricity by 33 percent in 2020 relative to the refer-
ence case (Table 6). Electricity prices are higher
because of the additional costs for emission control
equipment, the costs of obtaining emissions permits,
and higher fossil fuel prices to electricity generators.
Overall, the higher electricity prices reduce the pro-
jected demand for electricity, although the impact is
dampened by the higher projected natural gas price,
which results from higher demand for natural gas.
Coal-fired electricity generation is reduced with the
imposition of the emissions limits, and due to the
premature retirement of coal-fired generators, gen-
eration from natural gas, renewable, and existing
nuclear technologies is higher, even with lower gen-
eration requirements. As a result of higher energy
prices, energy expenditures are projected to be
higher than in the reference case (without emissions
limits).

The total cost of supplying electric power, which is
called the resource cost, includes the cost of fuel,
operations and maintenance costs, investments in
plant and equipment, and costs of purchasing power.
The resource cost does not include the costs of emis-
sions allowances. Through 2020, the cumulative
resource costs of electricity generation are projected
to be $177 billion (undiscounted 1999 dollars), or 9
percent, higher with the emissions limits.

Imposing the emissions limits on the advanced tech-
nology case raises the projected average delivered
price of electricity by 22 percent in 2020, less than
the increase in the reference case. Lower projected
demand for electricity and the use of less car-
bon-intensive fuels in the advanced technology case
relative to the reference case reduce the effort
needed to meet the emissions limits. Among the four
emissions that have limits in these cases, CO, emis-
sions tend to be the most costly to reduce, largely
through the premature retirement of existing coal
plants and increased use of natural gas and renew-
able technologies. CO, sequestration is included in
NEMS, but currently there are no economical tech-
nologies to sequester CO, emissions from generation
plants, unlike the technologies available for the
removal of the three other emissions.

Because the advanced technology case without lim-
its has lower CO, emissions than the reference case,
fewer shifts in electricity generation are required to
meet the CO, limits when they are imposed. In addi-
tion, because reductions in CO, emissions also
reduce SO, and Hg emissions, it is less costly to
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achieve reductions of these emissions in the
advanced technology case than in the reference case.
Additional investments in emissions control equip-
ment are required to meet the limits. NO, allowance
prices are projected to decline to zero in the advanced
technology case with emissions limits.

When the emissions limits are imposed in the
advanced technology case, the higher electricity
prices reduce the projected demand for electricity,
but the reduction is less than projected in the refer-
ence case when the emissions limits are imposed,
because the projected demand for electricity is
already lower in the advanced technology case even
without the limits, and because the projected
increase in the electricity price is less than in the

reference case. Similar trends in the generation mix
are expected, although the magnitudes of the
changes differ as the result of lower generation
requirements and the higher level of renewable and
nuclear generation in the advanced technology case
without emissions limits.

Similar to the reference case, demand for natural gas
is expected to be higher when emissions limits are
imposed in the advanced technology case, due to fuel
switching by electricity generators and increased
cogeneration in the commercial and industrial sec-
tors. Higher projected prices result in higher energy
expenditures in the advanced technology case when
the limits are imposed. From 2001 through 2020, the
incremental cumulative resource costs of complying

Table 6. Key results for the electricity generation sector in the Jeffords-Lieberman analysis,

reference and advanced technology cases, 2010 and 2020

Reference
case without
emissions limits® emissions limits® emissions limits emissions limits

Projection

Advanced Advanced
Reference technology technology
case with case without case with

2010
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,238 1,276 2,240 1,324
Natural gas 826 1,395 719 1,292
Renewable fuels 396 492 402 515
Nuclear 720 741 744 744
Emissions allowance prices
CO, (1999 dollars per metric ton carbon equivalent) NA 93 NA 69
SO, (1999 dollars per ton) 180 46 168 152
NO.,, (1999 dollars per ton)b NA 0 NA 0
Hg (million 1999 dollars per ton) NA 482 NA 510
Electricity price (1999 cents per kilowatthour) 6.1 8.0 5.9 7.4
Electricity sales (billion kilowatthours) 4,133 3,872 4,049 3,835
Electricity industry revenue (billion 1999 dollars) 252 310 239 284
2020
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,302 1,041 2,246 1,146
Natural gas 1,488 2,072 1,331 1,911
Renewable fuels 399 519 409 524
Nuclear 610 669 672 720
Emissions allowance prices
CO;, (1999 dollars per metric ton carbon equivalent) NA 122 NA 58
SO5 (1999 dollars per ton) 200 221 145 703
NO, (1999 dollars per ton)® NA 0 NA 0
Hg (million 1999 dollars per ton) NA 306 NA 374
Electricity price (1999 cents per kilowatthour) 6.1 8.1 5.5 6.7
Electricity sales (billion kilowatthours) 4,763 4,320 4,610 4,294
Electricity industry revenue (billion 1999 dollars) 291 350 254 288
Cumulative resource costs, 2001-2020:
difference from corresponding case
without emissions limits (billion 1999 dollars) NA 177 NA 142

aThe reference case differs slightly from the reference case for the House analysis as a result of data revisions and model enhancements that

were made after the House analysis had been completed.

bRegional NO, limits are included, but the corresponding allowance costs are not included in the table because they are not comparable to a

national NO, limit.
NA = not applicable.
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with the emissions limits in the advanced technology
case are projected to be $142 billion (an 8-percent
increase), compared with $177 billion (a 9-percent
increase) in the reference case.

In the CEF-JL moderate case, average delivered
electricity prices are expected to be higher in 2020
when emissions limits are imposed (7.2 cents per
kilowatthour compared with 6.0 cents per kilowatt-
hour) because of the cost of allowance permits and
emissions control equipment (Table 7). As a result of
higher electricity prices, total projected electricity
consumption in 2020 is reduced. However, electricity
demand and prices are essentially unchanged in the
advanced case with the addition of the emissions

limits, because a $50 per ton carbon allowance price
1s assumed even without emissions limits.

In the CEF-JL advanced case with emissions limits,
the CO, allowance price is essentially the same as in
the advanced case without the limits, which assumes
a $50 CO, allowance price across all energy markets.
The projected costs for NO, permits decrease to zero
by 2020 in the CEF-JL advanced case as the actions
taken to reduce CO, emissions result in NO, emis-
sions within the limits.

Between 2001 and 2020, the cumulative incremental
resource costs to electricity generators to comply
with the emissions limits are projected to be $162

Table 7. Key results for the electricity generation sector in the Jeffords-Lieberman analysis,
CEF-JL moderate and advanced technology cases, 2010 and 2020

Reference Moderate Moderate Advanced Advanced
case without case without case with case without case with
emissions emissions emissions emissions emissions
Projection limits® limits limits limits limits
2010
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,238 2,221 1,357 1,737 1,395
Natural gas 826 616 1,138 800 1,090
Renewable fuels 396 406 543 555 578
Nuclear 720 720 741 735 735
Emissions allowance prices
CO, (1999 dollars per metric ton carbon equivalent) NA NA 64 50 54
SO5 (1999 dollars per ton) 180 169 316 102 130
NO, (1999 dollars per ton)® NA NA 0 NA 0
Hg (million 1999 dollars per ton) NA NA 549 NA 481
Electricity price (1999 cents per kilowatthour) 6.1 5.8 7.1 6.5 6.7
Electricity sales (billion kilowatthours) 4,133 3,920 3,747 3,777 3,745
Electricity industry revenue (billion 1999 dollars) 252 227 266 246 251
2020
Generation by fuel, excluding cogenerators
(billion kilowatthours)
Coal 2,302 2,296 1,284 1,567 1,276
Natural gas 1,488 908 1,330 1,181 1,416
Renewable fuels 399 413 624 551 561
Nuclear 610 595 646 575 617
Emissions allowance prices
CO, (1999 dollars per metric ton carbon equivalent) NA NA 68 50 50
SO, (1999 dollars per ton) 200 184 905 707 670
NO, (1999 dollars per ton)® NA NA 81 NA 0
Hg (million 1999 dollars per ton) NA NA 468 NA 391
Electricity price (1999 cents per kilowatthour) 6.1 6.0 7.2 6.6 6.6
Electricity sales (billion kilowatthours) 4,763 4,197 3,910 3,862 3,855
Electricity industry revenue (billion 1999 dollars) 291 252 282 255 254
Cumulative resource costs, 2001-2020:
difference from corresponding case
without emissions limits (billion 1999 dollars) NA NA 162 NA 129

aThe reference case differs slightly from the reference case for the House analysis as a result of data revisions and model enhancements that

were made after the House analysis had been completed.

bRegional NO, limits are included, but the corresponding allowance costs are not included in the table because they are not comparable to a

national NO, limit.
NA = not applicable.
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billion and $129 billion in the moderate and ad-
vanced cases, respectively—increases of 9 and 8 per-
cent. The lower costs of compliance projected in the
advanced case are due to the availability of more effi-
cient generating technologies compared with the
moderate case. In addition, because lower SO, emis-
sions are assumed in the CEF-JL advanced case
even without the emissions limits to simulate the
impact of particulate controls, the addition of the
emissions limits can be achieved at a lower relative
cost.

Because the CEF-JL advanced case already includes
a $50 CO, allowance price, there is little additional
CO, reduction required, and energy expenditures
are only slightly higher. In the CEF-JL moderate
case with emissions limits, higher projected prices
for coal, natural gas, and electricity are projected to
reduce energy consumption in the residential and
commercial sectors, compared to the case without
limits, and to increase total energy expenditures. In
the industrial sector, projected energy consumption
in 2020 1s essentially unchanged, because higher
demand for natural gas for cogeneration offsets
lower demand for purchased electricity.

In the electricity generation sector, projected coal-
fired generation in 2020 is reduced in the moderate
and advanced cases with the addition of the emis-
sions limits. The impact is less in the advanced case,
however, because the advanced case without the lim-
its already includes a $50 CO, allowance price and a
reduction in particulate emissions. Generation from
natural gas, existing nuclear power plants, and
renewable sources is projected to be higher in both
cases when the emissions limits are imposed,
because the limits raise the cost of coal-fired genera-
tion. Cogeneration of electricity is also higher in the
commercial and industrial sectors in the CEF-JL
moderate case when emissions limits are imposed.
Total projected CO, emissions in 2020 are reduced
by 12 percent and 4 percent in the CEF-JL moderate
and advanced cases with emissions limits, respec-
tively, compared to the cases without the limits, pri-
marily due to lower levels of coal-fired generation.

Fuel Market Impacts in the J/L Analysis

In the four cases, demand for natural gas is
increased by electricity generators that are subject to
the emissions limits. Natural gas demand is also pro-
jected to be higher for commercial and industrial
cogeneration in all cases except the case with the
advanced CEF policies. This case is the exception
because the $50 per ton CO, allowance price in the
case without limits is essentially the same as the

CO, allowance price that results when the emissions
limits are imposed.

As a result of higher projected natural gas demand,
natural gas prices are projected to be higher by
between 11 and 20 percent in all four cases when the
emissions limits are imposed. Because the CEF
advanced policies include a $50 per ton CO, allow-
ance price and a policy to reduce particulate emis-
sions, coal consumption is sharply reduced in that
case and electricity prices are higher relative to the
reference case, even without the emissions limits,
and imposing emissions limits does not cause a sig-
nificant additional reduction in total energy demand
in that case. Although the total energy expenditures
are lower in the advanced technology and CEF cases
than in the reference case, energy expenditures are
expected to increase when the emissions limits are
imposed in all cases, except the case incorporating
the CEF advanced policies.

Macroeconomic Impacts in the J/L Analysis

The assumed emissions limits are expected to have
measurable short-term impacts on the economy
when the limits are fully imposed in 2007, with a
reduction in gross domestic product ranging from 0.4
to 0.8 percent. The impact is significantly reduced,
even by 2010, as the economy adjusts to higher
energy prices. In all cases except the reference case,
the macroeconomic impacts of the emissions limits
are greatly reduced by 2020, with reductions in gross
domestic product ranging from zero to 0.1 percent.

Summary of Results for Congressional Studies

It is useful to identify findings that are common
across the three Congressional analyses of multiple
emissions strategies. Generally, the costs of imple-
menting multiple emissions strategies vary with the
stringency of the reductions required and, to a lesser
extent, the time frame for compliance. The higher
the requirement to reduce CO, emissions and the
shorter the time frame for the reductions, the higher
the costs are expected to be. For example, when the
emission reduction requirements are increased from
75 percent in the SVB analysis that excludes CO,
limits to 90 percent in the J/L cases, which include
CO, limits, the projected cumulative resource costs
to achieve them increase from $89 billion to between
$129 and $177 billion.

Higher resource costs and higher electricity prices
to consumers are projected in all the multiple
emissions cases analyzed. Electricity prices increase
as a result of investments in emission control
technologies, purchases of allowances, construction
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of new generating equipment to replace existing
equipment, and higher fuel costs. The highest
increase in projected electricity prices in 2020, 49
percent above the reference case level, is seen in the
high gas price case in the House analysis, which
assumes limits on CO, emissions as well as NO,,
S0O,, and Hg.

In all the analyses, higher electricity prices result in
part from increases in natural gas consumption and
the attendant high prices for natural gas in the emis-
sions limits cases over the prices that would be
expected without emissions limits. Natural gas con-
sumption increases because it has lower emissions
than other fossil fuels, particularly coal. Nuclear
power and renewable energy sources also have lower
emissions than either coal or natural gas. When
emissions limits are assumed, the use of coal as a
fuel for electricity generation is less desirable, and as
a result consumption declines. In most of the cases
that include caps on CO, emissions, coal-fired gener-
ation in 2020 declines to about one-half the level
expected without CO, emissions limits. The expected
decreases in coal-fired generation are much smaller
when NO,, SO,, and Hg emission caps are assumed
without the caps on CO, emissions.

A number of uncertainties are inherent in the multi-
emissions analyses. For example:

* Although the AEO2001 reference case incorpo-
rated improvements in technology cost and per-
formance over time based on trends in historical
data and consumer purchase decisions, it is diffi-
cult to assess the extent to which those trends
might change in response to increased funding
for research and development or expanded public
information and voluntary participation pro-
grams.

+ Although technologies for controlling SOs emis-
sions are relatively mature, control technologies
for NOx, Hg, and CO2 emissions are not as far
along in the development cycle. The multi-
emissions analysis cases assumed that new SCR
technology would remove between 75 and 80 per-
cent of NOyx emissions, but there has been little
experience with actual operating facilities. Small
changes in the cost and performance of emissions
control technologies could have significant im-
pacts.

* Even among power plants with similar equip-
ment, there i1s substantial variation in the
amount of Hg removed by NOx and SO2 control
equipment.

* A number of policy instruments could be used in
efforts to reduce emissions, with different impli-
cations for the impacts of emission reductions. A
cap and trade program, as assumed in these
analyses, is expected to lead to the lowest re-
source cost for compliance. Other options could
lead to lower electricity price impacts but higher
resource costs.

Finally, EIA has not performed any analyses of the
benefits that may accrue from implementing
multi-emissions control policies. The EPA is respon-
sible for such analyses, and interested readers are
referred to the EPA web site (www.epa.gov) for stud-
ies that have been carried out.

Modeling Energy Efficiency
Definition of Energy Efficiency

Energy efficiency and conservation are high-profile
issues in the current debate about U.S. energy pol-
icy. Energy efficiency can mean different things to
different people. Here it is defined as the ratio of
energy service provided (output) to energy consumed
(input) [71]. By this definition, gains in energy effi-
ciency can be achieved either by using less energy
input to provide the same level of energy service or
by providing more energy service from the same level
of energy input. Energy conservation is defined as a
reduction in energy consumption through a reduc-
tion in energy service provided. “Pure” conservation
measures leave the ratio of energy service to energy
consumption unchanged and thus do not affect effi-
ciency. How narrowly or broadly energy services are
defined can affect whether a change is characterized
as an efficiency gain or a conservation measure.

Measuring the energy efficiency of the U.S. economy
is a daunting task, because data sufficiently
disaggregated to permit isolation of the various
end-use components of energy consumption and
energy service generally are not available. For exam-
ple, data on residential energy consumption per
household can be constructed from utility records,
but detailed end-use energy consumption and energy
service data are not separately measured or col-
lected, and data on energy use for residential space
heating and the energy service (heat) provided are
not available on an economy-wide basis. In lieu of
energy efficiency measures, the description of the
U.S. economy usually is framed in terms of “energy
intensity” concepts, such as energy consumption per
unit of real GDP or energy consumption per capita.
Energy intensity is generally defined as energy
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consumption per unit of an indicator (such as eco-
nomic activity or population) that provides a rough
proxy for energy service supplied. Because of their
aggregate nature and the use of proxies for energy
services, energy intensities can be affected by a vari-
ety of structural factors unrelated to energy
efficiency.

Because energy input (consumption) is included in
the numerator, intensity measures are inversely
related to efficiency measures. Thus, other factors
being held constant, an increase in energy efficiency
will reduce energy intensity. Changes in energy
intensity can occur, however, without underlying
changes in energy efficiency. Examples include con-
servation, structural shifts among sectors or regions
of the economy, and changes in the mix of activities
within sectors.

In contrast to the limited availability of information
for measuring the historical performance of the econ-
omy, NEMS includes rich technology characteriza-
tions and end-use consumption detail, as well as
explicit projections for energy services supplied. This
detail provides the basis for developing estimates of
projected energy efficiency. In NEMS, the effects of
efficiency increases on projected energy consumption
are modeled by incorporating economically based
decision rules for end-use energy-using technology
choices, coupled with sufficient options to allow the
potential purchase of advanced, energy-efficient
equipment, and by incorporating the effects of legis-
lated mandates for efficiency improvements, such as
corporate average fuel economy (CAFE) standards
and equipment standards. The detailed NEMS pro-
jections have been used to develop an aggregate com-
posite efficiency index (ACEI) based on more than
2,500 detailed subsector and end-use inputs.

Classification of Energy Efficiency
Improvements

Residential space heating is an end-use energy ser-
vice that is both familiar and sufficiently complex to
illustrate important issues in the classification of
energy efficiency improvements. For example,
replacing an old, inefficient natural gas furnace with
a new, more efficient one would be considered an effi-
ciency increase by virtually anyone’s definition. On
the other hand, turning down the thermostat in the
winter but doing nothing else would generally be
considered a conservation measure.

Not all actions have such clear classifications. For
example, installing attic insulation to reduce heat-
ing needs could be classified either as an efficiency

gain or as a conservation measure, depending on
how the “energy service” is defined. Because adding
insulation, like turning down the thermostat,
reduces energy use for heating, it could be classified
as an energy conservation measure. On the other
hand, if the concept of “interior warmth” is used to
represent the heating energy service as a composite
service provided by the combination of furnace
equipment and insulation, then insulation allows
the end user to maintain a given level of energy ser-
vice (interior warmth) with a lower level of energy
consumption, which meets the definition of a gain in
energy efficiency.

Another home heating example is the installation of
time-of-day thermostats. The energy-saving feature
of a time-of-day thermostat is that when heat is not
needed (for example, when the house is unoccupied
or the occupants are sleeping), the temperature can
be reduced so that less energy is consumed. This
measure could be viewed either as a reduction in
energy service (conservation) or as a more efficient
way of providing the same level of energy service to
the occupants of the home (efficiency increase). In
NEMS it is classified as a conservation measure,
because less energy service (whether noticed or
unnoticed) is provided.

Passenger transportation in light-duty vehicles
(cars, sport utility vehicles, pickup trucks, vans,
minivans, and motorcycles) is another familiar
energy service that can be used to illustrate the
issues involved in defining and calculating energy
efficiency. In the AEO2002 reference case, the fuel
efficiency (miles per gallon) of the light-duty vehicle
fleet is projected to increase by an average of 0.3 per-
cent annually between 2000 and 2020. Whether that
is an appropriate estimate depends on how the
energy service is defined.

Two components of the light-duty vehicle fleet, pas-
senger cars and light trucks, account for 99.8 percent
of its energy consumption. (Motorcycles are the
remainder and can be ignored in this example.) For
passenger cars, the average fuel efficiency of the fleet
1s projected to increase from 21.6 miles per gallon in
2000 to 24.6 miles per gallon in 2020, an average
annual rate of 0.7 percent. For light trucks, average
fuel efficiency is projected to increase from 17.1 miles
per gallon to 18.2 miles per gallon, an average
annual rate of 0.3 percent. At the same time, the mix
of vehicles in the fleet is expected to shift in favor of
the larger, less fuel-efficient light truck component
(including sport utility vehicles). Light trucks
accounted for 42 percent of total light-duty vehicle
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energy consumption in 2000, but in 2020 they are
projected to account for 56 percent of the total. As a
result, when the energy services provided by the two
vehicle categories are considered to be the same, the
projected shift to less efficient light trucks results in
a projected overall increase in fleet efficiency averag-
ing 0.3 percent per year.

The calculation of separate efficiency indexes for
cars and light trucks assumes that consumers value
the energy services received from light trucks differ-
ently from those received from passenger cars [72]
and, therefore, that cars and light trucks should be
considered as separate end-use categories. When
this assumption is made, calculation of the projected
rate of increase in energy efficiency for light-duty
vehicles as a whole involves weighting the expected
increases for the two components by their projected
proportions of light-duty vehicle energy consump-
tion. By this method, the calculated rate of efficiency
improvement is 0.5 percent per year, significantly
higher than the 0.3-percent average annual increase
that is projected when all light-duty vehicles are con-
sidered as a single end-use category providing the
same energy service.

Calculating the Aggregate Composite
Efficiency Index

Energy consumption in the U.S. economy is fully
accounted for by five broad sectors—residential,
commercial, transportation, industrial, and electric-
ity generation. NEMS energy projections include the
effects of many factors in addition to efficiency
changes, such as the energy consumption shares of
the five sectors, the mix of industries producing
industrial output, weather effects, short-run re-
sponses to changes in energy prices (elasticity
effects), regional variations, housing unit size, and
end-use penetration of energy-using technologies. In
estimating energy efficiency, factors other than effi-
ciency must be removed from the calculations, so
that energy consumption unitized on the basis of ser-
vice demand (e.g., adjusted energy consumption per
square foot for buildings) can be used as a valid mea-
sure of end-use efficiency.

In the residential and commercial sectors, regional
effects are an important consideration. For example,
because the requirements for energy services for res-
idential and commercial buildings are related to cli-
mate, a shift in population toward the South would
be expected to increase the total U.S. demand for air
conditioning. If regional effects were not taken into
account, a population shift to warmer climates could
be mistaken for a decrease in efficiency, because

energy consumption per household for air condition-
ing would increase. Similarly, the energy service
requirements for single-family homes differ from
those for mobile homes, office buildings, or health
care facilities. Thus, for efficiency calculations,
energy services are tracked separately for the resi-
dential and commercial building types modeled in
each of the nine Census divisions. The residential
and commercial models include 3 and 11 building
types, respectively, as well as 27 and 18 combina-
tions of end-use service and fuel type, respectively
[73]. For the transportation sector, energy services
for 10 vehicle classifications are incorporated into
the efficiency calculations. For the industrial sector,
13 industries are separately tracked. Electricity gen-
eration sector efficiency is modeled as sales to the
end-use sectors divided by energy input.

Calculation of the ACEI involves what is in essence
an energy-weighted average of the individual effi-
ciency indexes. This procedure is similar to the
indexing method used to construct the consumer
price index (CPI) [74]. For comparability with inten-
sity measures, the reciprocal of the ACEI is calcu-
lated. That is, an efficiency gain results in a decline
in the ACEI, as it would for an intensity measure.
The results are calculated for the five broad energy
consumption sectors, as well as for the U.S. economy
as a whole.

Figure 11 compares the ACEI with indexes of energy
consumption per dollar of GDP and energy consump-
tion per capita. The base year for all the indexes is
2000. The ACEI shown in Figure 11 is projected to
improve (decline) steadily over time. The energy
intensity of the economy is also projected to improve

Figure 11. Comparison of projections for the
aggregate composite efficiency index, energy use
per dollar of gross domestic product, and

energy use per capita, 2000-2020 (index, 2000 = 1.0)
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(decline) over time, whereas per capita energy inten-
sity is expected to increase.

To illustrate the effects of the projected changes in
the three indexes over the forecast period, Figure 12
compares the reference case projections of U.S.
energy consumption with alternative projections
derived by holding each of the indexes at its 2000
value. In the reference case, energy consumption is
projected to increase at an average annual rate of 1.4
percent. If energy consumption per capita were pro-
jected to remain constant instead of increase, that
growth rate would be reduced to 0.8 percent per year.
In contrast, if there were no improvement in the
energy intensity of the economy, or if energy effi-
ciency did not increase, energy consumption would
grow more rapidly than projected in the reference
case. Assuming no change in the ACEI, energy con-
sumption would be projected to grow at an average
rate of 1.9 percent per year to 145 quadrillion Btu in
2020, 14 quadrillion Btu higher than the reference
case projection of 131 quadrillion Btu. Assuming no
change in the ratio of energy use to real GDP, energy
consumption would be projected to grow at an aver-
age rate of 3.0 percent per year to 178 quadrillion
Btu in 2020, 47 quadrillion Btu higher than the ref-
erence case projection.

The difference between the energy consumption pro-
jections in Figure 12 for the case assuming constant
energy intensity of the economy and the case assum-
ing constant energy efficiency as measured by the
ACEI can be attributed to structural changes in the
economy that are included in the ratio of energy use
to real GDP but are removed from the efficiency
calculations.

Figure 12. Projected primary energy consumption
in the reference case and in alternative cases
assuming no change in energy efficiency and
energy intensity, 2000-2020 (quadrillion Btu)
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The projections in AEO2002 are not statements of
what will happen but of what might happen, given
the assumptions and methodologies used. The
projections are business-as-usual trend forecasts,
given known technology, technological and demo-
graphic trends, and current laws and regulations.
Thus, they provide a policy-neutral reference case
that can be used to analyze policy initiatives. EIA
does not propose, advocate, or speculate on future
legislative and regulatory changes. All laws are
assumed to remain as currently enacted; however,
the impacts of emerging regulatory changes, when
defined, are reflected.

Because energy markets are complex, models are
simplified representations of energy production
and consumption, regulations, and producer and
consumer behavior. Projections are highly de-
pendent on the data, methodologies, model struc-
tures, and assumptions used in their development.

Behavioral characteristics are indicative of real-
world tendencies rather than representations of
specific outcomes.

Energy market projections are subject to much
uncertainty. Many of the events that shape energy
markets are random and cannot be anticipated,
including severe weather, political disruptions,
strikes, and technological breakthroughs. In addi-
tion, future developments in technologies, demo-
graphics, and resources cannot be foreseen with
any degree of certainty. Many key uncertainties in
the AEO2002 projections are addressed through
alternative cases.

EIA has endeavored to make these projections as
objective, reliable, and useful as possible; however,
they should serve as an adjunct to, not a substitute
for, analytical processes in the examination of pol-
icy initiatives.




Trends in Economic Activity

Strong Economic Growth
Is Expected To Continue

Figure 13. Projected average annual real growth
rates of economic factors, 2000-2020 (percent)
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The output of the Nation’s economy, measured by
gross domestic product (GDP), is projected to
increase by 3.0 percent per year between 2000 and
2020 (with GDP based on 1996 chain-weighted
dollars) (Figure 13), slightly higher than the 2.9-
percent growth projected in AEO2001 for the same
period. The projected growth rate for the labor force
is similar to last year’s forecast through 2020;
however, in the AEO2002 projection, productivity
growth (GDP growth minus labor force growth) is 2.2
percent per year, up from 2.0 percent per year in
AEO2001.

The projected rates of growth in GDP and labor force
productivity are lower in the first 5 years of the fore-
cast period, reflecting present economic uncertain-
ties and revisions to historical trends. They are
expected to pick up as productivity increases and the
economy moves back to its long-term growth path.
Total population growth is expected to remain fairly
constant after 2000, with an annual growth rate of
0.8 percent per year; the slowing growth in the size
of the labor force results instead from the increasing
size of the population over the age of 65 years after
2000. As more people retire from the work force, and
as life expectancy rises, the labor force participation
rate—the percentage of the population over 16 years
of age actually employed or looking for employ-
ment—is expected to decline as “baby boom” cohorts
begin to retire. After the first 5 years of the forecast
period, labor force productivity growth is expected to
remain well above 2 percent per year through 2020.

Electronic, Industrial Equipment
Lead Manufacturing Growth

Figure 14. Projected sectoral composition of GDP
growth, 2000-2020 (percent per year)
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The projected growth rate for manufacturing produc-
tion is 2.8 percent per year, slightly lower than the
approximately 3.0-percent annual growth projected
for the aggregate economy (Figure 14). Energy-
intensive manufacturing sectors are projected to
grow more slowly than the non-energy-intensive
manufacturing sectors (1.2 percent and 3.3 percent
annual growth, respectively).

The electronic equipment, instruments and related
products, and industrial machinery sectors lead the
expected growth in manufacturing, as semiconduc-
tors and computers find broader applications. The
rubber and miscellaneous plastic products sector is
expected to grow faster than manufacturing as a
whole, with plastics continuing to penetrate new
markets as well. As in last year’s forecast, higher
growth is expected for the services sector than for the
manufacturing sector.
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High and Low Growth Cases Reflect
Uncertainty of Economic Growth
Figure 15. Projected average annual real growth

rates of economic factors in three cases, 2000-2020
(percent)
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To reflect the uncertainty in forecasts of economic
growth, AEO2002 includes high and low economic
growth cases in addition to the reference case
(Figure 15). The high and low growth cases show the
projected effects of alternative growth assumptions
on energy markets. The three economic growth cases
are based on macroeconomic forecasts prepared by
DRI-WEFA [75]. The DRI-WEFA forecasts incorpo-
rate the expected effects of recent events.

The high economic growth case assumes higher pro-
jected growth rates for population (1.0 percent per
year), labor force (1.0 percent per year), and labor
productivity (2.4 percent per year). With higher pro-
ductivity gains, inflation and interest rates are pro-
jected to be lower than in the reference case, and
economic output is projected to grow by 3.4 percent
per year. GDP per capita is expected to grow by 2.4
percent per year, compared with 2.1 percent in the
reference case. The low economic growth case
assumes lower growth rates for population (0.6 per-
cent per year), labor force (0.6 percent per year), and
productivity (1.9 percent per year), resulting in
higher projections for prices and interest rates and
lower projections for industrial output growth. In the
low growth case, economic output is projected to
increase by 2.4 percent per year from 2000 through
2020, and growth in GDP per capita is projected to
slow to 1.8 percent per year.

Long-Run Trend Shows Slowing of the
U.S. Economic Growth Rate

Figure 16. Annual GDP growth rate for the
preceding 20 years, 1970-2020 (percent)
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Figure 16 shows the trend in the moving 20-year
average annual growth rate for GDP, including pro-
jections for the three AEO2002 cases. The value for
each year is calculated as the annual growth rate
over the preceding 20 years. The 20-year average
shows major long-term trends in GDP growth by
smoothing more volatile year-to-year changes
(although the increase shown for 2000-2002 reflects
the slow and negative growth of 1980-1982). Annual
GDP growth has fluctuated considerably around the
trend. The high and low growth cases capture the
potential for different paths of long-term output
growth.

One reason for the variability of the forecasts is the
composition of economic output, reflected by growth
rates of consumption and investment relative to the
overall GDP growth for the aggregate economy. In
the reference case, consumption is projected to grow
by 2.9 percent per year, while investment grows at a
4.1-percent annual rate. In the high growth case,
growth in investment is projected to increase to 4.8
percent per year. Higher investment rates lead to
faster capital accumulation and higher productivity
gains, which, coupled with higher labor force growth,
yield faster aggregate economic growth than pro-
jected in the reference case. In the low growth case,
annual growth in investment expenditures is pro-
jected to slow to 3.1 percent. With the labor force also
growing more slowly, aggregate economic growth is
expected to slow considerably.
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Projections Vary in Cases With
Different Oil Price Assumptions

Figure 17. World oil prices in three cases, 1970-2020
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The historical record shows substantial variability
in world oil prices, and there is similar uncertainty
about future prices. Three AEO2002 cases with dif-
ferent price paths allow an assessment of alternative
views on the course of future oil prices (Figure 17). In
the reference case, projected prices fall initially
(through 2002) and then rise by about 0.9 percent per
year, reaching $24.68 in 2020 (all prices in 2000 dol-
lars unless otherwise noted). In nominal dollars, the
reference case price is expected to exceed $42 in
2020. In the low price case, prices are projected to
decline from their high in 2000, reaching $17.41 by
2005, and to remain at about that level out to 2020.
The high price case projects a price rise of about 2.2
percent per year from 2001 to 2015, with prices
remaining at about $30.50 out to 2020. The projected
leveling off in the high price case is due to the market
penetration of alternative energy supplies that could
become economically viable at that price.

The price projections in the three cases are some-
what higher than those in AEO2001, reflecting the
recent success of OPEC production cutbacks in rais-
ing oil prices and a more optimistic economic outlook
for the world’s developing economies, particularly in
Asia. Production from countries outside OPEC is
expected to show a steady increase, exceeding 45 mil-
lion barrels per day in 2000 and increasing gradually
thereafter to 61 million barrels per day by 2020.

Total worldwide demand for oil is expected to reach
almost 119 million barrels per day by 2020.
Developing countries in Asia show the largest pro-
jected growth in demand, averaging 3.8 percent per
year.

Uncertain Prospects for Persian Gulf
Production Shape Oil Price Cases

Figure 18. OPEC oil production in three cases,
1970-2020 (million barrels per day)
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The three price cases are based on alternative
assumptions about oil production levels in OPEC
nations: higher in the low price case and lower in the
high price case. With its vast store of readily accessi-
ble oil reserves, OPEC—primarily the Persian Gulf
nations—is expected to be the principal source of
marginal supply to meet increases in demand.

The projected increase in OPEC production capacity
in the reference case is consistent with announced
plans for OPEC capacity expansion [76]. By 2020,
OPEC production is projected to be over 57 million
barrels per day (almost twice its 2000 production) in
the reference case, 45 million in the high price case,
and 67 million in the low price case (Figure 18).
Worldwide demand for oil varies across the price
cases in response to the price paths. The forecasts of
total world demand for oil range from about 125 mil-
lion barrels per day in the low price case to about 115
million barrels per day in the high price case.

The variation in oil production forecasts reflects
uncertainty about the prospects for future produc-
tion from the Persian Gulf region. The expansion of
productive capacity will require major capital invest-
ments, which could depend on the availability and
acceptability of foreign investments. Iraq is assumed
to continue selling oil only at sanction-allowed
volumes through 2002. Iraq has indicated a desire to
expand its production capacity aggressively, to about
6 million barrels per day, once the sanctions are
lifted. Recent discoveries offshore of Nigeria, as well
as Venezuela’s aggressive capacity expansion plans,
will more than accommodate increasing demand in
the absence of Iraq’s full return to the oil market.
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Production Increases Are Expected
for Non-OPEC Oil Producers

Figure 19. Non-OPEC oil production in three cases,
1970-2020 (million barrels per day)

Persian Gulf Producers Could Take
More Than Half of World Oil Trade

Figure 20. Persian Gulf share of worldwide

crude oil exports in three cases, 1965-2020 (percent)
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The growth and diversity in non-OPEC oil supply
have shown surprising resilience even in the low
price environment of the late 1990s. Although OPEC
producers will certainly benefit from the projected
growth in oil demand, significant competition is
expected from non-OPEC suppliers. Countries in the
Organization for Economic Cooperation and Devel-
opment (OECD) that are expected to register produc-
tion increases over the next decade include North
Sea producers, Australia, Canada, and Mexico. In
Latin America, Colombia, Brazil, and Argentina are
showing accelerated growth in oil production, due in
part to privatization efforts. Deepwater projects off
the coast of western Africa and in the South China
Sea will start producing significant volumes of oil
early in this decade. In addition, much of the
increase in non-OPEC supply over the next decade is
expected to come from the former Soviet Union, and
political uncertainty appears to be the only potential
barrier to the development of vast oil resources in the
Caspian Basin.

In the AEO2002 reference case, non-OPEC supply is
projected to reach 61 million barrels per day by 2020
(Figure 19). In the low oil price case, non-OPEC sup-
ply is projected to grow to 58 million barrels per day
by 2020, whereas in the high oil price case it is pro-
jected to reach 69 million barrels per day by the end
of the forecast period.
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Considering the world market in crude oil exports,
the historical peak for Persian Gulf exports (as a per-
cent of world oil exports) occurred in 1974, when they
made up more than two-thirds of the crude oil traded
in world markets (Figure 20). The most recent his-
torical low for Persian Gulf oil exports came in 1985
as a result of more than a decade of high oil prices,
which led to significant reductions in worldwide
petroleum consumption. Less than 40 percent of the
crude oil traded in 1985 came from Persian Gulf sup-
pliers. Following the 1985 oil price collapse, the Per-
sian Gulf export percentage again began a gradual
increase, but it leveled off in the 1990s at 40 to
50 percent when non-OPEC supply proved to be
unexpectedly resilient.

In the AEO2002 reference case, Persian Gulf produc-
ers are expected to account for more than 45 percent
of worldwide trade by 2002—for the first time since
the early 1980s. After 2002, the Persian Gulf share of
worldwide petroleum exports is projected to increase
gradually to almost 60 percent by 2020. In the low oil
price case, the Persian Gulf share of total exports is
projected to exceed 67 percent by 2020. All Persian
Gulf producers are expected to increase oil produc-
tion capacity significantly over the forecast period,
and both Saudi Arabia and Iraq (assuming the lifting
of United Nations export sanctions after 2002) are
expected to nearly triple their current production
capacity.
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OPEC Is Expected To Account for Half
of U.S. Oil Imports by 2020

Figure 21. Projected U.S. gross petroleum imports
by source, 2000-2020 (million barrels per day)
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In the reference case, total U.S. gross oil imports are
projected to increase from 11.5 million barrels per
day in 2000 to 17.7 million in 2020 (Figure 21). Crude
oil accounts for most of the expected increase in
imports through 2005, whereas imports of petroleum
products make up a larger share of the increase after
2005. Product imports are projected to increase more
rapidly as U.S. production stabilizes, because U.S.
refineries lack the capacity to process much larger
quantities of imported crude oil.

OPEC is expected to account for less than 50 percent
of total projected U.S. petroleum imports through
most of the forecast. The OPEC share is expected to
increase gradually to 50 percent in 2020, and the
Persian Gulf share of U.S. imports from OPEC is
projected to range between 48 and 51 percent consis-
tently throughout the forecast. Crude oil imports
from the North Sea are projected to increase slightly
through 2010, then to decline gradually as North Sea
production ebbs. Significant imports of petroleum
from Canada and Mexico are expected to continue,
and West Coast refiners are expected to import crude
oil from the Far East to replace the declining
production of Alaskan crude oil.

Imports of light products are expected to nearly
triple by 2020, to 4.5 million barrels per day. Most of
the projected increase is from refiners in the Carib-
bean Basin and the Middle East, where refining
capacity is expected to expand significantly. Vigor-
ous growth in demand for lighter petroleum products
in developing countries means that U.S. refiners are
likely to import smaller volumes of light, low-sulfur
crude oils.

Asia/Pacific Region Is Expected
To Surpass U.S. Refining Capacity

Figure 22. Projected worldwide refining capacity
by region, 2000 and 2020 (million barrels per day)
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Worldwide crude oil distillation capacity was 81.5
million barrels per day at the beginning of 2000. To
meet the growth in international oil demand in the
reference case, worldwide refining capacity is ex-
pected to increase by about 61 percent—to more than
131 million barrels per day—by 2020. Substantial
growth in distillation capacity is expected in the
Middle East, Central and South America, and the
Asia/Pacific region (Figure 22).

The Asia/Pacific region was the fastest growing
refining center in the 1990s. It surpassed Western
Europe as the world’s second largest refining center
and, in terms of distillation capacity, is expected to
surpass North America by 2002. While not adding
significantly to their distillation capacity, refiners in
the United States and Europe have tended to
improve product quality and enhance the usefulness
of heavier oils through investment in downstream
capacity.

Future investments in the refinery operations of
developing countries must include configurations
that are more advanced than those currently in oper-
ation. Their refineries will be called upon to meet
increased worldwide demand for lighter products, to
upgrade residual fuel, to supply transportation fuels
with reduced lead, and to supply both distillate and
residual fuels with decreased sulfur levels. An addi-
tional burden on new refineries will be the need to
supply lighter products from crude oils whose qual-
ity is expected to deteriorate over the forecast period.
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Energy Demand

Annual Growth in Energy Use
Is Projected To Continue

Figure 23. Primary and delivered energy
consumption, excluding transportation use,
1970-2020 (quadrillion Btu)
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Net energy delivered to consumers represents only a
part of total primary energy consumption. Primary
consumption includes energy losses associated with
the generation, transmission, and distribution of
electricity, which are allocated to the end-use sectors
(residential, commercial, and industrial) in propor-
tion to each sector’s share of electricity use [77].

How energy consumption is measured has become
more important over time, as reliance on electricity
has expanded. In 1970, electricity accounted for only
12 percent of energy delivered to the end-use sectors,
excluding transportation. Since then, the growth in
electricity use for applications such as space condi-
tioning, consumer appliances, telecommunication
equipment, and industrial machinery has resulted in
greater divergence between primary and delivered
energy consumption (Figure 23). This trend is
expected to stabilize in the forecast, as more efficient
generating technologies offset increased demand for
electricity. Projected primary energy consumption
and delivered energy consumption both grow by 1.2
percent per year, excluding transportation use.

At the end-use sectoral level, tracking of primary
energy consumption is necessary to link specific
policies with overall goals. Carbon dioxide emis-
sions, for example, are closely correlated with total
energy consumption. In the development of carbon
dioxide stabilization policies, growth rates for pri-
mary energy consumption may be more important
than those for delivered energy.

Average Energy Use per Person
Increases Slightly in the Forecast

Figure 24. Energy use per capita and per dollar of
gross domestic product, 1970-2020 (index, 1970 = 1)
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Energy intensity, both as measured by primary
energy consumption per dollar of GDP and as mea-
sured on a per capita basis, declined between 1970
and the mid-1980s (Figure 24). Although the overall
GDP-based energy intensity of the economy is pro-
jected to continue declining between 2000 and 2020,
the decline 1s not expected to be as rapid as it was in
the earlier period. GDP is estimated to increase by
almost 80 percent between 2000 and 2020, compared
with a 32-percent increase in primary energy use.
Relatively stable energy prices are expected to slow
the decline in energy intensity, as is increased use of
electricity-based energy services. When electricity
claims a greater share of energy use, consumption of
primary energy per dollar of GDP declines at a
slower rate, because electricity use contributes both
end-use consumption and energy losses to total
energy consumption.

In the AEO2002 forecast, the demand for energy
services is projected to increase markedly over 2000
levels. The average home in 2020 is expected to be
6.5 percent larger and to use electricity more inten-
sively. Annual personal highway travel and air
travel per capita in 2020 are expected to be 31 per-
cent and 68 percent higher, respectively, than in
2000. With the growth in demand for energy ser-
vices, primary energy intensity on a per capita basis
is projected to increase by 0.6 percent per year
through 2020, with efficiency improvements in many
end-use energy applications making it possible to
provide higher levels of service without significant
increases in total energy use per capita.
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Energy Demand

Petroleum Products Lead Growth in
Energy Consumption

Figure 25. Delivered energy use by fossil fuel and
primary energy use for electricity generation,
1970-2020 (quadrillion Btu)
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Consumption of petroleum products, mainly for
transportation, is expected to claim the largest share
of primary energy use in the AEO2002 forecast
(Figure 25). Energy demand growth in the transpor-
tation sector averaged 2.0 percent per year during
the 1970s but was slowed in the 1980s by rising fuel
prices and new Federal efficiency standards, leading
to a 2.1-percent annual increase in average vehicle
fuel economy. In the forecast, fuel economy gains are
projected to slow as a result of expected stable real
fuel prices and the absence of new legislative man-
dates. Projected growth in population and in travel
per capita are expected to result in increases in
demand for gasoline throughout the forecast.

Increased competition and technological advances in
electricity generation and distribution are expected
to slightly reduce the real cost of electricity. Despite
low projected prices, however, growth in electricity
use 1is expected to be slower than the rapid growth of
the 1970s. Excluding consumption for electricity
generation, demand for natural gas is projected to
grow at a slightly slower rate than overall end-use
energy demand, in contrast to the recent trend of
more rapid growth in the use of gas as the industry
was deregulated. Natural gas is projected to meet
24 percent of end-use energy requirements in 2020.

End-use demand for renewable energy from sources
such as wood, wood wastes, and ethanol is projected
to increase by 1.6 percent per year. Geothermal and
solar energy use in buildings is expected to increase
by about 3.1 percent per year but is not expected to
exceed 1 percent of energy use for space and water
heating.

U.S. Primary Energy Use Approaches
131 Quadrillion Btu per Year by 2020

Figure 26. Primary energy consumption by sector,
1970-2020 (quadrillion Btu)
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Primary energy use in the reference case is projected
to reach 130.9 quadrillion Btu by 2020, 32 percent
higher than the 2000 level. In the early 1980s, as
energy prices rose, sectoral energy consumption
grew relatively little (Figure 26). Between 1985 and
2000, however, stable energy prices contributed to a
marked increase in sectoral energy consumption.

In the forecast, energy demand in the residential sec-
tor i1s projected to grow at one-third the expected
growth rate for GDP and in the commercial sector at
just over one-half the GDP growth rate. Demand for
energy is expected to grow more rapidly in the trans-
portation sector than in the buildings sectors as a
result of increased per capita travel and slower fuel
efficiency gains. Assumed efficiency gains in the
industrial sector are projected to cause the demand
for primary energy to grow more slowly than GDP.

To bracket the uncertainty inherent in any long-
term forecast, alternative cases were used to high-
light the sensitivity of the forecast to different oil
price and economic growth paths. At the consumer
level, oil prices primarily affect the demand for
transportation fuels. Projected oil use for transporta-
tion in the high world oil price case is 3 percent lower
than in the low world oil price case in 2020, as con-
sumer choices favor more fuel-efficient vehicles and
the demand for travel services is reduced slightly. In
contrast, variations in economic growth assumptions
lead to larger changes in the projections of overall
energy demand in each of the end-use sectors [78].
For 2020, the projection of total annual energy use in
the high economic growth case is 11 percent higher
than in the low economic growth case.
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Residential Sector Energy Demand

Residential Energy Use Grows by
22 Percent From 2000 to 2020

Figure 27. Residential primary energy consumption
by fuel, 1970-2020 (percent of total)
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Residential energy consumption is projected to
increase by 22 percent overall between 2000 and
2020. Most (81 percent) of the growth in total energy
use is related to increased use of electricity. Sus-
tained growth in housing in the South, where almost
all new homes use central air conditioning, is an
important component of the national trend, along
with the penetration of consumer electronics, such as
home office equipment and security systems (Figure
27).

While its share of total residential primary energy
consumption remains about the same over time, nat-
ural gas use in the residential sector is projected to
grow by 0.9 percent per year through 2020. Natural
gas prices to residential customers are projected to
decline in the forecast and to be lower than the prices
of other fuels, such as heating oil. The number of
homes heated by natural gas is projected to increase
more than the number heated by electricity and oil.
Petroleum use is projected to fall, with the number of
homes using petroleum-based fuels for space heating
applications expected to decrease over time.

Newly built homes are, on average, 14 percent larger
than the existing stock, with correspondingly
greater needs for heating, cooling, and lighting.
Under current building codes and appliance stan-
dards, however, energy use per square foot is typi-
cally lower for new construction than for the existing
stock. Further reductions in residential energy use
per square foot could result from additional gains in
equipment efficiency and more stringent building
codes, requiring more insulation, better windows,
and more efficient building designs.

Efficiency Standards Moderate
Residential Energy Use

Figure 28. Residential primary energy consumption
by end use, 1990, 1997, 2010, and 2020
(quadrillion Btu)
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Energy use for space heating, the most energy-
intensive end use in the residential sector, grew by
1.9 percent per year from 1990 to 1997 (Figure 28).
Future growth is expected to be slowed by higher
equipment efficiency and tighter building codes.
Building shell efficiency gains are projected to cut
space heating demand by about 7 percent per house-
hold in 2020 relative to the demand in 1997.

A variety of appliances are now subject to minimum
efficiency standards, including heat pumps, air con-
ditioners, furnaces, refrigerators, and water heaters.
Current standards for a typical residential refrigera-
tor, which became effective in July 2001, limit elec-
tricity use to 478 kilowatthours per year. Energy use
for refrigeration has declined by 1.7 percent per year
from 1990 to 1997 and is expected to decline by about
1.9 percent per year through 2020, as older, less effi-
cient refrigerators are replaced with newer models.

The “all other” category, which includes smaller
appliances such as personal computers, dishwash-
ers, clothes washers, and dryers, has grown by 5 per-
cent per year from 1990 to 1997 (Figure 28) and now
accounts for 32 percent of residential primary energy
use. It is projected to account for 40 percent in 2020,
as small electric appliances continue to penetrate
the market. The promotion of voluntary standards,
both within and outside the appliance industry, is
expected to forestall even larger increases. Even so,
the “all other” category is projected to exceed other
components of residential demand by 2020, growing
at an annual rate of 2.1 percent from 2000 to 2020.
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Commercial Sector Energy Demand

Available Technologies Can Slow
Future Residential Energy Demand

Figure 29. Efficiency indicators for selected
residential appliances, 2000 and 2020
(index, 2000 stock efficiency =1)
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The AEO2002 reference case projects an increase in
the stock efficiency of residential appliances, as stock
turnover and technology advances in most end-use
services reduce residential energy intensity over
time. For most appliances covered by the National
Appliance Energy Conservation Act of 1987, the
most recent Federal efficiency standards are higher
than the 2000 stock, ensuring an increase in stock
efficiency (Figure 29) without any additional new
standards. Future updates to the Federal standards
could have a significant effect on residential energy
consumption, but they are not included in the refer-
ence case. Effective dates for new efficiency stan-
dards for water heaters, clothes washers, central air
conditioners, and heat pumps were announced in
January 2001 and are included in the reference case,
which assumes that current legal challenges will not
prevent implementation of the standards in the most
recent DOE announcement on July 25, 2001.

For almost all end-use services, existing technologies
can significantly curtail future energy demand if
they are purchased by consumers. The most efficient
technologies can provide significant long-run sav-
ings in energy bills, but their higher purchase costs
tend to restrict their market penetration. For exam-
ple, condensing technology for natural gas furnaces,
which reclaims heat from exhaust gases, can raise
efficiency by more than 20 percent over the current
standard; and variable-speed scroll compressors for
air conditioners and refrigerators can increase their
efficiency by 50 percent or more. In contrast, there is
little room for efficiency improvements in electric
resistance water heaters, because the technology is
approaching its thermal limit.

Energy Fuel Shares for Commercial
Users Are Expected To Remain Stable

Figure 30. Commercial primary energy
consumption by fuel, 1970-2020 (percent of total)
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Projected energy use trends in the commercial sector
show stable shares for all fuels, with growth in over-
all consumption slowing from its pace over the past
three decades (Figure 30). Commercial energy use,
including electricity-related losses, is projected to
grow at about the same rate as commercial floor-
space, by 1.7 percent per year between 2000 and
2020. Energy consumption per square foot is pro-
jected to increase by a modest 0.1 percent per year,
with efficiency standards, voluntary government
programs aimed at improving efficiency, and other
technology improvements expected to balance the
effects of a projected increase in demand for electric-
ity-based services and stable or declining fuel prices.

Electricity is projected to account for three-fourths of
commercial primary energy consumption through-
out the forecast. Expected efficiency gains in electric
equipment are expected to be offset by the continu-
ing penetration of new technologies and greater use
of office equipment. Natural gas, which accounted
for 20 percent of commercial energy consumption in
2000, is projected to maintain that share throughout
the forecast. Distillate fuel oil made up only 2 per-
cent of commercial demand in 2000, down from 6 per-
cent in the years before deregulation of the natural
gas industry. The fuel share projected for distillate
remains at 2 percent in 2020, as natural gas contin-
ues to compete for space and water heating uses.
With stable prices projected for conventional fuels,
no appreciable growth in the share of renewable
energy in the commercial sector is anticipated.

64 Energy Information Administration / Annual Energy Outlook 2002



Industrial Sector Energy Demand

Commercial Lighting Is the Sector’s
Most Important Energy Application

Figure 31. Commercial primary energy consumption
by end use, 2000 and 2020 (quadrillion Btu)
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Through 2020, lighting is projected to remain the
most important individual end use in the commercial
sector [79]. Energy use for lighting is projected to
increase slightly, as growth in lighting requirements
is expected to outpace the adoption of more energy-
efficient lighting equipment. Efficiency of space
heating, space cooling, and water heating is also
expected to improve, moderating growth in overall
commercial energy demand. A projected increase in
building shell efficiency, which affects the energy
required for space heating and cooling, contributes to
the trend (Figure 31).

The highest growth rates are expected for end uses
that have not yet saturated the commercial market.
Energy use for personal computers is projected to
grow by 3.7 percent per year and for other office
equipment, such as copiers, fax machines, and larger
computers, by 4.1 percent per year. The projected
growth in electricity use for office equipment reflects
a trend toward more powerful equipment, the
response to projected declines in real electricity
prices, and increases in the market for commercial
electronic equipment. Natural gas use for such mis-
cellaneous uses as cooking and self-generated elec-
tricity is expected to grow by 2.1 percent per year.
New telecommunications technologies and medical
imaging equipment are projected to increase electric-
ity demand in the “all other” end-use category, which
also includes ventilation, refrigeration, minor fuel
consumption, service station equipment, and vend-
ing machines. Annual growth of 2.3 percent is
expected for the “all other” category, slowing some-
what in the later years of the forecast as emerging
technologies achieve greater market penetration.

Industrial Energy Use Could Grow by
23 Percent by 2020

Figure 32. Industrial primary energy consumption
by fuel, 1970-2020 (quadrillion Btu)
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From 1970 to 1986, with demand for coking coal
reduced by declines in steel production and natural
gas use falling as a result of end-use restrictions and
curtailments, electricity’s share of industrial energy
use increased from 23 percent to 33 percent. The nat-
ural gas share fell from 32 percent to 24 percent, and
coal’s share fell from 16 percent to 9 percent. After
1986, natural gas began to recover its share as
end-use regulations were lifted and supplies became
more certain and less costly. As on-site cogeneration
increased, the share of industrial delivered energy
use made up by purchased electricity declined.

Primary energy use in the industrial sector—which
includes the agriculture, mining, and construction
industries in addition to traditional manufactur-
ing—is projected to increase by 1.1 percent per year
(Figure 32). Electricity (for machine drive and some
production processes) and natural gas (given its ease
of handling) are the major energy sources for the
industrial sector. Industrial delivered electricity use
1s projected to increase by 32 percent, with competi-
tion in the generation market keeping electricity
prices low. Despite a projected increase in natural
gas prices after 2002, its use for energy in the indus-
trial sector is expected to increase by 25 percent
between 2000 and 2020. Industrial petroleum use is
also projected to grow by 27 percent. Coal use is
expected to remain essentially constant, as new
steelmaking technologies continue to reduce demand
for metallurgical coal, offsetting modest growth in
coal use for boiler fuel and as a substitute for coke in
steelmaking.

Energy Information Administration / Annual Energy Outlook 2002 65



Industrial Sector Energy Demand

Industrial Energy Use Grows Steadily
in the Projections

Figure 33. Industrial primary energy consumption
by industry category, 1994-2020 (quadrillion Btu)
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Approximately 70 percent of all the energy con-
sumed in the industrial sector